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Abstract 

Shale and ultratight gas reservoirs have recently been contributing to the energy industry and gas 

market to a large extent. The dynamics of shale gas transport in porous media is of practical 

importance in several scientific and engineering applications. The characteristics of the transport 

inside the pore space are governed by the mechanisms that occur at the pore level. Recent advances 

in computational power provide the opportunity to investigate these phenomena further. In this 

study, a methodology is developed to create a model in which all the major transport mechanisms 

involved in shale gas flow are taken into account. The mechanisms include viscous flow, gas 

slippage, Knudsen diffusion, competitive adsorption of different gaseous components, pore size 

variation and real gas effect. The model is then utilized on one hand to derive parameters such as 

apparent gas permeability and matrix-fracture fluid exchange term (a.k.a. shape factor) which can 

reduce the computational load while preserving the accuracy and on the other hand to study the 

response of shale gas reservoirs to the feasibility and potentials of carbon storage and enhanced 

gas recovery as well as phenomena such as nano-confinement and chromatographic separation. 

The compositional effects of shale gas can be lumped into a single component using the apparent 

permeability which deems to capture the relevant physics and can replace the Darcy permeability. 

The shape factor required for Darcy scale simulation of shale gas reservoirs obtained from the 

detailed numerical simulations of multi-mechanistic multi-component shale gas flow can be 

modeled versus dimensionless pressure to capture the transient behavior of the matrix-fracture 

fluid transfer in a time-independent fashion. The stronger adsorption of CO2 over CH4 to shale 

surface makes the partially depleted shale gas reservoirs a promising target for CO2 storage as well 

as enhanced natural gas recovery. Up to 55% of the injected CO2 can be trapped as adsorbed phase 

and up to 16% incremental methane recovery can be achieved. The phase behavior of the confined 
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shale gas is significantly different than the behavior of the bulk fluid. Nano-confinement could 

shift critical properties significantly. The effect of confinement on phase diagrams and 

compositional variations of the gas in place was also investigated via numerical simulations. The 

computed apparent permeability and shape factor can be directly used in the macroscale reservoir 

simulators to accurately predict the performance of a shale gas reservoir and the outcomes of this 

study will find applications in the design and implementation of an efficient CO2 injection and 

investigating compositional effects in shale gas simulations.  

 

Keywords: Shale gas reservoirs; Multimechanistic shale gas flow; Apparent gas permeability; 

Multicomponent adsorption; Knudsen diffusion; Slip flow; CO2 sequestration; CO2-EGR; Shape 

factor; Confinement; Phase envelope; Critical properties shift 
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1 Chapter 1-Introduction 

 

1.1 Background 

Shale and tight gas resources known as unconventional reservoirs are abundantly distributed 

over the globe; around 7,800 trillion cubic feet of gas which can be potentially recovered owing 

to the advances in horizontal drilling and hydraulic fracturing, and playing an alternative role 

to the conventional reservoirs, as the latter is experiencing decline in production.1, 2 

The gas in the matrix of shale media is composed of three major portions; free gas accumulated 

in the pore space, which is dominantly produced in the early times, adsorbed gas attached to 

the internal surface of the matrix and dissolved gas in kerogen which will be produced later as 

the average reservoir pressure drops.1-3 Figure 1-1 displays the contribution of the above 

portions to the flow and storage of shale gas at different scales. More detailed explanations of 

these contributions can be found in Appendix A. The main reason why shale reservoirs are 

categorized as unconventional is their tiny pore size (in the order of nanometers) and ultra-low 

permeability (in the order of nanoDarcies) as well as the fact that the source rock and reservoir 

rock are the same.4-6 Viscous flow of the bulk free gas is a small portion of the total gas 

production and the assumptions of instantaneous equilibrium and no-slip condition at the pore 

walls hinder the application of Darcy�s law.7, 8  
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Figure 1-1 Gas storage and flow in shale from nanoscale to macroscale9 

 

The gas flow rates from shale reservoirs are in practice higher than the values Darcy�s law 

would predict at such low permeabilities.5 The above fact indicates the existence of other 

mechanisms contributing to the flow. In addition to the portion of bulk Darcy flow, the flow is 

enhanced due to the slippage (Klinkenberg) effect at the pore walls.8 Gas desorption, which is 

a major contributor to the flow after pressure declines below critical sorption pressure, could 

be the source of half the total gas production.10-13 The size and mean free path of the gas 

molecules are close to the pore radius, causing phenomena such as Knudsen diffusion and 

confinement.4, 14, 15 The fluid-wall interactions and adsorption create a heterogeneous density 

profile in the pores which must be considered in the phase behavior modeling as well as a 

transport mechanism in shale reservoir simulations.16 The pore enlargement should be taken 

into account as the medium pressure declines because it affects the contribution of Knudsen 
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flow and the level of confinement.16 It is also interesting to note that due to a well-known 

phenomenon named chromatographic separation, the temporal and spatial variations in the 

composition of the gas in place occur.14 

The above transport mechanisms add to the nonlinearity of the flow equations and numerical 

modeling would basically be inevitable.14, 17 The conventional well test and decline curve 

analysis methods, even after modifications, would not perform quite satisfying due to longer-

lasting periods of transient flow.18, 19 The numerical-based methods such as Lattice Boltzmann 

(LBM) and especially molecular dynamics (MD) have caused substantial improvements in the 

simulations of shale gas flow, however, they are computationally challenging and expensive 

and suffer from prohibitive restrictions on the size of the domain and the total time of 

simulation.20-22 There are computationally cheaper numerical models which have been 

successfully applied to shale gas flow problem despite the complexity and ignoring one or a 

few of the transport mechanisms.23-26 A model that can account for all the major contributing 

mechanisms involved in shale gas flow and also does not impose large restrictions on the 

practicality of the simulations is felt missing in the literature. 

1.2 Statement of the problem 

The physical mechanisms contributing to shale gas flow must be deeply understood and 

included in the model for accurate simulations. The major mechanisms governing the flow in 

shale media include viscous flow, slip flow, Knudsen diffusion, adsorption/desorption, pore 

radius variation and phenomena such as confinement and chromatographic separation. 

The set of all the above factors are not included in commercial field-scale reservoir simulators, 

and as mentioned earlier, the models presented so far in literature are either too computationally 

expensive or do not consider all the major contributing mechanisms at one place. Therefore, it 

is essential to develop a model that covers the coupled effects of all the above 
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mechanisms/phenomena to prevent erroneous predictions in shale gas reservoir simulation 

studies.  

1.3 Objectives and methodologies 

In this research, a numerical model is developed in which the contributions from all the above 

major flow mechanisms such as viscous and slip flow, Knudsen diffusion and sorption are 

included to compensate for their exclusion in commercial reservoir simulators. This model is 

first validated against simple cases for which analytical solutions exist and then utilized to 

conduct different studies on shale gas flow dynamics. The objective of this study is mainly the 

investigation of the effects of different mechanisms and phenomena under different scenarios 

and also develop ideas to produce guidelines and help expedite the simulation process. The 

details of the work are presented in the following section. 

1.4 Dissertation outline 

This dissertation has been prepared in a paper-based format and includes six chapters. The first 

chapter is the Introduction in which the problem is stated, and the objectives of the study are 

presented. The next four chapters, Chapters 2 to 5, are the main body of the dissertation. Each 

chapter is prepared as a manuscript and is published in peer-reviewed journals.  

Chapter 2 discusses the concept of apparent permeability in shale porous media and presents a 

novel idea and framework to modify conventional rate transient analysis for our purpose and 

extract the gas apparent permeability from flow data. The obtained apparent permeability is 

then used to reduce the simulation runtimes to a large extent without sacrificing accuracy. This 

chapter is a reproduced version of the manuscript entitled �Estimation of shale apparent 
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permeability for multimechanistic, multicomponent gas production using rate transient 

analysis� which is published in Energy & Fuels.1 

In Chapter 3, the potential of partially depleted shale gas reservoirs for CO2 sequestration and 

enhanced gas recovery is studied. The sensitivity of the shale gas reservoir performance to 

reservoir parameters such as pressure, temperature and Darcy permeability is discussed and the 

effect of sorption on the level of storage and enhanced recovery is investigated. This chapter is 

a reproduced version of the manuscript entitled �CO2 sequestration coupled with enhanced gas 

recovery in shale gas reservoirs� which is published in the Journal of CO2 Utilization.2 

The transfer function between matrix and fracture, known as shape factor, is obtained 

numerically from the simulation results in Chapter 4. The procedure is validated and tested 

under different sensitivity case studies. The main advantage of using shape factor in the 

simulations is to reduce runtime while keeping accuracy at a reasonable level. The idea of using 

dimensionless pressure instead of dimensionless time and the benefit of real gas pseudo 

pressure in the derivation of shape factor for different gas compositions is well proposed and 

justified. This chapter is a reproduced version of the manuscript entitled �Matrix-fracture 

transfer shape factor for modeling multimechanistic multicomponent shale gas flow� which is 

published in the International Journal of Heat and Mass Transfer.3  

                                                 

 

1 Mohagheghian, E., Hassanzadeh, H. and Chen, Z., 2019. Estimation of shale apparent permeability for 
multimechanistic, multicomponent gas production using rate transient analysis. Energy & Fuels, 33(3), pp.1990-
1997. 
2 Mohagheghian, E., Hassanzadeh, H. and Chen, Z., 2019. CO2 sequestration coupled with enhanced gas recovery 
in shale gas reservoirs. Journal of CO2 Utilization, 34, pp.646-655. 
3 Mohagheghian, E., Hassanzadeh, H. and Chen, Z., 2020. Matrix-fracture transfer shape factor for modeling 
multimechanisitc multicomponent shale gas flow. International Journal of Heat and Mass Transfer, 158, 
p.120022. 
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Chapter 5 explores the effects of nano-confinement and chromatographic separation on the 

shale gas phase behavior as well as temporal and spatial variations of composition within the 

reservoir at different levels of confinement. The simulation results show that using bulk fluid 

properties without applying required corrections for the confinement effect causes significant 

error in the existing reservoir simulators. This chapter is a reproduced version of the manuscript 

entitled �Evaluation of shale gas phase behavior under nano-confinement in multimechanistic 

flow� which is published in Industrial & Engineering Chemistry Research.1 

Finally, the last chapter summarizes the main conclusions of this study and provides 

recommendations for further research.  

 

 

 

 

 

 

 

 

 

 

 

                                                 

 

1 Mohagheghian, E., Hassanzadeh, H. and Chen, Z., 2020. Evaluation of shale gas phase behavior under nano-
confinement in multimechanisitc flow. Industrial & Engineering Chemistry Research. 2020, 59, 33, 15048�
15057. 
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2 Chapter 2 - Estimation of shale apparent permeability for multi-mechanistic multi-

component gas production using rate transient analysis1 

 

Abstract

Gas-producing shale and ultra-tight reservoirs are playing a key role in the energy industry and 

the global gas market. Compositional simulation of gas production from shale media in the 

presence of different mechanisms such as viscous flow, slip flow (Klinkenberg effect), 

Knudsen diffusion, sorption, pore radius variation and real gas effect is a computational 

challenge. In this work, we present a model that takes into account all the noted mechanisms 

of gas transport in shale media. It is shown that the compositional effect of gas in shale media 

can be lumped into a single component by introducing an apparent gas permeability, which can 

be estimated from the conventional rate transient analysis. The main contribution of this study 

is a workflow incorporating the relevant physics into a single term (apparent permeability) 

which will substitute Darcy permeability. This procedure reduces the simulation runtime 

substantially and will find applications in reservoir characterization and simulation of 

production from shale gas reservoirs.   

Keywords: Shale gas; Apparent gas permeability; Sorption; Knudsen diffusion; Slip flow 

 

 

 

                                                 

 

1 This chapter is a reproduction of the following article:  
Mohagheghian, E., Hassanzadeh, H. and Chen, Z., 2019. Estimation of shale apparent permeability for 
multimechanistic, multicomponent gas production using rate transient analysis. Energy & Fuels, 33(3), pp.1990-
1997. 
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2.1 Introduction 

As production from conventional gas resources declines, unconventional shale and ultra-tight 

gas reservoirs have attracted a great deal of attention, especially in the United States 1, 2. The 

promising future of these reservoirs is caused by recent advances in horizontal drilling and 

hydraulic fracturing technology 3. Different transport mechanisms involved in shale gas 

production make the gas system unique and complex. A range of 1 to 200 nm  for the pore size 

and permeability in the order of nanoDarcys 4-6 invalidate the applications of Darcy�s law and 

the Navier-Stokes equations 7, 8.  

Viscous flow of the compressed free gas provides a small portion of the production, whereas 

adsorbed and dissolved gas in the kerogen are the two main contributors to the flow 9-11. 

Desorption, which is pronounced after pressure is declined below a critical sorption pressure, 

could be the source of up to half of the total gas production 12. The mean free path of gas 

molecules is almost in the same order of magnitude as the size of the pores, resulting in a high 

Knudsen number flow 13. Thus, Knudsen diffusion is not negligible, especially at lower 

pressures and smaller pore radii 4. The no-slip boundary condition is no longer valid 8; and pore 

enlargement due to pressure depletion would also play a role in gas production. The above 

mechanisms in shale media lead to gas production rates higher than the values predicted by 

continuum models.  

Many attempts have been made to model the apparent gas permeability of shale reservoirs and 

lump the effects of different transport mechanisms in one expression, which can substitute for 

intrinsic (Darcy) permeability. Most of these models are either correlations, which are derived 

empirically based on matrix permeability, or use ideal gas law in a set of capillary tubes 5, 14-16. 

Civan used the single pipe model presented by Beskok and Karniadakis 17 and developed a 

simple Hagen-Poiseuille type correlation including a second-order approximation for slip flow; 
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however, it involves using parameters such as rarefaction coefficient and specific grain surface 

which have to be determined experimentally 15. Recently, simple analytical models have been 

presented, the majority of which do not include all the contributing transport mechanisms. 

Apparent permeability function (APF) and nonempirical apparent permeability (NAP) are 

well-known examples of this category. APF includes the effects of slip flow and Knudsen 

diffusion, however, ignoring desorption 2. NAP, which is derived based on the Navier-Stokes 

equations and contains no empirical parameters, takes into account the effects of Knudsen 

diffusion and sorption, while overlooking slip flow. Surface diffusion, pore surface roughness 

and mineralogy are deemed to have negligible effects on shale gas production 11. 

Molecular dynamics (MD) and lattice Boltzmann methods (LBM) are the most reliable 

approaches to describe flow in shale reservoirs 18-20; however, high computational costs impose 

major restrictions on their use 21. On the other hand, computationally cheaper numerical models 

have been fairly successful in shale gas flow modeling although most of them are complex 

and/or ignore one or more of the transport mechanisms 22-25. For example, Rezaveisi et al. 

developed a one-dimensional linear numerical model to study the effect of fluid flow processes 

(Knudsen diffusion, viscous and slip flow) on the change in the composition of the produced 

gas. Different components are produced at different rates depending on their physicochemical 

properties leading to chromatographic separation in the shale porous medium. The effects of 

sorption and pore radius change were, however, ignored 26. A brief tabulated survey of most 

well-known models can be found elsewhere 21.  

Conventional well test analysis methods are derived based on Darcy�s law, hence are not 

appropriate means to accurately estimate shale gas reservoir parameters 27. The mechanisms 

contributing to shale gas production cause the apparent permeability of shale reservoirs to be 

higher than Darcy (liquid equivalent) permeability. Decline curve analysis and empirical 
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correlations are the classical tools of production data analysis 28. The decline equations have 

been extended and type curves have been generated using dimensionless variables 29. Rate 

transient data analysis is an efficient tool to reduce the uncertainty of gas production evaluation 

and is widely used to estimate long-term production from shale gas reservoirs producing under 

constant wellbore pressure 30. The square-root-of-time plot for linear flow, which is the 

dominant flow regime in shale gas reservoirs, has been introduced to evaluate parameters such 

as permeability 30. Later on, several authors tried to improve the accuracy of predictions by 

including and/or modifying pseudo variables 31, 32.  

As noted earlier, several mechanisms play role in gas transport through shale media. 

Developing a comprehensive model, which can capture the effects of all the contributing 

mechanisms, especially at field scale is a complicated task and the computational demand is 

high. The purpose of this study is to develop a model that accounts for the role of all significant 

mechanisms contributing to multi-component shale gas production. The numerical reservoir 

model presented in the later sections includes the effect of viscous flow, slip flow (Klinkenberg 

effect), Knudsen diffusion, sorption, pore radius change and real gas effect on shale gas 

production.  

In the following, the model including the governing equations and boundary conditions as well 

as reservoir input properties are described. The developed numerical model is then used to find 

an apparent gas permeability based on the rate transient data analysis. The apparent 

permeability, which theoretically lumps the effects of different transport mechanisms, reduces 

the computational time substantially, while keeps the accuracy of predictions within an 

acceptable range compared to the simulation results where all mechanisms are accounted for 

individually. The model actually represents a shale matrix block producing multi-component 

gas from the adjacent fracture. In the presence of experimental gas production data from shale 



 

12 

 

core plugs, the model can be applied to obtain gas apparent permeability, which can replace 

Darcy permeability and lump the effects of all the involved mechanisms to expedite the 

simulation process. To the best of our knowledge, such a model incorporating the simultaneous 

effects of all the above mechanisms on a multi-component gas system has not been presented 

in the literature.  

 

2.2 Mathematical formulation 

  Model description 

A few models have been proposed in the literature to model multi-component gas flow in shale 

reservoirs 33, 34. The advective-diffusive model employs Darcy�s law and Fick�s law to take 

into account the effects of advection and diffusion, respectively. Permeability is corrected using 

one single Klinkenberg parameter for the whole system and this fact reduces the flexibility of 

the available models, especially at low pressures 35-37.  

The dusty-gas model employs kinetic theory of gases to include ordinary and Knudsen 

diffusion as well as advection for the flux of each component of the gas 38. Although the dusty-

gas model yields more robust results, the interaction between molecules leads to a coupled 

system of partial differential equations, hence the problem becomes complex and the 

computational cost increases. A comparison between the above two models can be found 

elsewhere 35. 

The model used in this study is an extension of the model proposed by Rezaveisi et al. 26 and 

modified to include the effect of sorption and pore radius change. To this aim, the non-revised 

Langmuir adsorption model is employed to account for the adsorption capacity of different 

components 39.  The flux of each component iF
fi

 is modeled as follows: 
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where iy  is the mole fraction of component ,i  r  is the molar density of the gas mixture, Dk  

is Darcy permeability, m  is viscosity, ib  is the Klinkenberg parameter for component i , ,kn iD  

is effective Knudsen diffusion coefficient of component i , P  is pressure, R  is the universal 

gas constant, T  is temperature and Z  is gas compressibility factor.   

As pressure declines during production, free gas is produced and the pressure difference created 

between shale bulk matrix (kerogen) and porous space causes desorption of the gas 40. 

Langmuir isotherm adsorption model has proved successful in fitting the experimental shale 

sorption data 12. The non-revised Langmuir model is the most commonly used means to predict 

adsorption capacities of different components of a gas mixture. The following equation models 

the adsorbed moles of component i  per unit volume of shale ( ),a iq   39, 40: 
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where sr  is the shale density, scP  and scT are standard pressure and temperature, respectively, 

,L iV is the Langmuir volume of single component ,i which is the maximal volume of the gas 

component adsorbed to the unit mass of shale, ,L iP is the Langmuir pressure or the pressure at 

which half of ,L iV is reached and cN is the number of components.  

The Klinkenberg parameter for component i  is given by 

8 2 1 ,i
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RTb
M r
p m

a
� �
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(2-3) 



 

14 

 

where iM  is the molar mass of component i  and effr  is the effective pore radius, which is 

updated versus changes of pressure and composition in the course of simulation. Parameter ia  

is the tangential momentum accommodation coefficient (TMAC) of component .i  TMAC is 

the ratio of diffusive to specular (mirror like) reflection of molecules from a surface and it 

depends on physicochemical properties of the surface, the type of the gas, pressure and 

temperature. The following correlation has been proposed by Agrawal and Prabhu 41 based on 

experimental data and is extended for a multi-component mixture to be used in our model. 

( )0.71 log 1 ,i iKna = - + �� (2-4) 

iKn  is the Knudsen number of component ,i which is defined as the ratio of the mean free path 

of gas molecules to the characteristic length of the system (pore radius), and is modeled as 

given below 5: 

2
,

2
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k TKn
r Pp d
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(2-5) 

where id  is the molecular diameter of component i and Bk is Boltzmann constant. 

The following equation is utilized to account for the effect of pore enlargement caused by 

pressure depletion 40:  
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where avr  is the average pore radius as given by Equation (2-7) 42: 

8 ,D
av

kr t
f

= ��
(2-7) 

where f  and t  are the porosity and tortuosity of shale 43, respectively. A range of 2 to 40 has 

been proposed for tortuosity in literature.26 
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,kn iD  (effective Knudsen diffusivity) is the modified molecular diffusion coefficient 5 to 

account for the effects of porosity and tortuosity 35 as follows:  

,
16 .
3

D
kn i

i

RTkD
M

f
p t

= ��
(2-8) 

The derivation of effective Knudsen diffusivity is explained in Appendix A. The properties of 

the base case linear reservoir model are presented in Table 2-1.  

 

Table 2-1. Parameters used in the base case reservoir model 

Property Value 
Darcy permeability, [ ] Dk nD   100  

Porosity, [ ] f -    0.1 

Length, L [ ]m    4  
Initial pressure [ ]/psia MPa   5000/34.5 
Bottom hole pressure [ ]/psia MPa   1000/6.9 
Temperature, T [ ]C°   100 
Tortuosity,  [ ] t -  4 
Mole fractions of C1, C2, C3, CO2 ( iy ) 0.6, 0.25, 0.1, 0.05 
Langmuir volume C1, C2, C3, CO2 

3 /cm g� �� �  0.98, 1.78, 1.54, 1.91 

Langmuir pressure C1, C2, C3, CO2 [ ]MPa  3.05, 2.5, 3.0, 1.68 
 

 

  Governing equations 

The temporal partial differential form of the mass accumulation term considering free and 

adsorbed gas in a porous medium with constant porosity containing multi-component single-

phase gas is as follows: 



 

16 

 

( ) ( )

( ) ( )

,

,

,

1 ,

1

1
.

1

i a i

sc
s L i i

i sc Nc
jL i

j L j

y q
t t

P V Pyy yt RT P t P
P

f r f

f r
f r

=

¶ ¶+ - =
¶ ¶

� �
� �-¶ ¶ � �+
� �¶ ¶ +� �
	 


�

��

(2-9) 

The hidden assumption in the second term on the left is that all the matrix surface is filled with 

adsorbed gas, which may not be true in reality. According to mass conservation, the above term 

must be equal to the negative divergence of the flux of component i  disregarding sink/source 

term. The flow vector term of the system considering viscous flow, slip flow and Knudsen 

diffusion in a 1D linear model is given by Equation (2-10). 
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(2-10) 

Using the real gas law for molar density ( )/P ZRTr =  and isothermal flow assumption, the 

final form of the mass conservation equation in the system of interest is obtained as given by 

Equation (2-11).  
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(2-11) 

 

The above equation is actually a system of coupled partial differential equations that is solved 

for pressure and the mole fractions of ( 1)cN -  components, considering that mole fractions 

must add up to unity ( 1)i
i

y =� . 
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The gas compressibility factor is obtained using the Peng-Robinson equation of state 44 and the 

Lee correlation is utilized to calculate gas viscosity 45.  

Appropriate initial and boundary conditions are prescribed to the system. The pressure and gas 

composition are initially set at the values presented in Table 2-1. Transmissibilities are set to 

zero at the left end of the model (no-flow boundary condition). The constant pressure of 

1000 psia  and zero concentration gradient of the components are the conditions at the right 

boundary. 

 

 Rate transient analysis 

 The gas diffusivity equation can be expressed as  

2 ,c
k t

fm y y¶ = Ñ
¶

��
(2-12) 

where y is the real gas pseudopotential presented as the following integral from a reference 

pressure ( )refp to an arbitrary pressure ( )p  46: 

r

( ) 2 .
ef

p

p

Pp dP
Z

y
m

= � ��
(2-13) 

The solution to the gas linear flow equation in an infinite reservoir producing under a constant 

pressure condition is given by 47 

1 2 ,DA
D

t
q

p p= ��
(2-14) 

where the dimensionless gas flow rate ( )Dq  and dimensionless time based on cross-sectional 

area to flow ( )cA  are defined below. 

[ ]( ) ( )1 ,
1424

c i w

D g

k A p p
q q T

y y-
= ��

(2-15) 
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( )
0.006328 ,DA

t ci

ktt
c Afm

= ��
(2-16) 

where k  is the reservoir permeability in ,mD ip  and wp represent the initial reservoir and 

constant flowing pressure in ,psia  respectively, gq  denotes the gas production rate in 

/ ,Mscf day  m is the gas viscosity in ,cp  c  is the gas isothermal compressibility in 1psia-  and 

subscript i  refers to the initial state.  

The following procedure is employed in this study to obtain the apparent gas permeability for 

the numerically simulated cases. The reciprocal of the gas production rate versus time on a log-

log plot results in a half-slope straight line. The half-slope line determines the beginning and 

end of the linear flow period. The point at which the solution deviates from half slope is the 

start of the boundary-dominated flow. After substitutions and rearrangement of Equations (2-

14) to (2-16) and recognizing the fact that the plot of the reciprocal of the gas production rate 

versus the square root of time generates a straight line, the following equation is obtained to 

find the apparent gas permeability for different case studies 30: 

[ ] ( )
1262 ,

( ) ( )
c

i w cp i

Tk A
p p m cy y fm

=
-

��
(2-17) 

where cpm  denotes the slope of the constant-pressure straight line. 

 

2.3 Methodology 

The transport mechanisms considered here make the system of equations highly nonlinear, 

hence a numerical solution approach is inevitable. The equations are discretized using 

backward differences in time and centered differences in space, and upwinding is used to 

estimate the values of the parameters at block interfaces. There are cN  unknowns/independent 

equations per grid block, so a system of algebraic equations with a dimension of c bN N·  
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should be solved at each time step, where bN is the number of grid blocks. The Newton-

Raphson iterative approach is used to obtain the unknown values (pressure and composition) 

at the next time step fully implicitly and march in time. The convergence criterion is the norm 

of the residual vector (the difference between the temporal and spatial sides of Equation (2-

11)) to be lower than a threshold ( )410 .e -£   

The procedure to obtain the apparent gas permeability is described as follows. For a fixed set 

of reservoir shale properties, two scenarios are simulated using the same Darcy permeability

( ).Dk  One scenario is the simulation of a gas production from a shale matrix block filled with 

methane under the effect of pure Darcy flow, and the second scenario is the simulation of 

methane production where all the involved transport mechanisms are considered. Gas 

production rates versus time are obtained and the linear flow period is determined for each 

scenario from the log-log plot of the reciprocal of gas production rate versus time. Next, the 

square-root-of-time plots are generated and the slope of the constant-pressure straight line over 

the linear flow period is measured on each plot 1( cpm  and 2 ).cpm  The slope is inversely 

proportional to the square root of permeability as shown in Equation (2-17). Assuming a 

permeability equal to the input Darcy permeability ( )Dk for the first scenario, an apparent 

permeability ( )appk  is obtained for the second scenario from the ratio of the constant-pressure 

line slopes. This apparent permeability once incorporated into a Darcy model with single-

component gas with the average properties of the reservoir gas is expected to recover the 

production behavior of a multi-component and multi-mechanistic gas production leading to a 

significant saving in the computational time. This procedure is validated by comparing the 

simulation results of a multi-component and multi-mechanistic case with Darcy permeability 

( )Dk  against those of a single-component Darcy flow with the apparent permeability ( ).appk   A 
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flowchart summarizing the above procedure is presented in Figure 2-1. It is worth noting that 

the obtained apparent permeability is only for the matrix and does not capture the interactions 

between matrix and fracture. 

In the following, the applicability of the proposed apparent gas permeability is validated and 

then tested on two case studies with two sets of rock properties and different gas compositions. 

In case that gas production data from a shale core plug are available, this procedure can be 

applied to our model with the shale properties to obtain the apparent permeability and substitute 

it for Darcy permeability in the grid blocks of the reservoir simulation model. The advantage 

of the apparent gas permeability is a large reduction in computational time without imposing a 

significant error. 
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Figure 2-1 The flowchart of the procedure of obtaining apparent gas permeability and validation 

 

2.4 Results and discussion 

 Apparent gas permeability (Case study I) 

In this section, two simulation scenarios are performed in the first step to obtain the apparent 

permeability. The reservoir rock properties, pressures and temperature are those from Table 2-

1. A grid spacing of 0.02 m  (200 grid blocks for the length of 4 )m  was selected as the optimal 

size after conducting sensitivity analysis. One scenario is methane production under the effect 

of pure Darcy flow. The second is methane production including the effects of all the transport 

mechanisms including viscous flow, slip flow (Klinkenberg effect), Knudsen diffusion, 

sorption, pore radius change and real gas effect on shale gas production. The log-log plots of 
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the reciprocal of the gas production rate versus time are generated and the beginning and end 

of the half slope line are determined for each case. The above plot for the second scenario is 

shown in Figure 2-2 The half-slope line is tangent to the curve after very early time to the point 

where the boundary dominated flow starts. This period is known as the linear flow period. 

 

 

 

Figure 2-2. The log-log plot of the reciprocal of gas efflux versus time for the multi-component multi-
mechanistic gas flow in shale medium including viscous flow, slip flow (Klinkenberg effect), Knudsen diffusion, 
sorption, pore radius variation and real gas effect with a Darcy permeability of 100 .nD  

 

Then, the reciprocal of rates are plotted versus the square root of time, the slope of the constant-

pressure lines ( )cpm  are measured and the apparent permeability is obtained from Equation (2-

17) (the ratio of the slopes of the constant-pressure lines following the procedure explained in 

the �Methodology� section) for the second scenario where all the mechanisms are involved. 

The square-root-of-time plot for the second scenario is presented in Figure 2-3, as an example. 
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This process yields a permeability of about 190 nD  for the second scenario, which is an 

indication that the apparent permeability is higher than Darcy permeability.  

 
Figure 2-3. The log-log plot of the reciprocal of gas efflux versus the square-root-of-time for the multi-
mechanistic case with a Darcy permeability of 100 .nD  

 

 

The above apparent permeability is used in the later simulations of this case study. In the first 

experiment, one simulation is conducted with the multi-component gas mixture and reservoir 

properties of the base case (refer to Table 2-1) where all the mechanisms are included. Another 

simulation is performed with a Darcy permeability of 190 nD  including one single lumped 

component with the average gas properties of the same mixture. The only mechanism included 

in this scenario is Darcy flow. The computational time of the latter is by an order of magnitude 

lower than that of the former (three hours compared to 45 hours on a desktop quad-core 

computer). It is expected that the results of the single-component case (only Darcy flow, 
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permeability of 190 )nD  compares well with the multi-component multi-mechanistic case 

(permeability of 100 ).nD   

The temporal variation of pressure at the no-flux boundary of the medium and gas production 

rate versus time are shown in Figures 2-4 and 2-5, respectively. As can be viewed, the error 

caused by lumping the components into a single one and replacing Darcy permeability with the 

obtained apparent permeability is negligible compared to the case with a permeability of 

100 nD  where a multi-component gas is produced by the coupled effects of viscous flow, slip 

flow, Knudsen diffusion and sorption. The pressure deviation is insignificant and the temporal 

average pressures are almost the same. The gas production rates also match perfectly except a 

small difference observed towards the end of the simulation time.  

 

Figure 2-4. Temporal variation of pressure at the no-flux boundary for the multi-component multi-mechanistic 
case ( )100 nDk =  and the single component Darcy flow ( )190 .nDk =  The multi-mechanistic case simulates flow 
of multi-component gas in shale medium including viscous flow, slip flow (Klinkenberg effect), Knudsen 
diffusion, sorption, pore radius variation and real gas effect with the properties of the base case. The single 
component case simulates Darcy flow of a single-component gas with an apparent permeability obtained from the 
multi-mechanistic case. 
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Figure 2-5. Efflux of gas versus time for the multi-component multi-mechanistic base case (solid line) and 
single component Darcy flow (dashed line). The apparent permeability used in Darcy flow simulations is  
( )190 ,nDk =  which is obtained from the multi-mechanistic case. 

 

The above upscaling task was carried out to validate the procedure of simplifying the 

simulations by using an apparent permeability. The apparent permeability depends on pressure, 

average pore size and gas type 11. An important question that needs to be addressed is related 

to the generalization of the proposed upscaling notion. A confident answer to this question and 

the sensitivity of the apparent permeability to different parameters require a comprehensive 

investigation; however, to check the applicability of the concept, gas composition is selected 

as a test measure.  

In the second experiment of this case study, simulations were conducted using the data 

provided in Table 2-1 with different methane mole fractions of 0.7  and 0.8.  The apparent 

permeability obtained from the previous step ( 190 )appk nD=  was used on a single component 

with average gas properties and including only the effect of Darcy flow.  Figures 2-6 and 2-7 
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show the results of the two scenarios. The gas production rate from the simplified scenario with 

an apparent permeability of 190 appk nD=  is reasonably accurate when compared with the 

complex multi-mechanistic case. In a second case study, the applicability of the procedure will 

be tested on a different set of properties for the reservoir model. 

 

Figure 2-6. Efflux of gas versus time for the multi-component multi-mechanistic case (solid line) with 

1100 ,  0.7CnD yk == and single component Darcy flow (dashed line) with 190 .nDk =  
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Figure 2-7. Efflux of gas versus time for the multi-component multi-mechanistic case (solid line) with 

1
100 ,  0.8Ck nD y= = and single-component Darcy flow (dashed line) with 190 .k nD=  

 
 

 Apparent gas permeability (Case study II) 

The sole effect of composition was investigated in the previous case study. To confirm the 

validity of the model, a system with different properties than those of the base case is selected. 

A permeability of 200 ,nD  porosity of 0.15,  medium length of 6 ,m  Initial pressure of 

4500 ,psia  temperature of 70 C°  and tortuosity of 10  are assigned to the second case study. A 

grid spacing of 0.024 m  (250 grid blocks for the length of 6 )m  was selected as the optimal 

size after conducting sensitivity analysis. The same procedure explained under the section of 

�Methodology� was repeated; i.e., one simulation of methane production under the effect of 

pure Darcy flow and another including all the contributing mechanisms were performed and 

the slopes of the constant-pressure lines on the square-root-of-time plot were employed to 

obtain the apparent gas permeability. The acquired apparent permeability is 280 .nD   



 

28 

 

Then three experiments are carried out with mole fractions of 0.7,  0.8  and 0.9  for methane 

with Darcy permeability of 200 nD  and including all the mechanisms involved, namely 

viscous flow, slip flow, Knudsen diffusion, adsorption/desorption, pore enlargement and real 

gas effect. For each experiment, a simulation on a single-component gas with the average 

properties of the original mixture and apparent permeability of 280 nD  is conducted. The 

results of the temporal change of gas efflux for the above experiments are depicted in Figures 

2-8 to 2-10. 

 
Figure 2-8. Efflux of gas versus time for the multi-component multi-mechanistic case (solid line) with 

1

200 ,  0.7Ck nD y= = and the single component Darcy flow (dashed line) with 280 .k nD=  
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Figure 2-9. Efflux of gas versus time for the multi-component multi-mechanistic case (solid line) with 

1

200 ,  0.8Ck nD y= = and the single component Darcy flow (dashed line) with 280 .k nD=  
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Figure 2-10. Efflux of gas versus time for the multi-component multi-mechanistic case (solid line) with 

1

200 ,  0.9Ck nD y= = and the single component Darcy flow (dashed line) with 280 .k nD=  

 
 
As can be viewed in the above figures, the proposed proxy acts perfectly well and the model is 

capable of yielding accurate results by approximately an order of magnitude faster. The 

experiments with lower methane mole fractions were also conducted for our own test and 

acceptable results were achieved. The validity of the simplifying assumptions and the 

applicability of representing all the contributing mechanisms in a single term, namely apparent 

permeability, are realized. This can provide a basis and guideline to reduce the computational 

load in large-scale numerical reservoir simulations of gas production from shale media. 

Although the model is one-dimensional, if compositional gas production data are available 

from experimental measurements on shale core plugs, the model and procedure developed in 

this study can be applied to assign different apparent permeabilities, including the effects of 

multiple transport mechanisms, to heterogeneous shale gas reservoirs.  
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2.5 Summary and Conclusions 

A numerical model was presented to simulate the efflux of gas from shale matrix blocks. 

Various contributing transport mechanisms including viscous and slip flow, Knudsen diffusion, 

gas adsorption/desorption, pore enlargement and real gas effect are included in the simulations. 

A combination of all of these mechanisms responsible for the flow of multi-component gas in 

shale media has not been reported in the literature. In particular, we have included the effect of 

sorption and pore enlargement. These are significant phenomena, ignoring whose effect could 

cause a significant error in the prediction of gas efflux from matrix blocks of shale media and 

underestimation of the shale apparent permeability. 

Compositional simulation of the multi-mechanistic gas flow in shale media is computationally 

very challenging. An important question that was addressed in this work is the possibility of 

lumping all the components into a single one while maintaining the accuracy of the prediction 

of gas efflux from shale media.  The results show that the analysis of multi-component gas 

efflux versus time (the reciprocal of gas efflux versus the square root of time) from shale media 

can be used to obtain an apparent permeability. The obtained apparent permeability when used 

in a single-component Darcy flow model enables us to predict the gas efflux from a shale matrix 

block with high accuracy. The model is one-dimensional and homogeneous which does not 

capture the effects of three-dimensional phenomena, heterogeneity and water film in shale 

matrix; however, it can be suitably utilized to simulate the experimental gas production data 

and obtain apparent gas permeability for grid blocks of a shale gas reservoir model. The 

proposed lumping scheme can significantly reduce the computational burden of multi-

component multi-mechanistic gas flow simulation and will find applications in large-scale 

numerical simulation of gas production from shale media.     
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Chapter 3 - CO2 sequestration coupled with enhanced gas recovery in shale gas 
reservoirs1 

 
 

Abstract

Carbon capture and storage in depleted shale gas reservoirs offer an opportunity to utilize CO2 

for enhanced gas recovery while providing access to fossil fuels. To evaluate CO2 sequestration 

coupled with enhanced gas recovery (CSEGR), we have developed a model that takes into 

account all the major contributing mechanisms in shale gas dynamics including viscous flow, 

gas slippage, Knudsen diffusion, competitive adsorption of different components, pore size 

variation and real gas effect. The CSEGR process is divided into periods of primary production, 

CO2 injection, soaking and secondary simultaneous production of CO2 along with other natural 

gas components. Numerical simulations are conducted to study the feasibility of CO2 

sequestration and enhanced gas recovery and analyze the response of the shale gas reservoir to 

input variables including reservoir pressure, temperature and intrinsic permeability. The results 

show that the stronger adsorption of CO2 over CH4 molecules to shale surface is the main 

influencing mechanism on CO2 sequestration. It is shown that 30-55% percent of the injected 

CO2 can be trapped as adsorbed phase in shale while providing 8-16% incremental gas 

recovery.   Comparing trapping efficiency of CSEGR with other methods of accelerating CO2 

dissolution in deep saline aquifers, adsorbed phase trapping is promising. 

Keywords: Shale gas reservoir; CO2 sequestration; CSEGR; Enhanced gas recovery; 

Sorption; Adsorbed phase trapping 

 

                                                 

 

1 This chapter is a reproduction of the following article:  
Mohagheghian, E., Hassanzadeh, H. and Chen, Z., 2019. CO2 sequestration coupled with enhanced gas recovery 
in shale gas reservoirs. Journal of CO2 Utilization, 34, pp.646-655. 
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3.1 Introduction 

Global warming caused by the emission of anthropogenic carbon dioxide (CO2) and other 

greenhouse gases has become a major challenge faced by industrial countries. CO2 capture and 

storage (CCS) in geological formations as an option to mitigate emission has attracted a great 

deal of attention [1-3]. Depleted oil and gas reservoirs [4], deep saline aquifers [5], unmineable 

coalbeds [6], gas hydrates [7] and depleted shale gas reservoirs [8] are the main geological 

targets for CO2 storage. Capture and geological storage have the potential to reduce global 

carbon dioxide emissions significantly if the technologies are utilized efficiently [9].  

Among the noted options, storage in oil and gas shales has been relatively less studied. While 

the infrastructures for extraction of gas shales exist or currently under development, integration 

of geological storage of CO2 with gas recovery from these formations provides unique 

opportunities for the reduction of CO2 emissions.    

Unconventional reservoirs such as gas shales are distributed over the world and are considered 

as an abundant alternative source of energy with a technically recoverable amount of 

approximately 7800 trillion cubic feet (TCF) of gas [10]. The recent advances in horizontal 

drilling and hydraulic fracturing technology have made production from shale reservoirs an 

economically viable option [11, 12]. The gas, mainly methane, is stored in shale in the form of 

free gas, adsorbed gas or dissolved in the kerogen [13]. The free gas exists in the pore space 

and natural fractures. The adsorbed gas is attached to the internal surface of shale if the 

attractive forces between the gas molecules and solid surface are greater than those between 

the molecules [14]. The adsorption capacity depends on the total organic carbon (TOC) content 

of shale and the clay minerals and the adsorbed phase could contribute to the total gas in place 

in the range of 20  to 85% [15]. The dissolved gas in kerogen is released and diffused into the 

porous structure of shale upon pressure decline [16].  
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Permanent geological storage of CO2 into depleted shale gas reservoirs is possible as shale 

plays could act as impermeable barriers to CO2 to prevent possible leakage. The storage 

mechanisms of CO2 in shale include hydrodynamic, adsorption, solution, and residual or 

capillary trapping. Adsorption trapping is the critical mechanism of storage compared to the 

rest as the adsorbed gas is the least likely to escape over geological time spans. The abundance 

of shale formations over the world as well as the high adsorption affinity of CO2 for shale 

indicate the larger storage potential of shale reservoirs compared to the alternatives [17].  

CO2 sequestration in gas shale formations can be coupled with enhanced methane recovery to 

compensate for the cost of storage. The economic potential estimate of CO2 sequestration 

enhanced gas recovery (CSEGR) is about 280 Gt  CO2 storage and 2500 TCF  additional 

methane recovery [18]. It is experimentally proved that CO2 has a greater adsorption affinity 

for shale than methane making shale gas reservoirs promising targets for CO2 storage. Kang et 

al. [19] measured the adsorption capacity of CO2 and CH4 on two Barnett shale samples and 

the amount of CO2 adsorption was reported to be five to ten times greater than that of CH4; 

noting that the adsorption isotherm for both of the components followed Langmuir adsorption 

model.  

Many researchers have investigated CO2 sequestration in shale gas reservoirs. An economic 

feasibility evaluation of CO2 storage in depleted shale gas formations was conducted by Tayari 

et al. [20]. CO2 storage capacity varies over the range of 5  to 10  kg per tonne of shale, hence 

shale gas reservoirs were suggested as potential candidates of CO2 sequestration by Boosari et 

al. [21] Chareonsuppanimit et al. [22] measured the adsorption capacity of CO2, CH4 and N2 

on New Albany shale samples at 328 K  and pressures up to 1800 psia  by means of a 

volumetric set-up and analyzed the results using a simplified local density adsorption model. 

The adsorption capacity of CO2 was by far the highest, followed by CH4 and N2. Kang et al. 
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[19] carried out scanning electron microscope (SEM) experiments and numerical studies on 

Forth Worth basin shale samples and claimed that up to 97%  of the stored CO2 in shale is in 

the adsorbed phase inside the organic pores depending on the reservoir pressure. Fathi and 

Akkutlu [23] numerically simulated CO2 injection into shale gas reservoirs and proposed it as 

an enhanced gas recovery method due to the preferential adsorption of CO2 over CH4. Sun et 

al. [24] developed a dual-porosity mathematical model for CSEGR in shale gas reservoirs using 

COMSOL software and included the effects of viscous flow, Knudsen and ordinary diffusion 

as well as gas desorption from the matrix. However, the slip coefficient (Klinkenberg factor) 

is not pressure-dependent in their analysis. The model accuracy was verified by comparison 

with the analytical solution for a simplified version of the problem and the feasibility of CO2 

sequestration and enhanced CH4 recovery was demonstrated in their study.  

The pore diameter in shale gas reservoirs is in the range of 1  to 200 ,nm the permeability is 

extremely low [25-27] and several transport mechanisms contribute to the flow and therefore 

the complexity of the system invalidates the assumptions of Navier-Stokes equations and 

Darcy�s law [28, 29]. The main involved mechanisms in shale gas flow dynamics include 

viscous flow of the free gas, gas desorption from matrix surface which is a major contributor 

after pressure drops below the critical sorption pressure [30-33], slip flow [29], Knudsen 

diffusion due to the comparability of the pore size and the mean free path of gas molecules 

[25], and pore enlargement as the result of shale pore compressibility [34]. It is established that 

gas production rates in shale media are higher than the values predicted by Darcy�s law caused 

by the combined effects of the above mechanisms [26]. 

Comprehensive modeling which is capable of simulating the effects of all the involved 

mechanisms is a complicated and computationally demanding task and is beyond the capability 

of the existing commercial numerical reservoir simulators. In this paper, we present our model 
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incorporating the effects of the above contributing mechanisms, namely viscous flow, slip flow 

(Klinkenberg effect), Knudsen diffusion, adsorption/desorption, pore radius change and real 

gas effect on multi-component shale gas transport. The reservoir model is set for CSEGR 

simulation including periods of primary depletion, CO2 injection, soaking and secondary 

production, and several case studies are solved numerically. The performance of CO2 

sequestration coupled with enhanced gas recovery, the effects of pressure and temperature on 

the operation especially in the presence and absence of sorption for different permeabilities and 

variation of gas concentration in the medium are investigated. The proposed model is novel in 

the sense that it captures the overall effect of all the involved mechanisms in shale gas flow 

while measuring the sensitivity of CSEGR to various in-situ parameters. The contribution of 

adsorption to methane replacement by carbon dioxide is measured separately from the free gas 

portion and sensitivity analysis on changing permeability, pressure and temperature including 

and excluding adsorption is conducted. The concentrations of various gas components which 

reveal the proportion of trapped CO2 in adsorbed phase and additional methane recovered are 

presented as normalized dimensionless values. The simultaneous effects of all the mentioned 

transport mechanisms and the exhaustive set of experiments have not been examined before to 

the best of our knowledge. 

 

3.2 Mathematical formulation 

  Transport model of multi-component gas in shale media 

The mechanisms involved in multi-component shale gas transport include viscous flow, slip 

flow, Knudsen and ordinary diffusion. The dusty-gas model (DGM) is capable to cope with the 

diffusion mechanisms using kinetic theory of gases [35], however, the interactions between the 

molecules make the system of partial differential equations demanding and difficult to solve.  
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Viscous flow is caused by the collisions between the molecules, while Knudsen diffusion is 

generated by the collisions of the molecules with the pore walls. When the pore size is in the 

same order of magnitude as the mean free path of the molecules, Knudsen diffusion is more 

pronounced. At the nanoscale of shale porous media, both viscous flow and Knudsen diffusion 

influence gas transport.   

The model used in this study is adapted from our previous paper [36] and is the extended 

version of the equations developed in [37]. The flux of gaseous component i  in shale pore 

space denoted as iF
fi

 is presented as follows. 

,1 ,kn ii iD
i i

Db PykF y P
P RT Z

r
m

fi fi fi� � � �= - + Ñ - Ñ� � � �	 
 	 

��

(3-1) 

where iy  is the mole fraction of component ,i  r  is the molar density of the gas mixture, Dk  

is Darcy (intrinsic) permeability, m  is gas viscosity, ib  is the Klinkenberg parameter for 

component ,i  which incorporates slip flow into the model, ,kn iD  is the effective Knudsen 

diffusivity of component i , P  is pressure, R  is the universal gas constant, T  is temperature 

and Z  is gas compressibility or deviation factor.   

Peng-Robinson equation of state [37] and Lee correlation [38] are used to update the 

compressibility factor and gas viscosity, respectively, versus pressure and composition. 

The Klinkenberg parameter of component i  is formulated as below. 

8 2 1 ,i
i eff i

RTb
M r
p m

a
� �

= -� �
	 


��
(3-2) 

where iM  is the molar mass of component i  and effr  refers to the effective pore radius, which 

dynamically varies versus changes of pressure and composition in the course of simulations. 
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The effective pore radius is adjusted with pressure and composition using Langmuir adsorption 

as shown in the following equation [34]. 

,

1

1 ,

8 ,
1
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=
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(3-3) 

The first term on the right side represents the average pore radius [39], id is the diameter of 

molecule ,i f  and t  are the porosity and tortuosity of shale medium [40], respectively.  

Parameter ia  is the tangential momentum accommodation coefficient (TMAC) of component 

i  which has been correlated by Agrawal and Prabhu [41] and extended to capture the 

coexistence of multiple components. 

( )0.71 log 1 ,i iKna = - + �� (3-4) 

where iKn  is the Knudsen number of component ,i which is included to account for the 

comparability of the pore size and the mean free path of the gas molecules. This factor depends 

on the effective pore radius, pressure, temperature and the molecule diameter. 

2
,

2
B

i
eff i

k TKn
r Pp d

= ��
(3-5) 

where Bk is Boltzmann constant. 

The effective Knudsen diffusivity of component ( ), ,kn ii D presented in the following equation 

is the modified molecular diffusion including the effects of porosity and tortuosity [42]. 

,
16 .
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 Gas adsorption/desorption equation 

As pressure drops to critical sorption pressure due to free gas production, the adsorbed gas is 

liberated from shale surface and produced [34]. The extended Langmuir isotherm adsorption 

model is well capable to model and predict adsorption of different gaseous components on 

shale  [33]. The moles of adsorbed component i  on shale unit volume ( ),a iq  is presented as 

follows in Langmuir model. 

,
,

,

1 ,

,
1

i
L isc

L is
a i sc Nc

j

j L j

PyV
PPq

yRT P
P

r

=

=
+ �

��

(3-7) 

where sr  is the shale density, scP  and scT are standard pressure and temperature, respectively, 

,L iV and ,L iP  are the Langmuir volume and Langmuir pressure of component ,i respectively, and 

cN is the number of components. 

 

 Continuity equation of matrix  

The gaseous components exist in shale matrix both as free and adsorbed phase, so the 

mechanisms of free gas transport in addition to desorption must be taken into account in the 

matrix. According to mass conservation law, the continuity of component i  in the matrix 

assuming constant porosity can be written as follows. 

( ) ( ) ,1 . .ii a iy q F
t t

f r f
fi fi¶ ¶+ - = -Ñ

¶ ¶
��

(3-8) 

Using Equation (3-1) to obtain the flow vector term in a 1D linear model including mechanisms 

of viscous flow, slip flow and Knudsen diffusion, by applying extended Langmuir equation for 

adsorbed gas and real gas law for molar density ( )/P ZRTr =  and assuming isothermal flow, 
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the final form of continuity equation for multi-component single-phase gas in shale matrix is 

derived as below. 

( )

( )

,

,

1 ,

,

1

1

.

sc
s L ii i

sc Nc
jL i

j L j

i iD
i kn i

TP VPy Py
yt Z T P t P

P

y Pyk PP b D
x Z x x Z

f r
f

m

=

� �
� �-¶ ¶� � � �+ =� � � �¶ ¶	 
 +� �
	 


� �¶ ¶ ¶ � �+ + � �� 
¶ ¶ ¶ 	 
� �

� ��

(3-9) 

 

 Model inputs, initial and boundary conditions 

The initial pressure iP  and temperature iT  of the model as well as Darcy permeability Dk  are 

selected for sensitivity measurements. Table 3-1 presents some of the model inputs. The initial 

composition of gas in place is also shown in the Table 3-1. Langmuir volumes are 49.8 10-·  

and 3 31.91 10  / ,m kg-·  and Langmuir pressures are 3.05  and 1.68 MPa  for CH4 and CO2, 

respectively, for the base case that will be defined later. We assume one-dimensional model 

where the left boundary is under no-flow condition and the constant pressure of 1000 psia  and 

zero concentration gradient are set at the right end of the model.  

  
Table 3-1. Input parameters used in the reservoir model 

Property Value 
Porosity, [ ] f -    0.1 

Length, L [ ]m    4  
Outlet boundary pressure [ ]/psia MPa   1000/6.9 
Tortuosity,  [ ] t -  4 
Initial mole fraction of C1, C2, C3, CO2  ( 0.6, 0.25, 0.1, 0.05)iy =  
 

 

 

 



 

44 

 

3.3 Verification and methodology 

 Verification of the numerical solution and developed model 

The mathematical model for each component in shale gas matrix system is presented in 

Equation (3-9). This model is a function of pressure and mole fractions of ( 1)cN -  components, 

taking into account that mole fractions add up to unity
1

( 1).
cN

i
i

y
=

=�  The number of unknown 

dependent variables is cN  per each of the bN  grid blocks and a linear system of c bN N·

dimensions must be solved per time step and advance in time. Implicit Euler in time and 

centered differences in space are used to discretize the equations, single-point upstream 

weighting is applied to obtain the estimated values of the parameters at the blocks interface, 

and the Newton-Raphson iterative method is employed as the nonlinear solver with the 

maximum iterations of 30 and the tolerance factor of 410-  for the norm of the residual vector.  

Since the available commercial numerical reservoir simulators cannot take into account the 

coupling mechanisms of gas transport in shale media, namely viscous flow, Knudsen diffusion, 

slip flow and sorption, and there is no analytical solution to the above problem, in order to 

verify the accuracy of the numerical method, viscous flow of single component gas in porous 

medium was simulated by nullifying the effects of other physical phenomena in the numerical 

code and the solution was validated against the analytical solution of gas diffusivity equation 

(pseudo-potential function). Furthermore, the accuracy and validity of the developed model 

has also been tested and confirmed in our previous paper on the applicability of the concept of 

shale apparent permeability [36]. 

 

 Methodology 

Due to the competitive adsorption of CO2 over CH4 to the shale matrix, partially depleted shale 

gas reservoirs are potential candidates for CO2 sequestration coupled with enhanced gas 
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recovery (CSEGR). In this study, the developed model described in the previous section is 

employed to test the feasibility and applicability of CSEGR in shale gas media coupling the 

transport mechanisms of viscous flow, slip flow, Knudsen diffusion, adsorption/desorption and 

pore radius change. The simulation scenarios include a period of primary depletion for 120 

days followed by CO2 injection for 30 days, a short soaking period of 10 days followed by 

secondary production period of 60 days over which CO2 and CH4 are produced simultaneously. 

The dynamics of the above stages are investigated in several case studies in which initial 

pressure of the medium, temperature and Darcy permeability in the presence and absence of 

sorption mechanism are varied systematically as sensitivity analysis measures and the results 

are compared, analyzed and discussed in the following sections.  

 

3.4 Results and discussion 

The three parameters of initial pressure, temperature and Darcy permeability are selected for 

sensitivity studies and to investigate the performance and potential of CSEGR in shale gas 

reservoirs. Three levels for initial pressure, three levels for the medium temperature and three 

levels for permeability are considered and each simulation scenario is conducted both including 

and excluding the effect of sorption. The values of the above parameters for the base case are 

4500 psia  as the initial reservoir pressure, 75 C�  as the temperature and Darcy permeability 

of 100 ,nD  and the initial gas in place is calculated to be around 4900  moles. In each scenario, 

after 120  days of primary production, CO2 is injected into the medium with a constant rate of 

0.001 / ,mol s  the well is shut down (soaking) for a period of 10  days and then put on secondary 

production for the next 60  days. The pressures and concentrations at the end of each stage are 

used as the initial conditions for the next stage. The influence of each of the above parameters 
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as well as sorption on the dynamics of CO2 sequestration and CH4 recovery during CSEGR is 

studied and the results are presented and discussed in what follows. 

 

 Effect of initial pressure on CO2 sequestration and CH4 recovery 

 It is worth restating that the injections are performed at a constant equal rate for the same time 

in all the cases; therefore, the same amount of CO2 is added to the reservoir at the end of the 

injection period. To better scale the problem, we define dimensionless storage/production rate 

as /D k pq q t G=  and dimensionless time as / ,D injt q t G=  where kq  is the rate of methane 

production/CO2 storage during secondary production, injq  is CO2 injection rate and G is the 

initial gas in place, all in a consistent system of units.  

Figure 3-1 illustrates normalized CO2 storage and CH4 production rates versus dimensionless 

time for three different initial pressures. The CO2 storage here counts both for the gas stored in 

free phase as well as the adsorbed phase and the CH4 produced also includes the total of 

desorbed and free gas. The temperature and Darcy permeability are set at 75 C�  and 100 ,nD

respectively. Since higher initial pressure translates to higher pressure at the end of primary 

production, in order for the same amount of CO2 to be injected into the reservoir, injection 

pressure must be higher when the initial pressure is higher. Intuitively, more CO2 is stored 

when the injection pressure, i.e., initial pressure is higher. As a result, more CH4 is desorbed 

and displaced by CO2 due to stronger adsorption of CO2 to shale surface compared to methane. 

At higher initial pressures, the decline of CO2 storage rate is faster and accordingly methane 

production rate rises more quickly. As can be noticed in Figure 3-2, normalized CO2 

cumulative storage, which is defined as the ratio of the total stored to the total injected CO2, is 

far greater than normalized CH4 cumulative production (the ratio of the total produced to the 

initial CH4 in place) in general regardless of the initial pressure. At the initial pressure of 
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5000 ,psia 85%  of the total injected CO2 is stored and around 12%  of the initial methane in 

place is produced during the secondary recovery. In other words, CO2 storage is seven times 

greater than CH4 additional recovery. At lower pressures this ratio decreases; however, still far 

beyond one (5 :1 at the initial pressure of 3500 psia). This indicates the high potential of shale 

gas reservoirs to store large amounts of CO2 as a greenhouse gas. It is seen that in all cases, 

more than 50% of the injected CO2 has been trapped in the reservoir.   

The variation of the ratio of CO2 storage to CH4 production rate with time is depicted in Figure 

3-3. As the injection pressure increases, for the same production rate of CH4, more CO2 can be 

stored in the shale gas reservoir. This ratio decreases over time since CO2 storage rate declines 

and CH4 production rate grows versus time as shown in Figure 3-1.  

 

Figure 3-1. CO2 storage and CH4 production rates versus dimensionless time for three different initial reservoir 
pressures; the CO2 storage rate declines and the production rate of methane grows with time. The slope of the 
curves is greater at higher initial pressures.   
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Figure 3-2. Normalized cumulative CO2 storage and CH4 production versus dimensionless time for three 
different initial reservoir pressures; the ratio of the former to the latter quantity is ascending versus pressure and 
varies between five and seven for the range of pressure studied in this work. 
 

 
 

  
Figure 3-3. The ratio of CO2 storage to CH4 production rates versus time; this ratio is higher at a higher pressure, 
it initially declines almost at the same rate for various pressures and the curves tend to approximately the same 
value at late times. 
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 Effect of reservoir temperature on CO2 sequestration and CH4 recovery 

Three distinct temperatures are chosen to investigate the effect of temperature on the 

performance of CSEGR in shale gas reservoirs. The selected temperatures are above the critical 

temperature of CO2 to assure the existence of single-phase gas in the reservoir throughout the 

simulations. The initial reservoir pressure and intrinsic permeability are set at the values 

assumed for the base case. Normally reservoir pressure and temperature are positively 

correlated; however, in this study in order to cover a wider range of pressure and temperature 

we assumed them to be independent. As temperature reduces, the maximum amount of gas 

adsorbed on the shale surface (Langmuir volume) decreases. Therefore, it is expected that at 

higher temperatures less CO2 is adsorbed and consequently less CH4 is replaced by CO2 

molecules; in other words, CO2 storage and CH4 additional recovery drop as temperature 

increases. As can be viewed in Figure 3-4, by increasing temperature from 35 C�  to 100 ,C� the 

initial CO2 storage and CH4 production rates reduce by almost 30%. The final CO2 cumulative 

storage at the end of secondary production period enhances from 60%  to 84%  as shown in 

Figure 3-5. It is quite obvious that lower-temperature shale gas reservoirs are better candidates 

for CO2 storage, especially when the significant effect of adsorption is included, and the 

presented results herein match with the normal expectations.  
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Figure 3-4. CO2 storage and CH4 production rates at three different reservoir temperatures; increasing the 
temperature lowers both the storage and production rate. The changes happen more rapidly or the slopes are 
greater at higher temperatures. 

 
Figure 3-5. Normalized cumulative CO2 storage and CH4 production versus time for three different reservoir 
temperatures; reducing temperature from 100 C�  to 35 ,C�  increases final cumulative methane recovery by 
2.3%,  however a boost of 24%  is achieved in final cumulative CO2 storage. 

 
 

 

 Effect of Darcy (intrinsic) permeability on CO2 sequestration and CH4 recovery 

The intrinsic permeabilities of 50,  100  and 200 nD  are selected to measure the sensitivity of 
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reservoir temperature of 75 .C�  Figure 3-6 shows the variation of CO2 storage and CH4 

production rate with time at the above three fixed permeability values. It is worth noting that 

in the formulation of the governing equations presented in this paper, permeability has no direct 

effect on adsorption; however, it impacts the pore size in general and might actually affect 

adsorption indirectly. As observed in Figure 3-6, lower intrinsic permeability results in higher 

CO2 storage and methane production rates. To inject the same amount of CO2 in the shale gas 

reservoir with a lower value of Darcy permeability, injection pressure must be higher and the 

increase in injection pressure causes the storage and production rates to grow.  

 

 
Figure 3-6. CO2 storage and CH4 production rates at three different reservoir intrinsic permeabilities; 
decreasing the Darcy permeability leads to growth in both the storage and production rate. The decline of CO2 
storage rate with time is more noticeable at lower permeabilities. 

 
Figure 3-7 presents the normalized cumulative storage and production with time for the above 

set of scenarios. Reducing permeability by a factor of four, which is a quite high reduction, 

increases cumulative CO2 storage from 66%  to 83%  in the shale gas reservoir at the 

temperature of 75 C�  and initial pressure of 4500 psia .  
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Figure 3-7. Normalized cumulative CO2 storage and CH4 production versus time for three different reservoir 
Darcy permeabilities; reducing intrinsic permeability from 200 nD  to 50 ,nD  increases final cumulative methane 
recovery by 24%;  however, the additional gain achieved in final cumulative CO2 storage is only17%.  
 
 

Among all the above scenarios, the maximum CO2 cumulative storage at the end of the 

secondary production period, which is 89.8%  of the total injected CO2, happens at the initial 

reservoir pressure of 5000 ,psia reservoir temperature of 75 C� and Darcy permeability of 

100 .nD  The maximum CH4 cumulative production, which is 27.1%  of the original methane 

in place, is observed at the initial reservoir pressure of 4500 ,psia  reservoir temperature of 

75 C� and Darcy permeability of 50 .nD  It is worth noting that the recovery factor at the end 

of primary production for the above case is only 26%, compared to 65%  of the base case, and 

the requirement to increase the injection pressure to a high degree is the cause of such a high 

additional methane recovery. The most influential parameter on CO2 storage is the initial 

(injection) pressure.  

 

 Effect of sorption on CO2 sequestration and CH4 recovery 

It is of high importance to investigate the sole effect of adsorption/desorption on CO2 

sequestration and enhanced methane recovery in partially depleted shale gas reservoirs. A large 
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portion of injected CO2 is stored in shale gas reservoirs due to the competitive adsorption of 

CO2 over CH4 and replacement of the latter by the former on shale surface. Shale gas reservoirs 

even if the adsorption effect were ignored would be categorized as unconventional reservoirs 

in which several mechanisms other than Darcy flow play role in fluid dynamics. The variation 

in average reservoir pressure over the whole simulation time is illustrated in Figure 3-8. 

Including the effect of sorption in the simulations causes the pressure drop to happen more 

slowly during primary depletion; in other words, sorption acts as pressure support in the 

reservoir. The final pressure at the end of injection and also the soaking period is lower when 

sorption is involved while the same amount of CO2 is added to the reservoir in both scenarios. 

The average reservoir pressure is also in general higher over the secondary production period 

when sorption is activated. 

 
 

 
Figure 3-8. Temporal variation of average reservoir pressure for a complete scenario consisting of primary 
depletion, CO2 injection, soaking and secondary recovery with and without including the effect of sorption. Red 
curve shows a scenario with sorption and the black curve shows a scenario in the absence of sorption. Section (0-
a) is primary production interval, (a-b) shows the injection period, (b-c) is the soaking time and (c-d) presents the 
secondary production period. Sorption causes the reservoir to deplete over longer time and slows down 
overpressurization of reservoir during the injection period. 
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To quantify the fraction of CO2 trapped by sorption compared to that of free gas, the above set 

of experiments in the absence of sorption are simulated. For the sake of brevity, only the results 

of cumulative storage and production are presented here. The interesting point to consider is 

that although the nature of free and adsorbed gas are different, the trends are preserved, in the 

sense that the maximum CO2 storage and maximum CH4 production happen at the maximum 

initial reservoir pressure, minimum reservoir temperature and minimum intrinsic permeability 

when each of the above is taken as the sensitivity measure. In addition, the slope of the curves 

is greater when CO2 storage or CH4 production rate is higher. Figures 3-9, 3-10 and 3-11 

display the normalized cumulative storage and production for three different initial pressures, 

temperatures and Darcy permeabilities. The preservation of the trends can be attributed to the 

mechanisms other than adsorption involved in shale gas flow dynamics. Figure 3-9 shows the 

normalized cumulative CO2 storage and CH4 production versus time for three different 

reservoir initial pressures in the absence of sorption. The results reveal that sorption contributes 

to 55% additional storage and about 8% additional methane recovery.  Figure 3-10 shows the 

normalized cumulative CO2 storage and CH4 production versus time for three different 

reservoir temperatures in the absence of sorption.  The results demonstrate that at a reservoir 

temperature of 35 C� sorption contributes to 50.8%  additional CO2 storage and 8.8%  in CH4 

additional recovery. Figure 3-11 shows the normalized cumulative CO2 storage and CH4 

production versus time for three different reservoir intrinsic permeabilities ignoring the effect 

of sorption. For a permeability of 50 nD the adsorbed gas contributes to 50.1%  in CO2 storage 

and 16.3%  in CH4 additional recovery. For example, an influencing phenomenon is gas 

slippage. The value of slip coefficient is higher for CH4 than that of CO2, and as the pressure 

increases or permeability/temperature decreases, the difference between the two values 

becomes more noticeable. The slip coefficient is one of the important parameters which causes 
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methane to be produced at a faster rate compared to other components and results in 

chromatographic separation in the shale medium.  

 
Figure 3-9. Normalized cumulative CO2 storage and CH4 production versus time for three different reservoir 
initial pressures ignoring the effect of sorption; the maximum storage and recovery belong to the case with the 
highest initial pressure or equivalently highest injection pressure. The portion of adsorbed gas for the initial 
pressure of 5000 psia is 55%  in CO2 storage and 7.8%  in CH4 additional recovery. 

 
 

 
Figure 3-10. Normalized cumulative CO2 storage and CH4 production versus time for three different reservoir 
temperatures ignoring the effect of sorption; the maximum storage and recovery belong to the case with the lowest 

temperature. The portion of adsorbed gas for the temperature of 35 C� is 50.8%  in CO2 storage and 8.8%  in CH4 
additional recovery. 
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Figure 3-11. Normalized cumulative CO2 storage and CH4 production versus time for three different reservoir 
intrinsic permeabilities ignoring the effect of sorption; the maximum storage and recovery belong to the case with 
the lowest permeability. The portion of adsorbed gas for the permeability of 50 nD is 50.1%  in CO2 storage and 
16.3%  in CH4 additional recovery. 

 

 

In Figure 3-12 the fractional rate of adsorbed and free CO2, as well as the fractional rate of 

desorbed and free CH4 for the base case are illustrated. The fractional rate of CO2 is defined as 

the rate of adsorbed or free CO2 divided by the average rate of CO2 storage during secondary 

recovery. Also, the fractional rate of methane is defined as the rate of desorbed or free methane 

divided by the average rate of methane production during secondary recovery.  As can be 

viewed, with time or as the medium pressure decreases, the portion of adsorption in CO2 

storage drops (the fraction of free gas signifies) and the portion of desorption in CH4 production 

increases (the fraction of free gas declines); however, the role of sorption is more highlighted 

throughout the whole simulation time. 
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Figure 3-12. The fraction of sorption and free gas in CO2 storage and CH4 recovery for the base case with an 

initial pressure of 4500 ,psia temperature of 75 C�  and Darcy permeability of 100 .nD  The fraction of sorption 
is in general more significant than that of free gas with a minimum ratio of 52 : 48  and a maximum ratio of 
71: 29.   

 

The above results confirm and emphasize the necessity of including sorption mechanism in the 

simulations of shale gas flow, obtaining experimental sorption data for each specific shale 

sample and adding the proper modules to the existing reservoir simulators to prevent large 

errors in shale gas reservoirs production/storage forecast.   

Last but not least, the contribution of adsorbed and free gas to the total stored CO2 is presented 

in Figure 3-13 versus initial pressure, Darcy permeability and reservoir temperature separately. 

As viewed and already mentioned, the portion of adsorbed gas is always higher than that of 

free gas. Adsorption is more noticeable at higher initial pressure, lower temperature and lower 

Darcy permeability. The trend (ascending/descending) of contribution to the storage is the same 

for the adsorbed and free phase. The most changes occur over the pressure interval considered 

in this study, as the maximum and minimum storage among all the scenarios belong to the one 

with the maximum and minimum initial pressure, respectively. The tighter shale gas reservoirs 

with higher pressures and lower temperatures are better candidates from the viewpoint of CO2 

Dimensionless time (tD)

0.0 0.2 0.4 0.6 0.8 1.0

C
O

2 
st

or
ag

e 
(f

ra
ct

io
n)

0.0

0.2

0.4

0.6

0.8

1.0

Dimensionless time (tD)

0.0 0.2 0.4 0.6 0.8 1.0

C
H

4 
pr

od
uc

tio
n 

(f
ra

ct
io

n)

0.0

0.2

0.4

0.6

0.8

1.0
a) b)

Adsorbed

Free

Desorbed

Free



 

58 

 

storage. The results reveal that depending on the pressure, temperature and reservoir 

permeability between 30 55%-  of the injected CO2 can be stored in shale gas reservoir in 

adsorbed form while the fraction of free gas is between 20 33%.-  Comparing trapping 

efficiency of CSEGR with other methods of accelerating CO2 dissolution in deep saline 

aquifers [43-49], adsorbed phase trapping is promising. 

 

 
Figure 3-13. The percentage of the total injected CO2 which is stored and remained in the reservoir at the end 
of secondary production period showing the individual portions of adsorbed and free gas in (a) for different initial 

pressures at the temperature of 75 C� and permeability of 100 ,nD in (b) for different Darcy permeabilities at the 

initial pressure of 4500 psia and temperature of 75 ,C� and in (c) for different reservoir temperatures at the initial 
pressure of 4500 psia and permeability of 100 .nD  
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3.5 Summary and conclusions 

A numerical model was developed to simulate multi-component gas flow in shale matrix blocks 

taking into account the simultaneous effects of all the major contributing mechanisms, namely 

viscous and slip flow, Knudsen diffusion, gas adsorption/desorption, pore enlargement, and 

real gas dynamics. The developed model was then utilized to simulate the process of carbon 

dioxide sequestration coupled with enhanced methane recovery and investigate the response of 

shale gas reservoirs to the variation of in-situ parameters such as pressure, temperature and 

reservoir permeability. Each scenario includes periods of primary production, CO2 injection, 

soaking and secondary production.   

The results of CO2 sequestration and CH4 recovery are promising, especially from the 

viewpoint of storage which is shown to be far greater than additional methane recovery. A 

maximum storage of 90%�  of the total injected CO2 was observed in the shale reservoir with 

the initial pressure of 5000 ,psia  temperature of 75 C�  and permeability of 100 nD where 55%  

of CO2 was trapped as adsorbed phase.  It was shown that CO2 storage and CH4 recovery are 

higher and change more rapidly at higher initial pressures, lower temperatures and lower 

permeabilities, which are the characteristics of a suitable shale gas reservoir candidate for 

CSEGR. The contribution of adsorption to CO2 storage and desorption to CH4 production are 

significant and greater than that of the free phase; as the reservoir pressure declines the portion 

of the free and sorbed phase approach an equilibrium. It was shown that a significant portion 

of the injected CO2 (30 to 55%) can be stored in the adsorbed form in shale gas reservoirs while 

improving methane recovery (8-16%) from shale gas reservoirs. This study forms a basis and 

guide to include the effects of all the above mechanisms, especially the sorption effect, in 

numerical reservoir simulators modeling gas production and CO2 storage in shale gas reservoirs 
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to estimate the potential of the reservoir from viewpoints of carbon storage and additional 

natural gas recovery.  
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Chapter 4 - Matrix-fracture transfer shape factor for modeling multimechanisitc 

multicomponent shale gas flow1 

 

Abstract

Numerical simulation of multimechanisitc multicomponent shale gas flow is computationally 

intensive and a challenging task. Upscaling of pore scale phenomena to Darcy scale simulations 

is highly desirable to cut down the computational time. Mass transfer between matrix and 

fracture in dual-porosity simulators has been traditionally upscaled through a pseudo steady-

state shape factor, which can be obtained analytically thanks to the linear nature of the pressure 

diffusion in conventional reservoirs. The use of such a shape factor is well established in the 

modeling of fluid flow and transport in conventional reservoirs. However, the shape factor for 

multimechanisitc multicomponent shale gas flow is not fully realized and its determination is 

not straightforward due to the non-linear nature of the governing equations. In this work, we 

present detailed numerical simulations of multimechanisitc multicomponent shale gas flow to 

obtain shape factor required for Darcy scale numerical simulation of unconventional reservoirs. 

It is shown that shape factor can be presented as a function of dimensionless pressure (pseudo 

pressure), which makes application of transient shape factor independent of time. The 

dependence of the derived shape factor on pressure drawdown, reservoir temperature, Darcy 

permeability and fluid composition are also investigated. The theoretical analysis improves our 

knowledge of shale gas flow dynamics and the results find applications in reservoir simulation 

of gas production from unconventional reservoirs.   

                                                 

 

1 This chapter is a reproduction of the following article:  
Mohagheghian, E., Hassanzadeh, H. and Chen, Z., 2020. Matrix-fracture transfer shape factor for modeling 
multimechanisitc multicomponent shale gas flow. International Journal of Heat and Mass Transfer, 158, 
p.120022. 
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Multicomponent sorption; Matrix-fracture transfer function 

 

4.1 Introduction 

Gas production decline from conventional resources has turned attentions towards 

unconventional shale and tight gas reservoirs. With the aid of horizontal drilling and hydraulic 

fracturing, low-permeability shale is more and more contributing to the oil and gas production 

[1, 2]. Fractured reservoirs are composed of an interconnected fracture network embedded in 

rock matrix blocks. The fracture network has high conductivity, low porosity and is the main 

contributor to the flow, while the matrix has low permeability and high pore volume for fluid 

storage [3]. 

Fluid flow in fracture is controlled by pressure gradient and can be generally described using 

Darcy�s equation, whereas there are several transport mechanisms involved in shale matrix gas 

flow due to low permeability and nanoscale pore size, which make the governing equations 

highly nonlinear [4]. Besides small portion of free gas, dissolved gas in kerogen and especially 

adsorbed gas to the internal matrix surface contribute significantly to the total gas production 

[5-7] and cause higher rates than the values predicted by Darcy�s equation [4]. The flow 

equations in shale porous matrix involve Klinkenberg effect (slip flow) [8], Knudsen diffusion 

[9], sorption [10-12], pore compressibility [13] and real gas effect which are all nonlinear 

functions of pressure and composition, hence, numerical modeling is inevitable to simulate the 

process [14, 15]. As well as the underlying physical mechanisms in matrix and fracture, the 

interaction between the two media must be modeled accurately [16].  

The dual porosity is a common and efficient approach to simulate the matrix-fracture 

interaction using an appropriate transfer term known as shape factor [17]. A proposed shape 
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factor is expected to be capable of modeling both the early time (transient) and late time 

(pseudo-steady state) behavior, taking into account the system geometry and various types of 

depletion regimes (boundary conditions) [18].  

The concept of dual-porosity was introduced by Barenblatt et al. and later applied to petroleum 

engineering by Warren and Root for well test analysis [17]. They obtained pseudo steady state 

(constant) shape factors for single-phase flow of slightly compressible fluid and suggested 

dimensionless shape factors of 12, 32 and 60  for one, two and three sets of uniformly 

distributed orthogonal fractures, respectively [19]. Many studies were carried out after to 

propose better expressions for the constant shape factors and improve the approximation for 

the matrix-fracture interaction. The difference in the constant shape factors is mostly related to 

the multiplier of the sum of the inverse squared of matrix block dimensions. The constant shape 

factor assumes that the transfer rate is always proportional to the difference between the matrix 

block average pressure and the pressure at the boundary (fracture pressure), while the local 

transfers occur over time in an increasing volume within the matrix block [20].  

Kazemi et al. obtained shape factors of 4, 8 and 12 using a finite difference scheme for one, 

two and three fracture sets, respectively, and implemented these values in commercial reservoir 

simulators to model the flow between fracture and matrix [21]. Thomas et al. found a shape 

factor of 25 for a 3D oil-water model by matching the results of fine grid single porosity 

numerical simulation with those of the dual-porosity model [22]. Coats used Fourier finite 

series to solve the diffusivity equation subject to constant pressure boundary condition and 

derived the shape factors of 12, 28.45 and 49.58, respectively, for one-, two- and three-

dimensional flow of a slightly compressible fluid [23]. Udea et al. suggested multipliers of two 

and three to be applied to the shape factors derived by Kazemi et al. for one and two-

dimensional flow, respectively [24].  
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Zimmerman et al. were the first who took into account the time dependency of shape factor 

during early time simulation. They solved a nonlinear ordinary differential equation in a 

spherical matrix block and could accurately model the flux between matrix and fracture during 

both transient and pseudo steady-state flow using fewer grid blocks. Later on, they improved 

and adopted their approximation to unsaturated flow modeling in dual-porosity simulations 

[25, 26]. Kazemi and Gilman solved the 3D diffusivity equation subject to step-change 

boundary condition analytically and used the first term of the series solution to obtain an 

approximate shape factor [27]. Chang noticed the effect of boundary condition on shape factor 

in his transient analytical solutions. He obtained the values of 2 2/ Lp  and 212/L  for constant 

pressure and constant rate at the matrix-fracture interface, respectively [28, 29]. Lim and Aziz 

derived approximate analytical solutions for the single-phase diffusivity equation of slightly 

compressible fluid in different geometries and obtained the same results as those of Chang�s 

for step-change boundary condition. They used single- and dual-porosity numerical 

simulations to verify their results [30]. Quintard and Whitaker found the same values of shape 

factor as those obtained by Cotas using volume averaging technique [31]. Bourbiaux et al. used 

fine grid numerical simulation to obtain shape factor for 2D single-phase flow. The transient 

behavior as well as convergence to a value of 20.1 at late time was noticed in their work [32]. 

A time-dependent shape factor for slab-shaped matrix block was derived by Penuela et al. using 

the analytical solution to the diffusivity equation subject to fracture pressure step change as the 

boundary condition. The late time stabilized value of their shape factor is the same as those 

found by Lim and Aziz [33, 34] . Sarda et al. found shape factors of 8, 24 and 48, for 1 , 2D D 

and 3D single-phase fluid flow, respectively, by applying numerical simulations to a discrete 

fracture model. Shape factor was shown to be a function of local properties of the matrix blocks 

and surrounding fractures [35]. Although discrete fracture model (DFM) simulates the 
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interaction of matrix and fracture accurately, the high number of required grid blocks makes it 

computationally inefficient [20]. 

Hassanzadeh and Pooladi-Darvish  solved the diffusivity equation for a slightly compressible 

fluid in Laplace domain in different coordinates (Cartesian, cylindrical and spherical) under 

different boundary conditions and emphasized the effect of depletion regime as well as the 

geometry on the shape factor [36]. Later on, instead of setting a boundary condition at the 

matrix-fracture interface, Hassanzadeh et al. solved the coupled equations of matrix-fracture 

interaction in infinite acting radial and linear dual-porosity models considering the transient 

behavior of the shape factor. They obtained pseudo steady-state shape factor values of 12, 25.13 

and 38.9 for one, two and three fracture sets, respectively for production at a fixed rate [37]. 

Lu and Connell proposed a dual-porosity model for adsorption dominated gas reservoirs. They 

solved the integro-differential equation of diffusion within the matrix semi-analytically and let 

the concentration at the matrix block boundary to change with time [16].  

Ranjbar and Hassanzadeh used integral method along with method of moments to obtain shape 

factor for a compressible fluid in slab-shaped matrix and validated the results with those of fine 

grid numerical simulations. They found out shape factor to be weekly dependent on 

temperature, gas specific gravity and pressure drawdown [38]. Ranjbar et al. extended the 

above work to the case of cylindrical ( )2D  and spherical ( )3D  matrix blocks and investigated 

the effect of block size distribution as well as fracture depletion regime. They noted that the 

normalized cumulative release is a function of square root of dimensionless time regardless of 

the block geometry [39].  

Cai et al. combined Multiple Interacting Continuum (MINC) method with Schwarz-Christoffel 

conformal mapping concepts of gridding inside matrix blocks to model flow characteristics in 
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shale gas reservoirs. MINC, which simulates the flow in a transient mode, loses its accuracy 

after the early transient period of matrix-fracture flow and is also computationally expensive. 

The transient period in shale gas reservoirs is much more extended than that of conventional 

reservoirs due to the ultra-low permeability, gas compressibility and involved transfer 

mechanisms special to shale media such as Klinkenberg effect and sorption. Therefore, using 

a constant shape factor from classic dual-porosity causes significant error in the prolonged 

transient flow period [18, 20]. A simulation method developed for fractured shale porous media 

must be able to adequately model the transient as well as the pseudo steady-state flow. 

Bourbiaux and Ding proposed pressure-dependent flux correction to improve the accuracy of 

predictions during early and late time fluid transfer simulations [20].  

As mentioned above, the transient flow period in shale reservoirs is much longer lasting than 

that of the conventional type and may take up to several years to reach pseudo steady-state 

conditions depending on the permeability. The above fact along with the complex transfer 

mechanisms involved in shale gas dynamics make the use of constant shape factors highly 

erroneous. A comprehensive model taking into account the combined effects of the transport 

mechanisms on matrix-fracture interaction is lacking in the literature and commercial reservoir 

simulators. The numerical model presented in this work, unlike the previous models, is used to 

obtain shape factors including the simultaneous effects of the contributing mechanisms, namely 

viscous flow, slip flow (Klinkenberg effect), Knudsen diffusion, adsorption/desorption, pore 

radius change and real gas effect. The model also considers the spatial variation of 

concentration within the matrix block. In this study, we apply our model to derive transient and 

stabilized values of shape factor as functions of time and investigate the effect of in-situ 

parameters on the evaluated shape factor. 
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4.2 Mathematical formulation 

  The Knudsen-slip-advection-desorption flow model  

Multi-component gas transport in shale media is under the influence of several transfer 

mechanisms including bulk Darcy flow caused by the intermolecular collisions of free 

compressed gas, slip flow due to nonzero velocity gradient at the pore walls, Knudsen diffusion 

created by the collisions between the molecules and the porous walls, which is more 

pronounced at pore sizes close to the mean free path of the molecules, ordinary diffusion and 

desorption or liberation of gas molecules from the shale surface due to pressure decline over 

time [40].  

There are three well-known models in literature for the description of gas flow in tight and 

ultratight porous media. In advective-diffusive model (ADM), advective and diffusive gas 

fluxes are incorporated by Darcy�s law and Fick�s law of diffusion, respectively [41], and slip 

flow is taken into account using Klinkenberg modification to permeability [42]. The model is 

easy to apply, however, it loses its applicability at low pressures where Knudsen number is 

high [43]. Knudsen number is defined as the ratio of mean free path of the molecules to the 

average pore radius.  

The dusty-gas model (DGM) includes the physics of advection, ordinary and Knudsen 

diffusion, so the intermolecular and molecule-porous wall interactions are simultaneously 

taken care of [44]. The shortcoming of the model, which hinders its application in reservoir 

simulators, is the requirement of solving a system of coupled partial differential equations for 

the flux of all the components. 

The Knudsen-slip-advective flow model was originally proposed by [4] for a single-component 

gas in a nanopore and later extended to a nano-porous system [45] and then to a multi-

component gaseous mixture [15].  
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The following equation has been suggested in [15] for the flux of gaseous component i  ( )iF
fi

 

in shale porous space. 

,1 ,kn ii iD
i i

Db PykF y P
P RT Z

r
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fi fi fi� � � �= - + Ñ - Ñ� � � �	 
 	 

��

(4-1) 

where iy  is the mole fraction of component ,i  r  represents the molar density of the mixture, 

Dk  is Darcy permeability, m  is gas viscosity, ,ib  which shows the contribution of different 

components to slip flow, stands for the extended Klinkenberg parameter of component ,i ,kn iD  

is the effective Knudsen diffusivity of component i , P  is pressure, R  is the universal gas 

constant, T  is absolute temperature and Z  is gas deviation factor.   

The ib  (Klinkenberg parameter) of component i  is given as follows [4]: 

8 2 1 ,i
i avg i

RTb
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p m

a
� �
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��
(4-2) 

where iM  is the molar mass of component i  and avgr  refers to the average pore radius of the 

porous medium [46] as shown in Equation (4-3).  

8 ,D
avg

kr
f

t= ��
(4-3) 

where f  and t  are the porosity and tortuosity of the shale medium, respectively [47]. 

Tortuosity is defined as the ratio of the actual fluid path length in the pores to the bed length 

and is always greater than unity.  

Parameter ia  or the tangential momentum accommodation coefficient ( )TMAC  of component 

i  was obtained by [48] and presented in the following correlation as a function of Knudsen 

number of component ( ) ii Kn : 
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( )0.71 log 1 ,i iKna = - + �� (4-4) 

where iKn  which depends on the average pore radius, pressure, temperature and the molecule 

diameter ( )id  is given below [4]: 

2
,

2
B

i
avg i

k TKn
r Pp d

= ��
(4-5) 

in which Bk is Boltzmann constant in /J K . 

Knudsen diffusivity of component i , ,kn iD , is the effective molecular diffusivity ( ),k iD  

including the effects of porosity and tortuosity given by [4, 41]: 
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(4-6) 

The model in this study (Knudsen-slip-advection-desorption flow model) includes the impact 

of adsorption/desorption on effective pore radius variation and the accumulation term in the 

mass conservation equation. Desorption or gas liberation from shale surface manifests itself 

mostly as pressure drops below the critical sorption pressure [13]. The extended Langmuir 

isotherm adsorption model [49] has proved successful in matching the experimental adsorption 

data of multi-component gas in shale media [10]. This model presents the moles of adsorbed 

gaseous component i  on shale unit volume ( ),a iq  as below: 
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(4-7) 

where sr  is the shale density, scP  and scT are standard pressure and temperature, respectively, 

,L iV  is the Langmuir volume, ,L iP  represents the Langmuir pressure of component i  or the 

pressure at which half of ,L iV  is reached and cN is the number of components.  
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In addition, the average pore radius ( )avgr  is corrected for the effect of sorption and replaced 

by the following effective pore radius ( ) ,effr  which varies with the change of pressure and 

composition and is modeled using Langmuir adsorption equation. Pore enlargement effect is 

included in Knudsen diffusivity and Klinkenberg parameters of the components. 
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� �

 Matrix continuity equation and shape factor 

The accumulation term in the continuity equation of the matrix must include free gas as well 

as adsorbed phase. The accumulation of component i  must be equal to the negative divergence 

of the component flux to satisfy mass conservation.  

( ) ( ) ,1 . .ii a iy q F
t t

f r f
fi fi¶ ¶+ - = -Ñ

¶ ¶
�� (4-9) 

By replacing the above flux with the expression in Equation (4-1), which includes the 

contribution of viscous flow, slip flow and Knudsen diffusion, applying extended Langmuir 

equation to count for the amount of adsorbed gas ( ), ,a iq  using real gas law to substitute for 

molar density and ignoring temperature change during flow in a 1D  linear model, Equation (4-

10) would be obtained for the transport of multi-component single-phase gas in shale matrix. 
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The procedure explained in [38] is used to obtain the expression for shape factor calculations.  

The real gas pseudo pressure is defined in Equation (4-11) [50] as follows: 

2( ) ,
ref

p
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Pp dP
Z

y
m
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(4-11) 

Using the above integral in Darcy�s law yields the following equation for gas flow rate at 

standard conditions. 

( ) ,
4
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T V kq
p T

s y y= - ��
(4-12) 

where subscripts m  and f  refer to matrix and fracture, respectively, bV is the matrix bulk 

volume, the overbar indicates average matrix pressure conditions and s  represents the shape 

factor. 

On the other hand, accumulation term in the matrix dual porosity system along with formation 

volume factor, real gas density and pseudo pressure leads to Equation (4-13) for standard gas 

rate. 
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where c  is gas isothermal compressibility. 

Equations (4-12) and (4-13) are combined to obtain the final equation of single-phase gas shape 

factor.  
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The assumption of constant viscosity-compressibility product for compressible fluids is not 

valid, hence numerical simulation is inevitable. It is worth noting that in this study fracture is 

treated as a constant-pressure boundary. 
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 Model inputs, initial and boundary conditions 

In this study, the response of shape factor to the variation of pressure drawdown, reservoir 

temperature, Darcy permeability and composition of the gas in place are measured via 

simulations. Some of the static medium properties as well as the composition of the initial gas 

in place for the base case are presented in Table 4-1. We assume one-dimensional model. The 

outlet right boundary  ( )/ 2 ,x L=  which acts as a constant-pressure fracture, is at the fixed 

pressure of 1000 psia  and zero gradient of concentration; no-flow condition is also set at the 

left boundary ( )0 ,x =   to represent half of the matrix block with symmetry at the center line. 

Gas compressibility factor and viscosity are calculated and updated as functions of pressure 

and composition using Peng-Robinson equation of state [51] and Lee correlation, respectively 

[52]. 

 
Table 4-1. The reservoir model static properties 

Property Value 
Porosity, [ ] f -    0.1 

Length, L [ ]m    4  
Outlet boundary pressure [ ]/psia MPa   1000/6.9 
Tortuosity,  [ ] t -  4 
Initial mole fraction of C1, C2, C3, CO2  ( 0.6,  0.25,  0.1,  0.05)yi =  
 

 

4.3 Verification and methodology 

 Verification of the numerical solution and shape factor 

The final form of mass conservation equation for component i  is presented in Equation (4-10). 

The time and space-dependent variables are grid block pressures and the mole fractions of 

( 1)cN -  components, with the restriction of 
1

( 1),
cN

i
i

y
=

=�  so at each time step a system of linear 

equations with dimensions of the product of the number of components and grid blocks must 
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be solved for the set of unknowns. The equations are discretized in time and space using 

backward Euler and central differences, respectively. The nonlinear solver applied to the 

problem is Newton-Raphson iterative approach with the upper bound of 30 on the number of 

iterations per time step and maximum relative error of 410-  for the norm of residual vector. 

The parameter values at the blocks interface are estimated using single-point upstream 

weighting. 

Due to lack of commercial reservoir simulators being capable of counting for all the mentioned 

mechanisms considered in this study, the numerical approach is validated against the analytical 

solution of gas diffusivity equation by taking one single component under the pure effect of 

viscous flow in the numerical simulation. The applicability of the model has already been tested 

in our previous works on gas shale apparent permeability and CO2 sequestration [53, 54]. In 

addition, the accuracy of the obtained shape factor is verified versus the results of [38] found 

by an approximate analytical solution (heat integral and method of moments) by setting same 

values for our model parameters. Figure 4-1(a) compares the results of the dimensionless shape 

factor as a function of dimensionless time on a log-log plot adopted from the above paper and 

the numerical simulation in this study. As expected, the general trend of shape factor variation 

versus time is observed; i.e., the transient behavior at early times and convergence to a 

stabilized value at late times. Figure 4-1(b) also displays the cumulative gas production versus 

real time obtained from the same sources. The reasonable match between the two sets� results 

is the support for applying our model to future case studies in later sections.  
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Figure 4-1. (a) Comparison of cumulative fluid exchange between matrix and fracture versus real time obtained 
from the approximate analytical solution (adopted from [38]) and the numerical model in this study, (b) 
Comparison of dimensionless transfer function between matrix and fracture versus dimensionless time obtained 
from the approximate analytical solution (adopted from [38]) and the numerical model in this study.  
 

 

4.4 Methodology 

The model developed in the previous section is utilized to run a set of simulation scenarios and 

Equation (4-14) is later applied to the simulation results (pressure and composition as functions 

of time and space) to obtain shape factor. All the case studies include 120  days of primary 

production subject to the initial and boundary conditions mentioned earlier. The gas transport 

mechanisms involved in the simulations include viscous flow, slip flow, Knudsen diffusion, 

adsorption/desorption and pore enlargement upon depletion. The impact of sorption on the 

shape factor results is initially presented, then the sensitivity of shape factor to different levels 

of temperature, pressure drawdown, intrinsic permeability and the composition of gas in place 

(methane fraction) is measured, the variation of shape factor versus time and the medium 

average pressure and finally its relation with gas production are investigated for each case 

study. In each simulation scenario, one sensitivity measure is varied relative to the 
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corresponding value of the base case. The obtained results are analyzed, compared and 

discussed in what follows. 

 

4.5 Results and discussion 

The parameters of gas composition, reservoir temperature, initial reservoir pressure and Darcy 

permeability are selected for sensitivity studies and to investigate the behavior of dimensionless 

matrix-fracture shape factor as a function of dimensionless time and pressure, in addition to 

the performance of the shale gas reservoir from viewpoints of dimensionless gas production 

rate and cumulative fluid exchange.  

Some of the base case properties have already been presented in Table 4-1; the initial reservoir 

pressure of 4500 ,psia  temperature of 75 C� and Darcy permeability of 100 nD  are also 

assumed for the base case. Two simulation scenarios with the characteristics of the base case 

are carried out including and excluding sorption to find out sorption effect on shape factor 

variation and reservoir performance. Three levels for each sensitivity measure are considered 

and the values are varied compared to that of the base case to determine the effect of each on 

the shape factor and gas production.  

The dimensionless variables used in this study include shape factor, time, average reservoir 

pressure, gas flow rate and cumulative production. Shape factor has the unit of the inverse of 

squared length (area). The product of shape factor with the squared of matrix block length 

( )2
mhs  is taken as the dimensionless shape factor. The dimensionless average pressure ( ) ,DP  

dimensionless time based on cross-sectional area ( ) ,DAt  dimensionless gas flow rate ( )Dq  and 

dimensionless cumulative fluid exchange ( )DQ  are listed in Equations (4-15) to (4-18), 

respectively. 
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where subscript i  refers to the initial state, wP  is the constant flowing pressure, the overbar 

indicates the average value, Dk  represents Darcy permeability in ,mD  t  shows time in days, 

gq  is the gas flow rate in 1.Mscf day-  and cA  stands for the cross-sectional area in 2.ft  

In each scenario, after 120  days of primary depletion, the influence of each of the above 

sensitivity parameters on the dual-porosity transfer function and reservoir dynamics are 

studied, the results are presented and discussed in later sections. 

 

 Effect of sorption on shape factor 

The general trend of time-dependent shape factor includes two main periods, namely transient 

and pseudo steady state. The start of shape factor convergence to a stabilized value is observed 

during the transition period and the transient behavior is inversely proportional to the square 

root of time. The constant value of shape factor and the stabilization time are of significance 

for reservoir simulation. The stabilized dimensionless shape factor value of 2p  (for constant 
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pressure fracture) and dimensionless pseudo steady-state time of 0.1Dt =  have been reported 

in the literature for slightly compressible fluid. The corresponding values for compressible fluid 

are around 8.5  and a range of 0.3 2.6,-  respectively. It is worth noting that the above values 

belong to the case of conventional reservoirs.  

The contribution of the adsorbed phase to shale gas production is considerable relative to the 

free phase and the portion of the former could be in general greater than that of the latter. The 

following results are presented here to emphasize the importance of considering sorption as a 

major contributing mechanism in the simulations.  

Figure 4-2(a) illustrates the log-log plot of dimensionless shape factor versus dimensionless 

time for the base case where sorption is activated in the simulation as well as the one in the 

absence of sorption. Deactivating sorption reduces the transient and stabilized values of shape 

factor compared to the case where sorption is included and also delays the onset of pseudo 

steady-state period. Upon pressure decline below the critical sorption pressure, the adsorbed 

phase acts as a supplementary source of gas release increasing the transfer function value and 

expediting the start of shape factor convergence.  

The end of the transition period and the constant value of shape factor for shale gas reservoir 

is drastically different than those of conventional reservoir. The onset of pseudo steady state 

for the shale medium simulated in this study is around 18Dt =  and 27Dt =  for the case with 

and without the sorption effect, respectively. The converged value of shape factor is also quite 

low compared to that of a conventional reservoir; around 1.6  for the case with sorption and 

0.9  where sorption is excluded, relative to the approximate value of 8.5  obtained for a 

conventional gas reservoir. There are several mechanisms besides sorption involved in shale 

gas dynamics which do not allow shale reservoirs to be treated as conventional. As shown 
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earlier, the behavior of conventional gas reservoir has been recovered in our simulation by 

nullifying the effects of contributing mechanisms except Darcy flow. A small portion of the 

large difference between the results of conventional and shale gas reservoir would be attributed 

to sorption, however, the greater portion must be related to the other mechanisms involved in 

shale gas flow which will be investigated later.  

The effect of sorption is more noticeable when the performance is evaluated based on gas flow 

rate. Figure 4-2(b) displays dimensionless gas production rate versus dimensionless time for 

the cases including and excluding sorption. The early time rate for the case where sorption is 

activated is about 4.5  times greater than that of the case without the effect of sorption. The 

fluid flow rate is proportional to shape factor and it is expected for the rate and shape factor to 

show the same trend when plotted versus time; in other words, they are both inversely 

proportional to the square root of time. The effect of sorption on gas flow rate is clearly 

observed throughout the whole simulation time.  

 
Figure 4-2. (a) Comparison of dimensionless shape factor versus dimensionless time between the cases 
including and excluding sorption effect; including the effect of adsorption/desorption advances the onset of pseudo 
steady state period and causes the shape factor to be larger than that of the case without sorption through the whole 
simulation time. (b) Comparison of dimensionless gas flow rate varying with time between the cases including 
and excluding sorption; desorption, especially after the reservoir pressure drops below the critical sorption 
pressure, releases more gas into the fracture through the matrix and causes the rate to increase correlating with the 
enhancement of shape factor. 
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The gaps between the results of the above cases highlight the requirement of including sorption 

in the simulations. Experimental sorption data should be obtained specific to the shale sample 

and proper modules should be added to reservoir simulators to improve the forecast accuracy. 

As of now the results of all the cases involve sorption as a contributing transport mechanism. 

In what follows the effects of initial reservoir pressure, temperature, composition and 

permeability on the shape factor and performance of the shale gas media will be studied in 

terms of shape factor variation versus time and pressure as well as gas flow characteristics.  

 

 Effect of initial reservoir pressure on shape factor 

Three different initial reservoir pressures are assumed here to investigate the effect of pressure 

drawdown on the shape factor and performance of shale gas reservoirs. The temperature, Darcy 

permeability and the composition of gas in place are fixed at the base case values. It is worth 

restating that the simulations in this study represent a constant pressure fracture, therefore a 

higher initial reservoir pressure is equivalent to imposing a larger drawdown on the reservoir. 

As can be viewed in Figure 4-3(a), although lower initial pressure (drawdown) results in lower 

value of transient shape factor, the effect of pressure drawdown on the shape factor is quite 

negligible. By reducing the initial reservoir pressure from 5000 psia  to 3500 ,psia  the early 

time shape factor decreases by only 6%,  from around 195  to 183.  The switching time to 

pseudo steady state is also shifted to lower values of dimensionless time, however to a low 

extent. The above relation between the early time shape factor and the onset of pseudo steady-

state period is observed to be the same throughout all the case studies. The transition to pseudo 

steady state occurs more smoothly at higher pressure drawdowns and despite the change in 

early time shape factor, the stabilized value remains technically the same, so the pressure effect 

on the constant shape factor could be ignored. 
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Figure 4-3. (a) Dimensionless shape factor versus dimensionless time at three distinct initial reservoir pressures 
(drawdowns); higher initial pressure causes a negligible increase in the early time shape factor and delays the 
onset of pseudo steady state period as well. (b) Dimensionless shape factor variation with dimensionless average 
reservoir pressure at three distinct initial pressures (drawdowns); the shape factor data versus pressure (than time) 
provides us with a more applicable means to be utilized in the simulations. The negligible effect of pressure 
drawdown on the early time shape factor and the stabilization at late times are observed here as well. 

 

 
 

Figure 4-3(b) presents shape factor variation versus the dimensionless pressure on logarithmic 

scales which provides a better and more applicable view than the change with respect to time. 

Although the dimensionless time (not the real time) is used here, pressure is more practical 

from viewpoint of reservoir simulation. The average reservoir pressure reduces over time, so 

the dimensionless average pressure increases versus time based on Eq. (15). As dimensionless 

time and pressure have a similar increasing trend, shape factor is a decreasing function of 

dimensionless pressure as well. The pressure drop occurs quite fast within 20Dt @  and shape 

factor remains basically constant over the asymptotic decline of pressure which constitutes a 

major portion of reservoir lifetime. This behavior matches the quick pressure drop and reaching 

the plateau observed in shale gas reservoirs, however, using a transient value of shape factor at 

a specific pressure provides a more exhaustive input to the simulator and improves the accuracy 

of the simulation results.  
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 Effect of reservoir temperature on shape factor 

Temperature is an important factor in the simulations of compressible fluid since it affects 

parameters such as viscosity and compressibility factor to a noticeable extent. The above fact 

persuades us to investigate the effect of temperature on the shape factor and shale gas reservoir 

performance. The candidate reservoir temperatures are 100 ,C�  75 C�  and 35 ,C�  while the 

other sensitivity measures are fixed at the values of the base case; i.e., permeability of 100 ,nD  

initial pressure of 4500 psia  and the gas composition presented in Table 4-1.  

Figure 4-4(a) depicts the temporal variation of dimensionless shape factor for the above three 

temperatures. As temperature decreases the early time value of shape factor increases, implying 

a higher production rate from shale gas reservoirs at lower temperatures. The transient shape 

factors for the above cases are around 179, 195 and 230 with descending order of temperature. 

The onset of pseudo steady state shifts to later times as temperature reduces; from 16Dt @  at 

100 C�  to 21Dt @  at 35 .C�  A 65%  increase in temperature reduces the shape factor by around 

20%,  which is quite noticeably larger than the effect of pressure drawdown on shape factor. 

The transient (straight line) portions drop with the same slope of 1/ 2  on the log-log plot 

indicating the inverse proportionality of shape factor with the square root of time regardless of 

the shale medium temperature, and as already mentioned, the variation of the stabilized value 

of shape factor at late times among different cases is negligible.  
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Figure 4-4. (a) Increasing the shale medium temperature causes the early time shape factor to lower, the pseudo 
steady-state period to start later and the shape factor stabilization to take place in a smoother fashion. (b) The 
variation of dimensionless shape factor versus dimensionless average reservoir pressure at three distinct 
temperatures; increasing the temperature hinders gas transfer between matrix and fracture. As the average pressure 
decreases over time the shape factors at different temperatures approach each other and stabilize at almost the 
same value. The stabilization occurs at about a quarter of the initial pressure. 

 
 
 

Dimensionless average reservoir pressure is also used as an independent variable to display the 

change of shape factor in Figure 4-4(b). The decreasing trend of shape factor versus drop of 

average reservoir pressure and the contrast between the values of shape factor over the transient 

period can be observed here as well. The convergence of the shape factor occurs at a 

dimensionless pressure of about ,0.98P
D

=  which is about 24%  of initial pressure. The 

advantage of obtaining shape factor versus pressure is that pressure, unlike time, might change 

irregularly in different scenarios such as injection, so in case average reservoir pressure returns 

to an earlier value, shape factor can be extracted from the shape factor-pressure data, however, 

the data versus time would not provide such an opportunity. 

In Figures 4-5(a) and 4-5(b) the dimensionless gas flow rate and cumulative gas production are 

graphed versus time, respectively. The half slope line is also observed in the log-log plot of 
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dimensionless rate over the transient period, which follows the same concept of square root 

inverse relation of shape factor with time. The effect of temperature is more apparent on the 

rate and cumulative production graphs than the ones showing the shape factor variations. By 

increasing temperature from 35 C�  to 100 ,C�  the early time gas production rate and final 

cumulative fluid exchange decrease over 76%.  It is quite interesting that increasing shape 

factor by 20%  leads to such a large boost in the gas production. 

  

 
Figure 4-5. (a) Temporal variation of gas flow rate in the shale medium at three different reservoir 
temperatures; the transient rate change follows a half slope line on the log-log scale and decreasing the temperature 
enhances the flow. The transient period in shale reservoir is quite long compared to that of the conventional. (b) 
Dimensionless cumulative fluid exchange between matrix and fracture; the effect of decreasing temperature on 
boosting the production and the correlation between shape factor and fluid exchange is more clearly noticed here. 

 

 

 Effect of Darcy (intrinsic) permeability on shape factor 

The intrinsic permeabilities of 50,  100  and 200 nD  are selected to measure the sensitivity of 

shape factor and gas production to the variation of permeability at an initial reservoir pressure 

of 4500 ,psia  reservoir temperature of 75 C�  and the same rock and fluid properties applied to 

the base case. Figure 4-6(a) shows the variation of shape factor with time at the above three 
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fixed permeability values. As per Equation (4-14), lower intrinsic permeability results in a 

higher value of shape factor. Doubling the permeability compared to the base case value 

decreases early time shape factor by 68%  and reducing it to the half causes an increase of 

about 33%  in early time shape factor. The switching time to pseudo steady state for the high 

and low level of permeability in this case study are 7.5Dt @  and 32,Dt @  respectively. As a 

reminder, these values are quite high compared to the dimensionless pseudo steady-state onset 

for conventional reservoirs, indicating that the transient period takes longer in shale gas 

reservoirs due to lower deliverability.  

It is also interesting to note that the transition to pseudo steady state occurs more smoothly at 

higher permeabilities. Further numerical experiments are required to find the physical reason 

supporting this idea. Moreover, intuitively there must be a spectrum or range of rock properties 

over which the value of stabilized shape factor would transition to that of conventional 

reservoirs. We will try later on to address this question.  

 
Figure 4-6. (a) Dimensionless shape factor as a function of dimensionless time for three different Darcy 
permeabilities of the shale medium; the effect of permeability on the shape factor variation is substantial. Shape 
factor changes in the opposite direction of permeability change in contrast to the intuition that higher production 
rate at higher permeability must imply a higher value of shape factor. Over the interval assumed in this study for 
the change of permeability the stabilized values of shape factor do not show a noticeable difference. (b) 
Dimensionless matrix-fracture transfer function varying versus the dimensionless average pressure; our guess is 
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that the fairly constant slope of the above log-log plot over early times in the case of permeability variation could 
be of some physical significance which requires further investigation to be explained. The ability to model shape 
factor as a function of pressure would be attractive to the petroleum industry. 
 

 

Figure 4-6(b) also displays shape factor as a function of dimensionless average pressure for the 

above set of scenarios. Dimensionless shape factor varies with a constant slope versus 

dimensionless pressure on a logarithmic scale at very early times. This period is not short for 

shale gas reservoirs in general and can last up to 10Dt @  or higher which is at least about 

5 days  of real time in our simulations. The constant slope relation could be used as a check 

measure or to provide approximate values of transient shape factor in case of the presence of 

an initial estimate. The gap between the transient values of shape factor for different 

permeabilities decreases as average pressure declines (time progresses) and finally they 

converge to almost the same value. 

The dependence of gas flow rate on permeability is significant compared to the previous 

sensitivity measures as illustrated in Figures 4-7(a) and 4-7(b). In the case where permeability 

doubles relative to the base case value, the early time dimensionless flow rate and final 

cumulative fluid exchange between matrix and fracture increase by a factor of 4  and reducing 

permeability to half the value of the base case decreases flow rate and cumulative production 

by around 90%.   

Upon increasing permeability, the gas rate increases as expected, however, shape factor 

decreases and therefore shape factor and gas production change in opposite directions, unlike 

the previous case studies. Mathematically gas flow rate depends not only on the shape factor 

but also on the pressure variation along the medium. In this case, it is pressure drawdown 

dictated by the permeability, rather than the shape factor, which determines the functionality 

of gas rate versus time. 
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Figure 4-7. (a) The variation of dimensionless gas flow rate versus dimensionless time in the shale medium 
with three distinct intrinsic permeability values; the half slope line as well as the expected correlation between 
permeability and flow rate is noticed here. The gap between the flow rates during early time is inversely 
proportional to the contrast of shape factor values for different permeabilities. (b) The dimensionless cumulative 
fluid exchange versus dimensionless time at three different reservoir Darcy permeabilities; the high impact of 
permeability variation on the reservoir performance is well observed. 
 
 

 Effect of gas composition on shape factor 

Three mole fractions of methane ( )0.6,  0.7,  0.8  for the initial gas in place of the shale medium 

are assumed in this section while Darcy permeability, reservoir temperature and initial pressure 

are fixed at 100 ,  75nD C�  and 4500 .psia  As can be viewed in Figure 4-8(a), when methane 

content increases or in other words the gas specific gravity reduces, the early time shape factor 

shifts to lower values and so does the onset of pseudo steady-state period. The effect of gas 

composition manifests itself in the functionality of real gas pseudo pressure versus viscosity 

and gas deviation factor which are composition-dependent variables. 

An increase of 20%  in methane mole percent causes a reduction of about 34%  in the early 

time shape factor value. In addition, the above change shifts the switching time to pseudo 

Dimensionless time (tD)

10-2 10-1 100 101 102 103

D
im

en
si

on
le

ss
 p

ro
du

ct
io

n 
ra

te
 (q

D
)

102

103

104

105

106

107

108

109

1010

kD=50 nD
kD=100 nD
kD=200 nD

Dimensionless time (tD)

0 50 100 150 200

D
im

en
si

on
le

ss
 C

um
ul

at
iv

e 
pr

od
uc

tio
n 

(Q
D
)

0

2.0x108

4.0x108

6.0x108

8.0x108

109

1.2x109

1.4x109

kD=100 nD

kD=200 nD

kD=50 nD

a) b)



 

90 

 

steady state from 18Dt @  to 10.Dt @  The transition period advances to earlier times and occurs 

more smoothly as the gas becomes lighter.  

 

 
Figure 4-8. (a) The change of dimensionless shape factor versus dimensionless time at three initial mole 
fractions of methane in place; the lower the gas specific gravity (higher methane content), the greater the early 
time shape factor drops and the smoother transition period shifts to earlier times. (b) The dimensionless shape 
factor plotted as a function of dimensionless average pressure at three different methane mole fractions; gas 
specific gravity is the second most influential (after permeability) on the variation of shape factor among the 
sensitivity measures considered in this study. The convergence of shape factor for different specific gravities 
(assuming everything else remains unchanged) takes place over a shorter pressure interval. 

 

 
 

The variation in shape factor versus the dimensionless average reservoir pressure over the 

whole simulation time is illustrated in Figure 4-8(b). As viewed, the effect of composition on 

shape factor is more pronounced than that of initial pressure or temperature, however, less than 

the effect of permeability. The separation between the values of shape factor from different 

graphs narrows over a smaller pressure range, i.e., the effect of composition on the variation of 

shape factor is shorter lasting. These qualitative descriptions helps tailor the input to the 

simulator for different production plans. 

The variation of gas rate and cumulative production for the above compositions are also 

presented in Figures 4-9(a) and 4-9(b) for the sake of completeness. The effect of composition 
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on the production is quite noticeable; for example, increasing methane molar content by 20%  

reduces the early time gas rate and final cumulative production by almost 85%.  It is worth to 

note that in this case decreasing the gas specific gravity by adding methane to the initial 

composition causes the compressibility factor to increase and the total amount of initial gas in 

place to shrink. 

 

 

 
Figure 4-9. (a) The variation of dimensionless gas flow rate versus dimensionless time for three distinct initial 
methane molar contents; the lower rate for the lighter gas can be looked upon from two aspects; i.e., the lower 
shape factor and the lower amount of initial gas in place however methane is believed to be produced at a higher 
rate compared to the heavier components. (b) The dimensionless cumulative gas production versus dimensionless 
time for the three compositions considered in the current case study; unlike the case of permeability sensitivity 
analysis, the lower shape factor here leads to the lower total produced gas. 

 
 

The idea here is that technically one single curve should be obtained for the graphs of shape 

factor if plotted versus a variable independent of composition. To test the idea, dimensionless 

pseudo pressure is selected and the results are presented in Figure 4-10. The distinction between 

the graphs at early times is quite negligible and pseudo pressure sounds as an applicable 

candidate to derive shape factor if the uncertainty in reservoir fluid composition is fairly high. 
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The small contrast observed at early times could be attributed to the effect of composition on 

the trend of pressure decline or the truncation errors in numerical discretization. 

 
Figure 4-10. The dimensionless shape factor variation versus dimensionless average pseudo pressure for the 
three initial methane mole fractions; pseudo pressure has the high potential of being selected as the variable for 
correlating shape factor. As viewed, the shape factor change versus pseudo pressure is a weak function of the 
initial composition.   

 

 

  Shape factor: shale versus conventional 

One of the questions brought up earlier was about the transition of the stabilized value of shape 

factor over the spectrum of shale to conventional reservoirs. There are several mechanisms, 

besides the ones in conventional reservoirs, contributing to shale gas flow due to extremely 

low permeability and tiny pore size. It is normally expected that the performance of shale gas 

reservoirs approach that of the conventional if for example permeability is increased or the 

pores enlarge. Here we try enlarging the pores which mainly affects and reduces slip 

coefficients. Lowering Klinkenberg parameter decreases the apparent permeability but the 

effect would be counteracted and canceled if the pore size is large. The slip coefficient is 
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dynamically updated in our simulations versus the change of pressure and composition. For 

simplicity, we assume constant slippage factors for the components throughout the whole 

simulation time and use the output data to derive the shape factor. The slip coefficients are 

reduced by a factor of 100  and 1000  and the temporal variation of shape factor is depicted in 

Figure 4-11. The effect is small on the early time value; however, it becomes quite substantial 

in the transition and pseudo steady-state periods. The values of constant shape factor increase 

by 95%  and 167%  compared to the base case by changing slip coefficients to 0.01  and 0.001  

of the initial values, respectively. A similar trend has been observed if the permeability is varied 

which is not included here to avoid redundancy.  

 

Figure 4-11. The dimensionless shape factor versus dimensionless time for different slip coefficients 
(Klinkenberg parameters); the performance of the shale reservoir approaches that of the conventional as the gas 
slippage phenomenon weakens or the pores enlarge. 
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4.6 Summary and conclusions 

A numerical model representing the slab-shaped shale matrix block was developed to obtain 

the gas transfer function (i.e., shape factor) between matrix and fracture producing under 

constant pressure. The developed model takes into account the simultaneous contributions of 

the major shale gas transport mechanisms including bulk Darcy flow, gas slippage, Knudsen 

diffusion, gas adsorption/desorption, pore enlargement, and real gas effect. The model was 

validated and its applicability to compute shape factor was tested versus literature data. The 

simulation results including temporal and spatial pressure and composition data were employed 

to back-calculate shape factor by means of the described procedure. In-situ parameters such as 

initial pressure, temperature, reservoir permeability and the composition of the initial gas in 

place were selected as sensitivity measures to derive the variation of shape factor as well as the 

response of shale gas reservoirs with respect to each. 

The contribution of adsorption, which could be in the same order as or higher than the portion 

of free gas, was confirmed to be significant and therefore should be included in the simulations. 

The general trend of shape factor variation composed of transient and pseudo steady state is 

conserved in shale porous media relative to the performance of conventional reservoirs 

although the time required for stabilization (convergence of shape factor to a constant value) 

is substantially higher and the constant value is considerably lower compared to those of the 

conventional case. The effect of pressure drawdown on shape factor was shown to be negligibly 

increasing. Increasing Darcy permeability, temperature and the portion of methane (lowering 

gas specific gravity) reduces the value of early time shape factor although the converged value 

remains basically unchanged. The drop of transient shape factor and the shift of stabilization 

time accompany each other through the case studies considered herein.  
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The benefit of using dimensionless pressure in lieu of time to correlate shape factor was 

explained and recommended to be applied in shale reservoir simulators. In addition, real gas 

pseudo pressure was found to be a proper candidate to obtain shape factor for different gas 

compositions. The main goal of shape factor is to simulate the fluid exchange between matrix 

and fracture at a lower computational cost. The transient period in shale media is quite longer 

compared to the case of conventional, so the accuracy of the shape factor used in the 

simulations is essential. The application of the shape factor, which includes the effects of major 

contributing mechanisms and can model the fluid transfer over the long transient period would 

definitely help increase the speed of numerical reservoir simulations and certainty of the 

production forecast.  
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Chapter 5 - Evaluation of shale gas phase behavior under nano-confinement in 

multimechanisitc flow1 

 

Abstract

Production optimization from shale gas resources is a challenging task especially when the 

knowledge of the fluid phase behavior is not sufficient. Due to nanoscale pores of shale matrix 

and higher degree of interactions between the molecules and fluid-pore wall compared to a 

conventional reservoir, the phase behavior of shale fluid under confinement is significantly 

different than the bulk fluids observed in a PVT cell. The so-called nano-confinement effect 

causes shift in the critical properties, which could be as high as 60%,  and shrinks the phase 

diagram to a large extent; therefore, correction of thermodynamic properties is vital for 

accurate reserve estimation and reservoir engineering calculations. In this study, we investigate 

the effect of confinement on the phase behavior of multi-component gas in shale media through 

detailed numerical simulations. The nano-confinement is accounted for at different levels of 

pore radius and intrinsic permeabilities in the presence of several major contributing 

mechanisms to shale gas flow, including but not limited to viscous flow, Knudsen diffusion, 

gas slippage, pore size variation and adsorption. The phase envelopes as well as temporal and 

spatial variations of composition in the shale matrix block are obtained and analyzed. The 

theoretical framework and analysis presented herein shed light on the phase behavior of 

confined fluid and the model can be used in shale and tight gas reservoir simulations. 

                                                 

 

1 This chapter is a reproduction of the following article:  
Mohagheghian, E., Hassanzadeh, H. and Chen, Z., 2020. Evaluation of shale gas phase behavior under nano-
confinement in multimechanisitc flow. Industrial & Engineering Chemistry Research. 2020, 59, 33, 15048�
15057.   
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5.1 Introduction 

New technologies including horizontal drilling and hydraulic fracturing have made production 

from shale and tight hydrocarbon reservoirs economical as conventional resources are 

experiencing decline in production. The pore size in shale reservoirs is in nanometer range and 

the permeability is extremely low; unconventional characteristics which make the simulation 

of fluid flow in shale reservoirs using a continuum approach extremely challenging.1-4 Tiny 

pore size comparable to the mean free path of gas molecules results in a phenomenon called 

confinement. Confined fluid shows different phase behavior than the bulk fluid in conventional 

media or PVT cells. The proper modeling of reservoir fluid properties is of great significance 

in reservoir simulation.5, 6  

Fluid-pore wall interactions in conventional reservoirs can be simply ignored due to their small 

length scales compared to the pore size; simulation grids are assumed to be homogeneous and 

filled with the same uniform fluid components, whereas the different phase behavior of the 

confined fluid in abundant nano-scaled pores of shale causes uncertainty in the simulations and 

using bulk instead of confined densities would bring in significant errors in production forecast 

and reserve estimation.1, 5, 7   

The adsorption phenomenon due to pore wall-fluid interactions creates a heterogeneous density 

profile in the porous medium such that heavier components are more concentrated in the 

proximity of the pore walls and lighter hydrocarbons are mostly accumulated in the central 

bulk region of the pores.8 The shift of the critical properties and saturation points are the direct 
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results of the confinement effect, which lead to an increase in formation volume factor and 

overestimation of free gas in place if neglected.9 The reduction in bubble point pressure makes 

the fluid mixture behavior similar to that of dry gas and delays condensate banking in liquid-

rich shale reservoirs.10, 11 This phenomenon explains the abnormal production profile and 

favorable GOR in shale reservoirs compared to the predictions of conventional reservoir 

simulations.12-14 The confinement effect is shown to improve the apparent gas permeability and 

positively contribute to gas transport capacity.7 

The confinement effect on phase behavior of reservoir fluids is still quite an interesting and 

uncertain area for researchers. As the consequence of increased intermolecular and pore wall-

fluid interactions inside the tiny pores of shale, thermodynamic properties such as critical 

parameters, density, surface tension and viscosity are theoretically proven to deviate from the 

values at the unconfined state and the discrepancy increases as the pore radius and permeability 

reduce. 12, 15, 16 The confinement phenomenon influences heavier components to a larger extent 

and their equilibrium K-values are stronger functions of pressure and temperature.8 The 

deviation of physical properties from the bulk state values under the confinement effect has 

been experimentally observed as well, however, the results cannot be used in practice for the 

verification of simulation results due to the insufficiency of the data and contradiction of some 

viewed trends in different laboratories. The main experimental methods to measure the 

confined fluid behavior include adsorption-desorption method, the differential scanning 

calorimetry (DSC) method, the diffusion method, and the nano-channel chips method.5 

As mentioned above, adsorption in shale causes the density to be lower in the pore center than 

that of close to the pore wall. Upon liquid-gas transition in the shale porous space, a sudden 

change in adsorption amount is observed indicating capillary condensation and adsorption-
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desorption hysteresis. As pressure (temperature) increases, the sudden jump narrows and the 

disappearance of the jump signals pore critical pressure (temperature) in adsorption-desorption 

experiments.17-19 However, the reason for the shape and behavior of the hysteresis loop is yet 

unknown and hysteresis critical temperature has been proven smaller than pore critical 

temperature in a single pore.20 Although different adsorption behaviors are observed in 

different shale samples depending on the composition (minerals and kerogen) and pore size 

distribution, the main conclusions of this experimental method include the following: 

saturation pressure and critical temperature decrease under confinement and the phase behavior 

approaches that of the bulk as pore size increases.17, 19, 21, 22  

Differential scanning calorimetry (DSC) is a method to measure thermal properties such as 

specific heat using the rate of heat of transformation during temperature ramp. This method 

has been recently utilized to determine the bubble point temperature of confined fluid. Luo et 

al. conducted DSC experiments on pure and binary hydrocarbon mixtures and concluded that 

bubble point temperature of the confined and adsorbed fluid is lower and higher than that of 

the bulk, respectively.23, 24 The above observation implies that heavier components tend to 

adsorb on the pore walls, whereas lighter ones fill the pore center as confined fluid. However, 

there are inconsistencies in the results found by different researchers mostly because of the lack 

of clear physics and different assumptions made for data analysis. In addition, phase transition 

rates of bulk and confined fluid are not accounted for separately and the application of this 

method remains dubious.5  

In diffusion experiments, the diffusivity of the bulk fluid increases with temperature and a 

sudden jump indicates the critical temperature. Zeigermann et al. conducted such an 

experiment on a few porous materials with different pore radii and concluded that the pore 
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critical temperature is lower than that of the bulk and the gap becomes larger as the pore size 

diminishes.25 

In nano-channel chips experiments, the nano-channels play the role of shale nano-pores and 

the phase transition during pressure or temperature change is observed using imaging 

technologies. The general conclusions are as follows. The bubble point temperature of the 

confined fluid is different than the bulk. The confined bubble point pressure and critical 

temperature are lower and the deviation from the bulk values increases as the depth of the nano-

channels lowers or the confinement effect is elevated. The dew point deviation is not yet 

thoroughly known due to experimental data deficiency on one hand and the differences 

between the real shale core and porous materials used in the lab experiments on the other 

hand.26, 27 

Despite the fact that lab experiments provide visual evidence for the phase behavior of the 

confined fluid, they are expensive and cover a limited range of fluid type, pressure and 

temperature. Molecular simulation on the other hand does not suffer from such constraints and 

solves the molecular system for position and momentum distribution. A large ensemble of 

thermodynamic systems with the same macroscopic but different microscopic properties are 

let evolve to reach thermodynamic equilibrium. The two categories of molecular simulation 

include molecular dynamics (MD) and Monte Carlo (MC) simulations and are well suited to 

study the confinement effect in nano-pores. MD solves the Newtonian equations of motion 

numerically for the phase trajectory of the molecular system. MC continuously generates and 

samples molecular system configurations and computes their total energy until the most likely 

configuration with minimum energy is found. The shift of critical properties, bubble point and 

dew point have been realized by molecular simulations.5 
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MD has recently been used in shale gas and oil research mostly to obtain density profiles and 

study adsorption behavior. The main conclusion is the higher tendency of heavier hydrocarbons 

to adsorb on the pore wall.28, 29 The drawbacks of MD include extremely high computational 

cost which makes it inapplicable to field-scale study or even simulation of a shale core; severe 

restriction on time stepping (in the order of nano-seconds) due to energy conservation 

requirement and the high sensitivity to initial conditions.5  

A few researchers applied grand canonical Monte Carlo (GCMC) simulation to the study of 

phase behavior of confined fluid in nano-pores. They concluded that confined critical 

temperature and pressure are lower than those of the bulk, the shift increases as pores become 

smaller and the heavier components grow in concentration under confinement.15, 30 The 

application of GCMC to complex multicomponent mixtures is prohibitive from viewpoint of 

calculation time. Grand ensemble Monte Carlo (GEMC) is developed to study phase 

coexistence at a higher convergence speed. The main results obtained from the simulations 

include: 1) Critical temperature decreases under confinement and the shift depends on pore 

size, pore size distribution and fluid-wall interactions, 2) Critical density of light hydrocarbons 

(gas) is greater than the bulk and for heavier hydrocarbons (liquid) it is less than the bulk. 3) 

fluid condensation occurs sooner in smaller pores.31, 32 Both MD and MC have trouble dealing 

with phase coexistence near-critical region.33 

In commercial reservoir simulators, phase behavior calculations including flash calculation and 

phase stability tests are carried out based on equations of state (EOS). Since phase behavior of 

confined fluid in shale reservoirs is different than the bulk fluid of conventional reservoirs, 

modifications to the EOS can be regarded as an efficient way of modeling fluid in shale nano-

pores. The modifications include density functional theory (DFT), simplified local density 
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(SLD) method, Adding terms to the EOS such as critical point shift and modifying the EOS by 

considering fluid-wall interaction and/or finite pore volume.5 

DFT and SLD yield density distributions in shale nanopores by taking into account the non-

homogeneous density profile inside the pores and pore wall-fluid molecules interactions. Some 

of the conclusions include higher saturation temperature, lower saturation pressure, lower 

critical temperature and pressure of the confined fluid compared to the bulk. Dew point change 

under confinement needs further investigation, however, DFT results show that lower and 

upper dew point pressures are lower and higher than the bulk, respectively.34, 35 Capillary 

pressure and shift of critical properties can be combined with the EOS to account for the phase 

diagram shift.36-38 The best modification to an EOS could be inserting fluid-wall interactions 

and integrating the EOS over finite pore volume in the derivation.39, 40 Perturbed-chain 

statistical associating fluid theory (PC-SAFT) equation of state is an example of the modified 

type which includes the effect of confinement (finite pore volume) by using the depth and width 

parameters of fluid-fluid Lennard-Jones potential and cross-sectional areas of pores.41  

None of the commercial reservoir simulators include the confinement effect in the phase 

behavior of shale reservoirs. Due to restricted flow capacity in shale, the assumption of 

instantaneous equilibrium is not valid. In this study, a model including all the major complex 

transfer mechanisms of shale gas, namely Klinkenberg effect (slip flow) 42, Knudsen diffusion 

43, sorption 44-46, pore radius change 47 and real gas effect is developed and solved numerically 

to investigate the confinement effect in shale nanopores by considering the shift of critical 

properties. The confinement would affect the composition and subsequently the phase behavior 

of gas in place. To the best of our knowledge, the novelty of this work originates from the 

coupling of the most influential shale gas transfer mechanisms in the phase behavior studies.  
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In the following, the shift of phase envelope as well as the spatial and temporal variation of 

composition under different levels of confinement will be investigated.  

 

5.2 Mathematical Formulation 

  Model description and governing equations  

The model developed in this study includes the effects of several major mechanisms 

contributing to shale gas flow dynamics. Viscous flow of the free compressed gas under 

pressure gradient mainly in fractures, gas slippage at the pore walls, Knudsen diffusion due to 

the proximity of pore size and gas molecules mean free path, gas desorption from the surface 

of the shale matrix below critical sorption pressure and ordinary or surface diffusion of 

different gaseous components.48 

The advective-diffusive model (ADM) and the dusty gas model (DGM) are the two well-known 

means of gas flow simulation in shale and tight gas reservoirs. These models either lose their 

applicability at high Knudsen numbers or impose a large computational burden. The details of 

these models can be found elsewhere.49-51 

The �Knudsen-slip-advection-desorption� model presented here is based on a previous work52 

and extended to a multi-component gaseous mixture including the additional effect of sorption. 

The mass conservation or continuity of component i  which is present in the free as well as the 

adsorbed phase is formulated as below. 

( ) ( ) ,1 . ,ii a iy q F
t t

f r f
fi fi¶ ¶+ - = -Ñ

¶ ¶
��

(5-1) 

where the term on the right represents the negative divergence of the flux of component ,i iy  

is the mole fraction of component ,i  r  represents the molar density of the gas mixture,f  is 
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the porosity of the shale medium and ,a iq denotes the moles of the adsorbed gaseous component 

i  on shale unit volume. The multicomponent Langmuir isotherm adsorption model as shown 

below is selected here due to computational efficiency, simplicity and proving capable at 

matching the experimental sorption data.44, 53  
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where sr  represents the shale density, scP  and scT denote standard pressure and temperature, 

respectively, ,L iV  is the Langmuir volume or the maximum standard volume of adsorbate i  at 

infinity pressure , ,L iP  is the Langmuir pressure of component i  or the pressure at which half 

of ,L iV  is adsorbed, P  is pressure, R  is the universal gas constant and cN stands for the number 

of components. 

The flux of component i  in shale gas medium can be obtained from the following. 54 
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(5-3) 

where Dk  is shale Darcy permeability, m  is gas viscosity, ib  is the extended Klinkenberg 

parameter of component ,i  which accounts for gas slippage, ,kn iD  represents the effective 

Knudsen diffusivity of component i  and Z  is gas compressibility factor.   

Klinkenberg parameter of component i  ( )ib  is formulated as below55 

8 2 1 ,i
i eff i

RTb
M r
p m

a
� �
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(5-4) 



 

108 

 

 

where iM  is the molar mass of component i  and effr  refers to the effective pore radius of the 

medium including the effect of sorption on pore size variation56 as shown in Equation (5-5).  
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where the first term on the right is the average pore radius modified by the second term 

accounting for the effect of sorption. t  is the tortuosity of the shale medium,  defined as the 

ratio of the actual fluid path length in the pores to the bed length.57  

The following equation has been presented to correlate ia  or the tangential momentum 

accommodation coefficient of component i  with Knudsen number of component ( ) ii Kn 58  

( )0.71 log 1 ,i iKna = - + �� (5-6) 

where ,iKn  which is the ratio of the molecules mean free path to the characteristic radius of 

the porous medium, is shown below.55 

2
,
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r Pp d
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(5-7) 

in which id  is the molecule diameter and Bk is Boltzmann constant.  

Modification of the effective molecular diffusivity ( ),k iD  for the effects of porosity and 

tortuosity yields Knudsen diffusivity of component i  ( ),kn iD  as given by49, 55 
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As noticed, the effect of pore radius is included in the Klinkenberg parameter as well as the 

Knudsen diffusivity. The above effect is a function of pressure and composition in the course 

of simulations. 

After using real gas law to substitute for molar density and assuming isothermal and one-

dimensional flow, the following equation, involving the effects of above mentioned major 

mechanisms, is derived for the multi-component gas transport in shale media.  
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(5-9) 

 

  Critical properties shift   

The shift of critical properties under the nano-confinement effect has been observed 

experimentally and supported by many theoretical studies.1, 37, 40, 59 The critical properties of 

the confined fluid deviate significantly from the values of the bulk fluid due to the increased 

interaction of the molecules with the pore walls as well as with each other.15, 16 

The following correlations have been developed by Jin et al.60 for the shift of critical 

temperature and pressure in the confined state by fitting the results of molecular simulation of 

Singh.16, 61 These correlations are implemented in the EOS used in our simulations. 
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where subscripts ,  c b  and p  refer to the critical, bulk and pore state, respectively and LJs  is 

the Lennard-Jones parameter. 

 

  Model setup 

In this study, the effect of nano-confinement on the fluid phase behavior (phase envelope) in 

shale porous media and the temporal and spatial variation of composition are investigated using 

the developed model. Table 5-1 presents some of the static properties of the simulated shale 

medium along with the composition of the initial gas in place of the base case. Uniform 

pressure and concentration are applied across the medium for initialization. Zero concentration 

gradient and constant pressure of 7 MPa are set at the producing right boundary ( ) ,x L=  and 

the left boundary ( )0x =  is closed to the flow; representing the symmetry element. 

 
Table 5-1. Some of the properties of the base case reservoir model 

Property Value 
Porosity, [ ] f -    0.1 

Darcy permeability, [ ] Dk nD  100 

Tortuosity,  [ ] t -   4 

Length, [ ] L m    4  
Average pore radius [ ]nm  30 

Reservoir temperature, C� �� �
�  75 

Outlet boundary pressure [ ]/psia MPa   1000/6.9 
Initial reservoir pressure [ ]/psia MPa   4500/31 
Initial mole fraction of C1, C2, C3, CO2  ( 0.6,  0.25,  0.1,  0.05)yi =  
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5.3 Numerical Approach and Methodology 

  Numerical approach 

Equation (5-9) which shows the continuity of component i  in shale matrix block is a system 

of nonlinear partial differential equations that must be solved simultaneously for the pressure 

and composition of the numerical model grid blocks. Considering that the concentrations must 

add up to unity 
1

( 1),
cN

i
i

y
=

=�  the dimension of the linearized discrete system would be the product 

of the number of grid blocks by one less than the number of components. Backward Euler in 

time and centered differences in space are selected to discretize the equations and Newton-

Raphson iterations (Jacobian matrix) are employed as the nonlinear solver. A maximum of 30 

iterations per time step and tolerance factor of 410-  for the second norm of the residual vector 

are applied to the system. Single-point upstream weighting is also used to assign parameter 

values to the blocks interface. Since commercial reservoir simulators do not include the 

contribution of all the major mechanisms of shale gas flow dynamics considered in our model, 

the verification of the numerical approach is carried out by comparing the numerical results of 

single-component viscous flow with that of the pseudo pressure solution to gas diffusivity 

equation. It is also worth noting that the performance of the model has already been tested and 

proved in the approximation of shale gas apparent permeability61 and simulation of CO2 

sequestration62 in our previous works.   

 

  Methodology 

The model developed earlier is used to investigate the behavior of the reservoir fluid in 

response to the nano-confinement effect of shale gas porous structure. The critical properties 

shift according to Equation (5-10) are implemented in the EOS for phase behavior calculations. 
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Peng-Robinson EOS and Lee correlation are employed to calculate gas compressibility factor 

and viscosity, respectively, as functions of pressure and composition.62 63 Each scenario 

simulates 120  days of primary production subject to the above initial and boundary conditions 

and involves the contribution of transport mechanisms such as viscous flow, slip flow, Knudsen 

diffusion, adsorption/desorption and pore enlargement upon depletion. The impact of 

confinement on the deviation of the phase envelope compared to the bulk state as well as the 

effect of sorption over the simulation course is studied. The confinement effect is measured at 

different pore radii and intrinsic permeabilities relative to the parameter values of the base case 

and the variation of composition at the outlet with respect to time and also versus location 

inside the reservoir are obtained for each scenario to check the significance of including the 

effect of confinement in shale gas reservoir simulations. The analysis, comparison and 

discussion of the results are presented in the following sections.  

 

5.4 Results and Discussion 

The effect of nano-confinement on the phase behavior and composition variation of a shale gas 

reservoir fluid versus time and space for different pore radii and Darcy permeabilities are 

investigated. The deviation of bulk fluid behavior from the confined state signifies the necessity 

of including the confinement effect in shale gas flow simulations. This effect is studied in the 

presence and absence of adsorption effect as well. The change of composition and fluid 

properties of shale gas is more rapid than the conventional case and the phenomenon of 

chromatographic separation is well observed in the reservoir.  

The main properties of the base case are shown in Table 5-1. In each scenario, after 120  days 

of primary depletion, the sensitivity of phase behavior and composition to pore size and 
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intrinsic permeability relative to the base case is quantified and the results are presented and 

discussed in what follows. The dimensionless variables used in this study are dimensionless 

time based on cross-sectional area ( ) ,DAt  and dimensionless length ( )Dx  which is the spatial 

coordinate normalized by the medium length as defined below. 

( )
0.006328 ,D

DA
ci

k tt
c Afm

= ��
(5-11a) 

,D
xx
L

= �
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where subscript i  refers to the initial state, c  is isothermal gas compressibility in 1,  Dpsia k-  

stands for Darcy permeability in ,  mD t   shows time in days, cA  represents the cross-sectional 

area in 2.ft  

 

 Effect of confinement and sorption on shale gas phase behavior 

The nano-confinement effect in shale reservoirs has been experimentally observed as well as 

theoretically proved and there also exist several many independent works supporting the idea 

of the shift of critical pressure and temperature.1, 16, 37 Tuning the equation of state for phase 

behavior calculations is a convenient and computationally efficient way of accounting for the 

nano-confinement effect. Figure 5-1 compares the phase envelope for the bulk and confined 

states at two distinct points of simulation time; at 10  and 70 days of production. The shrinkage 

of phase envelope under confinement compared to the bulk state is clearly viewed; the 

separation of the curves or the deviation is more noticeable in the vicinity of the critical point. 

The contrast between the two states increases later in the production. The chromatographic 

separation (CS) coupled with nano-confinement causes the observed behavior; i.e., as time 

advances the concentration of heavier components in the reservoir increases since the lighter 
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components such as methane proceed faster towards the production well and are produced at 

higher rates. The nano-confinement on the other hand has a larger impact on heavier 

components and the shifts of critical properties become more pronounced as the heavy fractions 

build up. The above facts lead to a reduction in the bubble point pressure and intensify the 

phase envelope shrinkage. This shows the significance of capturing the confinement effect in 

the simulations especially over long production periods. Using conventional EOS causes error 

in phase behavior calculations of shale reservoirs.  

Figure 5-2 shows the temporal variation of the composition of the produced gas from the base 

case including and excluding the confinement effect represented by the ratio of methane mole 

fraction at the outlet to its initial value versus dimensionless time. The chromatographic 

separation which enhances the concentration of heavier components is noticed, however, when 

the confinement effect is taken into account the CS process is alleviated, the producing gas 

remains heavier for longer and the normalized concentration of methane in place is larger 

compared to the case where pore confinement is deactivated in the simulations. Figure 5-3 

presents the change in concentration versus the dimensionless length of the medium at 70  days 

of depletion (equivalent to a 127).Dt »  As viewed, the lighter components are produced at a 

higher rate and methane concentration decreases over the length from the no-flux boundary 

towards the outlet. Including the confinement effect in the simulations decreases the 

concentration gradient across the medium. 

The next important factor to consider is sorption which in general could have a high 

contribution to the total gas production along with the free gas in the shale porous space. The 

adsorbed phase is a supplementary source of gas manifesting itself mainly after the reservoir 

pressure falls below the critical sorption pressure. Figure 5-4 illustrates the confined phase 
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envelopes for the base case at 10  and 70 days including and excluding sorption. In spite of the 

role of sorption mechanism in shale gas flow and production, it is not a prominent factor in 

phase behavior determination. The error in phase behavior calculations caused by ignoring 

sorption would not be substantial, however, its general major impact on flow and simulations 

has been notified in literature. From phase behavior point of view, sorption has similar 

functionality to that of confinement in the sense that in the presence of sorption the phase 

envelope shrinks to some extent and the critical properties shift down, however, sorption makes 

the gas in place heavier over time as heavier components have a higher affinity to the pore 

walls. The effect of sorption on phase behavior increases over time as so does the confinement 

effect. There are several mechanisms involved in shale gas flow as well as sorption such as slip 

flow and various types of diffusion which cause the unconventional behavior of shale gas 

reservoirs. Sorption parameters are strongly dependent on the shale type and have to be 

determined experimentally for individual samples. The simulation results presented in the 

following of this study include the effect of confinement as well as the contribution of sorption.  
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Figure 5-1. Phase envelopes of the gas in the shale medium at bulk and confined states after 10 and 70 days of 
primary depletion; the deviation of confined fluid properties from the bulk state becomes more significant as the 
gas in place enriches in heavy components over time due to chromatographic separation effect. 
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Figure 5-2. Temporal variation of the normalized methane concentration at the outlet; Confinement delays 
methane production to some extent and keeps the gas in place lighter as a counteracting phenomenon to 
chromatographic separation. 

  
Figure 5-3. Spatial variation of normalized methane concentration through the shale medium; methane is 
produced faster at the outlet, hence the decreasing trend of the curve. Confinement makes the composition 
variation smoother across the block. 
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Figure 5-4. Effect of sorption on phase envelope after 10 and 70 days of primary depletion; the observed effect 
is not significant although it has similar impact as that of confinement on the shift of critical properties and phase 
envelope shrinkage. The effect grows over time. 

 
 

  Effect of pore size on shale gas phase behavior 

Intuitively the phase behavior deviation of the confined fluid from the bulk state must be greater 

as the degree of confinement increases with pore size shrinkage. The variation of the phase 

diagram of a shale gas sample at different levels of pore radius is presented in Figure 5-5. The 

simulations verify the expected trend and show considerable impact of confinement at pore 

radii less than 10 .nm  The change in critical pressure and temperature at the pore radius of 

2 nm compared to the bulk state is 23%  and 61%,  respectively. The confinement effect 
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increases to 50 .nm  In other words, the convergence of shale gas behavior to that of the bulk 
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different mineral and chemical structure of shale samples and the interaction with the fluid as 

one influencing factor. The phase envelope shrinkage due to nano-confinement causes the 

isothermal pressure decline path in the reservoir to intersect later with the upper dew point, 

hence delays liquid dropout in liquid-rich shale reservoirs and benefits production. To capture 

the difference between the phase behavior of confined and bulk fluid in shale reservoirs at least 

two sets of EOS are required to be nested in the simulator which is beyond the capabilities of 

current commercial reservoir simulation packages.   

  
Figure 5-5. Phase envelopes of shale gas reservoir fluid under confinement at different pore radii; the shift of 
critical properties and phase envelope shrinkage are quite substantial at very small pore radii, showing the 
importance of including confinement effect in reservoir engineering calculations. The phase behavior of the 
confined fluid approaches that of the bulk fluid as pore size increases (expected). 
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methane concentration to stay at higher levels over longer periods. The CS process is well 

noticed in all cases. A faster flow of lighter components, due to larger slip coefficients and 

higher adsorption degree of heavier components to the pore walls, is known as 

chromatographic separation which causes the gas in place to become heavier over time. 

Confinement effect has a greater impact on heavier components and the fluid experiences larger 

deviation from the bulk behavior; i.e., the effect of two phenomena (CS and confinement) 

acting simultaneously is observed. The rate of composition variation is lower at smaller pore 

size and it does not change significantly for radii below 10 ,nm  but it shows a noticeable 

increase at 30 .nm  The producing gas is heavier and becomes heavier over a shorter time when 

the pore radius is above the threshold.  

 
Figure 5-6. Temporal variation of normalized producing methane concentration; at very small pore radii the 
methane concentration is noticeably high at the outlet and the composition variation occurs more smoothly. 
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Figure 5-7 shows the dimensionless spatial variation of composition across the medium at 70  

days of depletion. The lighter components such as methane proceed faster toward the constant 

pressure well and are produced faster, so after a while, the composition becomes leaner closer 

to the no-flux boundary relative to the outlet. The variation trend is quite the same at different 

levels of confinement (pore radii) and the gap between the composition of gas from different 

cases increases towards the production well. The CS effect is considerable especially at the 

pore radius of 2 ,nm  such that the producing gas is over 15% more concentrated in methane 

than the initial gas in place. The confinement effect substantially drops at the radius of 30 nm  

and the change in composition is quite low when the pore size is changed to 50 ;nm  i.e., fluid 

phase behavior converges to that of the bulk fluid as noticed earlier in the phase diagram. 

 
Figure 5-7. Variation of normalized methane concentration across the shale medium after 70 days of primary 
depletion; methane concentration is higher at the closed boundary as methane exits the outlet faster. The 
concentration gradient increases to a small degree as pore size enlarges. 
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  Effect of Darcy (intrinsic) permeability on shale gas phase behavior 

The intrinsic permeabilities of 10,  50, 100  and 200 nD  are selected to analyze the sensitivity 

of phase diagram and compositional variation with respect to permeability at an initial reservoir 

pressure of 4500 ,psia  reservoir temperature of 75 ,C�  average pore size of 30 nm  and the 

same rock and fluid properties applied to the base case. Here, we ignore the correlation of pore 

size and permeability and consider them as independent parameters. As can be seen from the 

phase envelopes of Figure 5-8, the deviation of confined fluid properties from those of the bulk 

fluid is quite substantial at the permeability of 10 ;nD  such that the critical pressure and 

temperature are by 20%  and 50%  lower than the corresponding values of the bulk state, 

respectively. The gap between the behavior of the confined and bulk state or the shift of critical 

properties is not significant for permeabilities greater than 100 .nD   

This effect is expectedly observed in shale gas composition as well. The temporal 

compositional variation at the outlet is illustrated in Figure 5-9. At the permeability of 10 nD  

the CS effect is so significant that the methane fraction in the producing gas stays almost the 

same over the simulation time of 120  days and the rate of composition change is quite small. 

The normalized concentration of methane in place remains at a higher level due to the 

confinement effect, while the chromatographic separation process drives methane to the 

production well at a higher rate. The two effects seem to be opposing; however, CS has a 

greater impact on lighter components and confinement influences heavier components to a 

larger extent (i.e., the shift in the critical properties of heavier components is larger). As 

permeability is raised the change of composition occurs faster and confinement and CS effects 

become less apparent.  
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Figure 5-8. Phase envelopes of shale gas reservoir fluid under confinement at different Darcy permeabilities; 
The deviation of the confined fluid behavior from that of the bulk state is well observed at permeabilities below 
100 .nD  A critical temperature shift of 50%  at 10 nD  is noticeably large. 
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Figure 5-9. Temporal change of methane concentration at the outlet normalized by the initial concentration in 
place; although at lower permeabilities the effect of confinement is larger, CS effect causes the produced gas to 
be lighter; therefore, the gas in place remains heavier and more influenced by the confinement effect. As 
permeability increases and the reservoir approaches the conventional type and fluid behavior converges to that of 
the bulk state the composition variation becomes steeper. 
 
 
Figure 5-10 also presents the normalized methane fraction of the gas in place across the shale 
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modifying the input EOS to the reservoir simulator in order to account for the confinement and 

CS effects. 

 

 
Figure 5-10. Change of normalized methane concentration across the dimensionless length of the shale matrix 
block; as noticed before in the case of sensitivity measurement to pore size the compositional variation trend is 
decreasing towards the outlet and methane fraction is higher over the spatial domain at lower permeabilities in 
which confinement and chromatographic separation are both accentuated. 
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Knudsen diffusion, gas adsorption/desorption, and pore enlargement, which are specific to 

shale and tight reservoirs and not all included in commercial reservoir simulators. The intrinsic 

permeability and pore size were selected as sensitivity measures to study the pore confinement 

effect.  

Due to the abundance of nano-pores and a high degree of interaction of gas molecules with the 

shale pore walls, large deviations are observed in the fluid phase behavior compared to the bulk 

state. The examples of deviations include the shift in critical pressure and temperature, bubble 

point and dew point pressure and heterogeneity of the density profile due to the higher 

adsorption of heavier components to the pore surface. Tuning the EOS to include the shift of 

critical properties is an efficient way to capture the confinement effect in the simulations. The 

pore confinement effect expectedly becomes more significant as pore size and/or permeability 

decreases. This effect could grow noticeably at very small pore radii or low permeabilities and 

lead to up to 60%  reduction in critical properties compared to the bulk state values. At 

permeabilities approximately above 100 nD and pore radius greater than 30 nm  the 

confinement effect becomes trivial, indicating the convergence of the fluid properties to those 

of the bulk state.  

Chromatographic separation (CS) causes lighter components to flow faster towards the 

production well and produce at higher rates. The gas in place becomes heavier over time and 

would be more affected by the confinement effect, hence larger shifts appear in the critical 

properties. The confinement effect alleviates the CS process and causes the gas in place to stay 

lighter. At very small pore radii or low Darcy permeabilities, the normalized producing 

methane concentration is significantly high at the outlet and it increases further from the 

production well. At higher degrees of confinement, the compositional variations occur more 
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smoothly and the concentration gradients are found out to be smaller. The role of adsorption, 

in spite of its high contribution to gas production, was shown to not be significant, however, it 

should be included in the simulations.  

Pore confinement is not incorporated in the existing simulators and large errors could evolve 

in shale gas reservoir simulations if the confinement effect is ignored and bulk fluid properties 

are inputted instead. This study forms a basis and guideline to include confinement effect as a 

module in the commercial simulators and the quantitative results can be used to validate the 

output from later simulations and reduce the uncertainty of the production forecast.  
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6 Chapter 6 - Conclusions and recommendations 

 

6.1 Conclusions 

The main objective of this study was to investigate shale gas flow dynamics under the effects 

of  different major transport mechanisms including viscous and slip flow, Knudsen diffusion, 

gas adsorption/desorption, pore enlargement, and real gas effect on multicomponent gas. The 

developed model was then utilized to derive apparent gas permeability, study the potential of 

depleted shale reservoirs for CO2 sequestration and enhanced gas recovery, investigate the flow 

connection between matrix-fracture, and explore the effect of confinement on phase behavior 

and compositional variation. The concluding remarks of this dissertation and the relevant 

recommendation for further study can be summarized as follows.  

 

• Rate transient analysis was used as the framework to obtain apparent gas permeability 

as a parameter to match the results of multicomponent multimechanistic case with those from 

single component (with averaged properties of the multicomponent gas) Darcy flow. 

 

• The proposed procedure can be utilized to derive apparent permeability for grid blocks 

of a shale reservoir model to expedite the simulation process while maintaining accuracy. 

 
 

• Carbon storage was shown to be far greater than additional methane recovery. CO2 

storage and CH4 recovery are higher and change faster at higher initial pressures, lower 

temperatures and lower permeabilities, and pressure was found to be the most influential factor. 
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• It was noticed that a significant portion of the injected CO2 can be stored in the adsorbed 

form in shale gas reservoirs. 

 
• Including the effects of all the major transport mechanisms, especially sorption in 

numerical reservoir simulators can improve the estimations of carbon storage and additional 

natural gas recovery in shale gas reservoirs.  

 
• The contribution of adsorption to the shape factor was shown to be significant and 

therefore it should be included in the simulations. 

 
• Compared to the conventional case, the stabilization time (convergence of shape factor 

to a constant value) is substantially higher and the constant value is considerably lower. 

 

• The applicability of real gas pseudo pressure to obtain shape factor for different gas 

compositions was noted. 

 

• The accuracy and certainty of reservoir simulation results can be improved by using 

pressure-dependent (rather than time-dependent) shape factors that would be suitable for long 

transient periods of shale gas reservoirs and would also include the effects of all the major 

contributing transport mechanisms.  

 
• The apparent permeability obtained for matrix can replace Darcy permeability and the 

derived shape factor can be used to model the interaction between matrix and fracture over 

shorter periods and expedite the field-scale shale reservoir simulations. The real field 
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production data can be utilized to fine-tune the model and the procedures of developing 

apparent permeability and shape factor.  

 
• The sensitivity studies on carbon storage and enhanced methane recovery can be used 

as screening measures to select proper candidates for carbon dioxide sequestration and 

additional natural gas recovery. Real shale adsorption data can help select the most suitable 

adsorption isotherm equation.  

 
• The confinement effect causes large deviations in the fluid phase behavior compared to 

the bulk state. 

 
• The pore confinement effect becomes more significant as pore size and/or permeability 

decrease and could cause up to 60%  shift in the critical properties. 

 
• The confinement effect alleviates the chromatographic separation process and causes 

the gas in place to stay lighter. 

 
• Nano-confinement effect is significant and it must be included as a module in reservoir 

simulators to avoid large errors introduced by inputting bulk fluid properties instead of the 

values at the confined state. 

 

6.2 Recommendations for future work 

The model developed in this dissertation is one-dimensional, homogeneous, single-phase and 

it does not capture the effects of three-dimensional phenomena, heterogeneity, and multiphase 
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flow in the shale matrix. There are several potential research opportunities to extend the current 

methodology, some of which are listed below. 

 

• More complex 2D  and 3D  porous media can be simulated where different porosity 

types, such as porosity in the organic matter, are accounted for individually. The effect of 

heterogeneities in rock properties such as porosity and permeability throughout the porous 

medium can be included in the model. 

 

• Shale surface material-dependent and more comprehensive adsorption isotherms can 

be used to model the sorption effect. 

 
• The effect of pore throat and its size on the flow type, whether viscous or diffusion 

dominated flow, can be included in the model. Natural and induced fractures can be embedded 

in the grid blocks to make the model more realistic. The effect of total organic content (TOC) 

on the flow behavior could be considered as well. 

 
• Wider ranges for the independent variables such as initial pressure, temperature and 

Darcy permeability and testing different combinations of the parameters could provide a better 

insight into the performance of shale gas reservoirs under different conditions. 

 
• Soaking time after CO2 injection is assumed constant in our modeling. Conducting 

sensitivity analysis to the length of the soaking period could come in helpful in carbon storage 

targets selection. 
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• Fracture is treated as a constant-pressure boundary condition in our simulations. The 

interaction between matrix and fracture can be modeled in a fully coupled manner. 

 
• Including the effect of geomechanics and using stress-dependent permeability in the 

model would improve the accuracy of the simulated scenarios.  

 
• And last but not least, multiphase flow can be adopted for cases such as liquid-rich 

shale gas reservoirs with the potential presence of water film and condensate dropout. 
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7 Appendix A 

A.1 Effective Knudsen diffusivity 

The average pore radius using a simple first-order approximation considering the bundle of 

capillary tubes for the nano-porous medium is given as (Peters, 2012) 

8 ,D
avg

kr t
f

= ��
(A-1) 

where ,  Dk f  and t  are Darcy permeability, porosity and tortuosity, respectively. In this study, 

we defined tortuosity as the square of the ratio of the actual fluid path length to the length of 

the porous medium (always greater than one). kD  representing the Knudsen diffusivity of a 

gaseous component is formulated as below (Javadpour, 2009). 

2 8 ,
3k avg

RTD r
Mp

= ��
(A-2) 

where ,  R T  and M  are the universal gas constant, absolute temperature and molar mass of 

the component.  

The effective Knudsen diffusivity given below is similar in form to the effective molecular 

diffusion proposed by Webb and Pruess (2003), however, our definition of tortuosity is 

different than theirs. 

, .Kn eff kD D f
t

= �� (A-3) 

After replacing the expressions for avgr  and kD  into Equation (A-3), the following term will be 

obtained for the effective Knudsen diffusivity. 

,
16 .
3

D
Kn eff

k RTD
M
f

p t
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(A-4) 
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A.2 Contribution of different mechanisms 

The effect of free, adsorbed and dissolved gas on the cumulative production can be depicted in 

the material balance crossplot as shown in Figure A-1. 

 

 

Figure A-1. P/Z vs. Gp crossplot for Well No. 6630, Lincoln County, WV (Aguilera and Lopez, 2013) 

 

The free gas is initially produced and the adsorbed phase starts desorbing after the critical 

sorption pressure. As the pressure keeps decreasing the concentration gradient between the 

kerogen body and surface leads to gas diffusion and liberation of the dissolved gas in kerogen 

(Orozco and Aguilera, 2015). As can be viewed, the contribution of different mechanisms to 

the cumulative production is in the descending order of desorption, diffusion and bulk free 

phase flow. The extent of contributions would differ in different shale gas reservoirs depending 

on the rock and fluid properties; however, the order observed is usually the same as the above. 
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The effect of adsorption, due to its important role, can be investigated separately on a material 

balance crossplot for different values of Langmuir volume as presented in Figure A-2. 

 

 

Figure A-2. Material balance crossplot for free gas (VL = 0 scf/lb), and free gas plus adsorbed gas using three 
different Langmuir volumes (VL = 1x10-1, 1x10-2 and 1x10-3 scf/lb) (Lopez and Aguilera, 2015). 

 

As shown above, when the Langmuir volume increases, the deviation of the material balance 

curve from the straight line of free gas (VL=0) becomes more noticeable indicating that 

desorption can contribute to the cumulative production to a large extent. At lower values of 

Langmuir volume, the curves are concave upward implying the early time contribution of free 

gas and late time contribution of the adsorbed gas. At higher values of Langmuir volume, the 

curves tend to concave downward meaning that the order of contribution of the free and 

adsorbed gas switches (Lopez and Aguilera, 2015).  
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