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ABSTRACT

This thesis examines the relationship between operating costs of natural gas
production, and both quantity produced and remaining reserves. The focus is at the
individual well level for wells in the Countess region of the Province of Alberta. The
results support the theory that operating costs are rising with quantity produced. and
decreasing in the level of remaining reserves. By looking at the components of operating

costs. it is possible to see that some costs are better explained by quantity and reserves.
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Chapter One: Introduction: Upstream Naturat Gas Production

The focus of this thesis is on the determinants of operating costs of natural gas
reservoirs. In order to address the question of what factors affect operating costs. it is
necessary to have an understanding of the technical aspects of a natural gas reservoir. and
extraction of gas from a reservoir. The introduction to this thesis sets down a brief
overview of a gas reservoir and the upstream natural gas industry. From there, a review

of the economic literature follows, and then the empirical work of this thesis.

1.1  Natural Gas Reservoirs

Conventional natural gas is a depietable natural resource. A depletable natural
resource is a resource that does not renew itself within a "reasonable” time frame. By
reasonable time frame. what is meant is within a time scale that is relevant to economic
decision making. Most geologists argue that conventional natural gas originated from
organic life millions of vears ago. although there is some dispute. Hobson and Tiratsoo
(1981) state that the dispute revolves around whether natural gas comes from inorganic or
organic sources. The inorganic argument is based on the fact that methane can be formed
by a non-organic chemical reaction. Hobson and Tiratsoo argue that a reaction of water
with a metallic carbide (such as calcium or iron). or with an alkali metal and carbon
dioxide. can produce methane. According to Scelley (1998). other planets (namely
Jupiter and Saturn) have methane in their atmosphere. and methane is often found in
volcanic eruptions. These arguments support the supposition that at least some of the
methane found in the earth is formed inorganically. However. most geologists do not
believe that this inorganic origin of natural gas would account for most of the
concentrated accumulations that have so far been found in nature. especially given their
apparent geological age and thetr coexistence with liquid petroleum.

The organic argument involves the breakdown of organisms. Scelley (1998)
argues that there are two ways of getting methane from an organic source. through either
a thermal or a bacterial breakdown. Thermal breakdown occurs below the surface in an
oxygen free environment. according to Abdulin (1985). The lack of oxygen keeps
bacteria from breaking down the organic compound and allows time for the thermal

breakdown. Millions of years of heat and pressure transformed the organic remains into




4

hydrocarbons. With this length of time involved in the adjustment process, it is fair to
treat any specific unit of natural gas as a resource that is available only once. Moreover,
natural gas is a non-recyclable resource: once used it is transformed into non-energy
components of less value. mostly carbon dioxide and water vapor. The organic theory is
also given support by the fact that coal has a definite organic origin. Both coal and
methane are hydrocarbons. and methane is often found with coal. Scelley (1998) cites
the U.S. Department of Energy. that nearly 250 million cubic feet of methane is vented
from U.S. coal mines on a daily basis.

Gray (1995) argues that life began millions of years ago in seas and lakes. As the
organisms died their remains were buried in silt and mud at the bottom of the water. This
silt and mud were continually being deposited in greater quantities by the erosion ot other
areas through water currents. When enough o this sediment was deposited. the weight
pushed the seafloor down. This pressure, and the increased heat from being closer to the
carth's core. aided in the tormation of both sedimentary rocks. and oil and gas. The oil
and gas then started to migrate upwards and laterally through the most porous and
permeable rocks. until they were trapped by a layer of impermeable rock. The rocks
where the oil and gas were formed are termed source rocks. and those to which the oil
and gas migrated are termed reservoir rocks.

Berger and Anderson (1992) argue that four conditions must be present for oil or
gas to accumulate in a reservoir. First, there must be an original source of carbon and
hydrogen that underwent heat and pressure. Second. the rock that later buried this source
must have been porous. Thirdly. the pores must have been aligned to allow for flow.
Finally. a barrier must have been present to prevent further tlow. and entrap the
petroleum in the reservoir rock.

The bulk of natural gas consists of methane. According to Hobson and Tiratsco
(1981). methane typically makes up 84 to 96 percent of the natural gas in a deposiL.
Methane itself is a hydrocarbon that falls into the category of paratfins. The identifying
characteristic of a paraffin is the formula CyHj,.2, where C is the elemental symbol for
carbon and H is the elemental symbol for hydrogen. Methane is the lightest of the
paraffins and is represented as CH;. Associated with methane. other paraffins are often
found. These include ethane (C>Hg). propane(CsHg). and butane(CsH;p). More complex
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molecules are less common, though "wet” gas reservoirs include heavier liquid
hydrocarbons. Other hydrocarbons. such as benzene. are also sometimes found with
methane. In addition to hydrocarbons. other gases are often found in natural gas.
including carbon dioxide. hydrogen sulfide. and helium.

As a resource, natural gas is found in underground reservoirs. All rocks include
tiny holes. or pores that can hold fluids. Geologists group rocks into three types. igneous.
metamorphic. and sedimentary. According to Roberts (1989) igneous rocks are formed
from molten magma that cools. This can happen either below the surface. or at the
surface through volcanic eruptions. Igneous rocks are generally hard and crystalline in
structure. Metamorphic rocks are formed by changing existing rocks. Birkeland and
Larson (1989) state that heat. pressure. and tluids acting on pre-existing rocks form
metamorphic rocks. These changes alter the chemical composition of the rock. Due to
their formation. igneous and metamorphic rocks usually have very little pore space. and
as such are unlikely to hold petroleum stocks of commercial value. Birkeland and Larson
argue that igneous and metamorphic rocks are dense. having porosities of one percent ot
less. with larger porosities being determined by joints in the rock According to Birkeland
and Larson sedimentary rocks are composed of bits and pieces of either organic or
inorganic material that are cemented together. The term sedimentary comes from the tact
that these pieces or sediments are deposited in an area. usually by water. This created the
potential for large pores because if the grains of sediment were of varying size and shape.
they may not fit together that well. Scelley (1998) argues that most major accumulations
of petroleum are found within sedimentary rocks.

The larger the pores in the rock. the greater the porosity. and therefore the greater
the amount of fluids that the rock can hold. As well. larger pores are associated with an
easier flow through the rocks. The ability of a fluid to flow through the pores of a rock is
known as permeability. Other factors influence the permeability as well as the porosity.
Items such as viscosity of the fluid, the other fluids occupying the pores. and how the
pores interconnect also impact how substances travel within the rocks.

Hydrocarbons within a reservoir are driven by pressure. Pressure increases the
deeper into the ground that you go. due to gravity. In a reservoir. the hydrocarbons

cannot escape toward the surface, and are compressed. When water is also in the




reservoir, it acts to further maintain this pressure. Water moves into the pores that the gas
vacates and thus drives the gas. Other factors contribute to pressure in the reservoir. Gas
within the reservoir has its own energy. which adds to the reservoir pressure. Gas
achieves its energy by its tendency to expand. its elasticity.

Pressure is the key to production. Petroleum is produced. or lifted to the surface.
by a difference in pressure between the well bore and the reservoir. Since gas in the
reservoir is held at a higher pressure than the pressure initially in the well bore, the
pressure is released by a flow of petroleum into the well bore and up to the surtace. As
the reservoir contents are removed, the pressure in the reservoir declines. As the pressure
declines. there is less of a pressure differential between the reservoir and the well bore.
This leads to a smaller flow. and therefore less production. This is known as production
decline.

Porosity and permeability differ among reservoirs. and even within reservoirs.
Other factors also differ among reservoirs. The volume of the reservoir rock. the depth at
which natural gas may be found. sulfur content. the amount of associated water. the
presence of other hydrocarbons. and the pressure at which the gas is being held are some
of the items that are not constant across all reservoirs. This means that natural gas. as a
resource. is heterogeneous. This heterogeneity implies that different stocks of natural gas
are more valuable than other stocks.

The fact that deposits of petroleum are underground implies uncertainty. Natural
gas resource stocks are not known with certainty. Exploration to locate deposits is a
fundamental activity in this industry. There is no way of knowing for certain what exists
in the ground at a particular location until a hole is drilled. Once a reservoir of petroleum
has been found. estimates of the size can be made. but it is not possible to measure the
exact size of the reservoir. nor how much of the reservoir will eventually be produced.
However. development of the reservoir improves knowledge. as does the experience of
production.

Natural gas is almost never found in isolation from other resources. As discussed
above. items such as oil. sulfur, and water exist in reservoirs along with natural gas. and
each reservoir is unique. Thus the exploration process itself entails more than one

product. This leads to problems of joint products, or how to deal with an activity



(exploration) that generates more than one output. During the process of exploration. a
well that is drilled can access volumes of petroleum that are commercially significant. or
insignificant, or may yield no petroleum. A reservoir that has petroleum stocks large
enough to be commercially worth producing, may contain crude oil. natural gas. or more
typically some combination of the two as well as other components like water or
hydrogen sulfide. Therefore, drilling an exploratory well vields one or more items:
information. oil. gas. and perhaps other by products. Given this fact of joint products.
how do vou allocate expenses from exploratory drilling among these products?

The joint product nature extends beyond exploration. Once a well has been found
to contain hydrocarbons, production of one of these may entail producing other
hydracarbons as well. Moreover. as noted. producing hydrocarbons may vield other
products. such as sulfur or helium. which can be sold as well. Since the producers
usually cannot control the contents of the hydrocarbons that are extracted. it is difficult to
assign costs to the individual products that are drawn trom the reservoir. For this reason.

joint product problems exist in the lifting phase as well.

1.2  The Upstream Natural Gas Industrv
The upstream natural gas industry can be divided into three activities: exploration.

development. and production or lifting. Exploration refers to the search for natural gas
reservoirs. Development is the process of installing the necessary infrastructure to
produce the natural gas. once the reservoir has been found. Production involves bringing
the natural gas to the surface and preparing it for transportation. Transportation is
considered part of the midstream gas industry. and will not be examined here.' Before
these three activities are investigated. some other terminology will be defined.

First. the distinction between surface and mineral rights must be made. Owning
the surface rights does not imply access to the resources below. Within Canada the
provincial governments own most of the mineral rights. Private individuals own mineral

rights in some areas. The privately owned mineral rights are called freehold mineral

' Within the production component some transportation may be included in the case of a field plant where
the gas is moved to the plant and processed to meet pipeline specifications.



rights, and those owned by the government are Crown mineral rights. A similar
distinction exists for surface rights, freehold surface rights and Crown surface rights.

Exploration for oil and gas involves geological methods. The three main methods
are land surveys. geophysical techniques. and through drilling. These are in order of cost.
with land surveys being the least expensive and drilling being the most expensive.

Land surveys involve looking at the surface for signs of oil and gas and
formations that may be likely to contain them. Geologists can tell a certain amount about
the underlying rock from surface exploration. For instance. Cullen (1993) suggests that
an area of raised ground could be due to sedimentary layers being deposited over a reef.
and therefore may be a good candidate for oil or gas reservoirs.

Geophysical techniques include seismic., gravity meters, and magnetometers.
Seismic surveys use sound waves to examine the densities of rocks below the surface.
An energy source at the surface is released that sends shock waves into the earth. These
shock waves retlect off the rock surfaces and give a two-dimensional picture of the
subsurface. Gravity meters measure the gravitational pull of the carth. Large masses of
dense rock affect the earth’s gravitational field. Magnetometers measure variations in the
earth's magnetic field. This identifies rocks that have varying magnetic intensity.

Drilling provides much more information both about the specific drilling site and
also about the geology of the surrounding region. Measurements of electrical. sonic.
thermal and compositional properties are taken when drilling. Moreover. rock chips and
core samples are taken to give the exact composition of the rock tormations.

These methods identify possible prospects for drilling (or further driiling).
Decisions must then be made as to which of these prospects will be drilled. It is
suggested by Cullen (1993) that most of these decisions come down to "gut feelings”.
However. more formal methods of evaluation are commonly applied. The most common
of these are net present value analysis and rate of return analysis. More complicated
techniques are also available to explicitly inciude the risk involved with expioration.
tuture resource prices. taxes. and recoverability of the resource. These typically involve
the use of subjective probabilities.

The company must obtain the mineral rights once a prospect has been selected. If

the government owns the rights. the company needs to participate in a public land sale to




obtain the mineral rights. This process involves an auction for the land in which
companies can place their bids. A property goes up for auction once an interested party
requests it. There is a reservation price for land in Alberta.

When a private individual or company owns the property. then the mineral rights
must be gained through negotiation with the owner. The company may purchase the lease
rights outright. or they may get a working interest under which the company shares in
activities with another producer who holds the mineral rights. For freehold land. Cullen
argues that most agreements with private companies contain provisions giving access for
three vears to five vears. [f oil or gas is found then the iease will be extended.

Why would a company that purchased a lease sell it? Cullen (1993) suggests
three reasons. The first is that it is possible that a company is not interested in the
contents of a discovered reservoir. In the case of finding natural gas. the company may
only be interested in developing oil producing wells. Second. the lease may not be
consistent with the company's strategies. The company may not be interested in nisking
capital by drilling new wells on this lease. but rather may be interested in focusing on
enhancing existing production elsewhere. Finally. the company may be willing to trade
the lease for another in an area that is more appealing to the company at the time.

The company has other options besides selling the entire lease. A working
interest may be given up. as mentioned above. The company may enter a joint venture to
share costs. A joint venture will set out explicitly each company's share of the costs ot
the well. and the production resulting from the well. Joint venture agreements do not
necessarily set up profit sharing. Two common joint venture agreements are
farmin/farmout agreements. and joint operating agreements.

[n the case of a farmin/farmout agreement. the leaseholder may "farmout”. to
another company. a portion of the exploration. testing, drifling. and/or development cost.
By doing this. the leaseholder may meet the lease requirements for when a well must be
drilled. despite not being willing, or able to drill at the time. A second possibility is that
the leaseholder may be wishing to decrease risk by having another company share some
of the costs. Conversely. the farmee. a company wishing to get access to land that it does

not have mineral rights to. gains this access under a farmout agreement. The most



common form of a farmout agreement has the farmee receiving one half of the production
from the well, while assuming all the costs of drilling.

A joint operating agreement occurs when more than one company has jointly
purchased the lease. or a company has transferred a share of its interest to other
companies (perhaps through a farmin/farmout agreement). This agreement involves
choosing an operator and how costs and production will be allocated. According to
Cullen (1993) the agreement usually sets a date for drilling and the responsibilities of
each party.

The next step is to arrange for surface access rights for land that will be "used” in
exploration. development. and lifting. I[n Alberta, when the Crown owns the land
permission must be obtained from several agencies. The Alberta Forest Service. Land
Management and Development Branch. and Fish and Wildlife all need to consent before
access rights can be granted. For frechold lands an agreement must be made with the
surface landowner. This agreement will include an entry fee and an annual fee. These
amounts are to compensate the landowner tor the loss of the use of a portion of their land.
as well as any inconvenience that arises because of having a well on their property. If the
interested company can not reach an agreement with the landholder. then it is possible to
obtain an Order-of-Entry from the Alberta Energy and Utilities Board. This order
mandates the terms of access.

At this point the company is ready to drill its tirst well. If the well is successtul in
finding oil or gas then development can take place.

The first stage in development is the process of completing the successful
exploratory well to get it ready to produce oil. gas or both. The drilling of infill wells is
another form of development. An infill well is a well that is drilled within the proved
area of an existing reservoir to increase the current productivity of the reservoir. It allows
for more rapid recovery of petroleum. This is in contrast to outpost wells that are drilled
to define the boundaries of an existing pool. Outpost wells are often credited to the
exploration phase of the industry. (This is not a clear distinction since they do occur after
a reservoir is located. It is sometimes not immediately clear whether a successful well

has discovered a new reservoir or has tapped a more distant part of a previously

discovered pool.)



A company must be mindful of well spacing requirements when drilling
development wells, especially infill wells. Well spacing requirements set up the
minimum distance between wells, and between a well and the lease boundary or property
line. These were set up to achieve optimal production in two ways. The first is to
promote the optimal rate of take from the reservoir by protecting the resource from
wasteful production. By limiting the number of wells that can be drilled in an area. it is
possible to limit reservoir-damaging overpreduction from a pool in a given time period.
Second. well spacing helps to protect the rights of other leaseholders adjacent to the well.
(It is more difficult for a producer to drain the resources of another leaseholder when the
producer is unable to increase production by adding more wells.) In Southern Alberta
well spacing requirements are such that there can be only one well in a legal subdivision
(sixteen hectares), unless it can be shown that more are needed to drain the reservoir.
This is in contrast to the 258 hectares. or one section. that is the norm in the rest of the
province for well spacing. Cullen (1993) argues that this is because pools are generally
“tighter”. or less permeable in Southern Alberta. More wells are needed to drain
reservoirs in a way that allows producers to generate sufficient revenues to make the
ventures worthwhile.

Once a well is drilled it must be completed. This involves alternating "strings”. or
vertical layers of pipe between concrete. The first. or outside. string of pipe is called the
conductor pipe. This pipe can be pounded into the ground. or cemented in place. The
purpose of the conductor pipe is to prevent the bore from collapsing at the surface. The
next string is the surface casing. This is cemented. The surface casing is designed to
protect the ground water from contamination. and helps to keep unwanted substances
(such as sand) from entering the well bore. On deeper wells there is often an
intermediate casing. This string is to protect the integrity of the well bore and
intermediate formations. Finally, a production casing is installed. The production casing
is cemented as well. and it extends the length of the bore. The production casing, as its
name implies. is to allow production.

Once the casings are in place, Cullen (1993) suggests that there are five ways to
finish completing a2 well. The first is an open hole completion. This is uncommon.

contains no production casing, and is used only in low pressure formations with only one
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producing zone. Next is a perforated completion, which is the most common. This
involves perforating the production casing and cement in the gas bearing formation to
allow for production. Third is a wire-wrapped completion. This is used when there is a
lot of sand in the reservoir. A short pipe is covered with a mesh screen and inserted into
the perforated production casing. The perforations are then packed with gravel. The gas
can flow through the gravel and screen. but the sand is kept out of the well bore. Fourth.
the well can be completed as a tubingless completion. This involves no tube in the
production casing. and is used when there is low pressure gas, no natural gas liquids. and
a small diameter bore. Finally. a multiple zone completion may be done. This is where
more than one pool is tapped at a time. but each has a separate production tubing.

According to Berger and Anderson (1992) it is otften necessary to assist the tlow
of gas into the well bore. This is done by fracturing the reservoir rock around the well.
This can be done by injecting acid or a fluid with a propping agent into the reservoir.
The acid dissolves part of the formation around the well bore. making existing pores
larger. [njecting tluids causes the formation to crack open more. The propping agent
then prevents the formation trom collapsing back. Berger and Anderson state that silica
sand. glass beads. and epoxy are often used as propping agents.

The next step is the production. or lifting, of the natural gas. As mentioned in the
previous section on natural gas reservoirs. gas is driven by a pressure differential. This
pressure differential between the reservoir, the well bore, and the surface drives the gas to
the surface. Natural gas production rarely involves the use of energy that is external to
the reservoir. However. in some cases. where the reservoir size is large. compressed gas
is added to the reservoir to reduce the pressure decline.

Production involves pressure decline. By removing gas from the reservoir. there
is less left in the reservoir. and therefore more space for the remaining gas to occupy in
the reservoir. To test the pressure of a well. producers run an absolute open flow test. or
AOF. This test uses a recorder that is lowered into the well bore. The recorder measures
the pressure while the well is produced at varying flow rates. After this the well is shut in
to allow the pressure to stabilize. The recorder can then be removed. and the open hole
flow rate can be estimated based on the pressure. This is the rate the well would produce

at without any valves to restrict flow. By performing the AOF test. the MER can be
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calculated. The MER, or maximum etficient rate. as detined by Berger and Anderson
(1992), is the greatest rate of flow of oil or gas that can be produced from a well without
damaging the reservoir. Drawing the reservoir down too quickly can damage the
reservoir. For example, producing too rapidly may pull water into the space that the ol
or gas is occupying. This water impedes the flow of the hydrocarbons. and reduces the
amount that is then recoverable. However. producers typically attempt to draw a well
down as quickly as permitted by the MER so as to generate cash flow for other
investments, or to maximize the present value of earnings. (Unless significant increases
are expected in gas prices. higher preduction. with a given capital investment. will aimost
always raise the present value of the net operating revenue.)

Production decline in petroleum reservoirs typically exhibits hyperbolic decline.
In this case. using Nind (1981)". the relationship between the rate of change in current

production and time is:

oq(ty —q(t)

_q = e— ( [ '
ot (a+bi)

where: q (t) is production at time t

a is the hyperbolic constant

b is the natural log of initial production (In qp).

This allows us to integrate (1} to get the production at any time t as:
]

g(t)=q,e* ifb=0 (in this case a is the constant production decline rate). and

a .
q(t) =qo(——) ifb=0 (2}
a+ bt

Similarly cumulative production from the start of production up to the vear t. Q(t). can be

calculated by integrating qt) *:

I-;h
a a A
ou)=|— - —— ifd<b<i 3
o) [l_b]‘lo (a+bt) 1 (3)

* The presentation follows Black and LaFrance (1998} as they have presented the material in a much more
convenient way for the purposes of this thesis. However the original source is Nind (1981)
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Q(t)=aq0(l—e:) if b=0

0(t) = ag, log(“—“) if b=1
a

Besides the problems associated with producing above the MER. other problems
may be encountered during production. Care must be taken to prevent water coning.
Water coning is when the well bore is surrounded by water. which prevents most of the
hydrocarbons from entering the well bore. Water coning is associated with the MER. as
noted above. but if the well bore is completed nearer to the bottom of the producing zone.
it is more likely for water coning to be a problem as the water has a shorter distance to
travel to reach the well bore. Therefore. care must be taken to ensure that the rate of take
from the reservoir is not such that it draws the water too close to the well bore.

[n addition to water coning. fluids (i.e. water and oil) within the reservoir may
cause other problems. When fluids enter the production casing. they can cause the flow
of gas to be choked off. This happens when pockets of gas get trapped between layers of
fluid within the string of pipe. To prevent this problem the lines must be blown or purged
randomly.

Water is more difficult to lift than gas. This is because it is heavier and more
viscous than gas. Sometimes it is difficult to lift the water, particulariy in lower pressure
formations. Often this problem is prevented by the use of soap sticks. The soap sticks
mix with the water and form suds. The soap suds are less viscous and therefore easier to
lift. Another way of dealing with water is to use the production tubing. The production
tubing is a string of pipe inside the production casing. It is obviously of lesser diameter
than the production casing. Gas is produced through the production casing, and water
through the production tubing. The smaller diameter pipe requires less pressure to lift the

water.

* Notice that b=0 and b=1 are special cases of hyperbolic decline termed exponential decline and harmonic
decline respectively



Quantities of salt water that are produced with natural gas need to be disposed of.
Salt water can be removed either at the well or at a processing plant. Salt water must be
disposed of by dumping it into a trap beneath the surface. This is to prevent
contamination of the surface water, as well as to protect other reservoirs. Often
producers will use one of their producing wells, or drill a specific water disposal well. to
inject the water back into the bottom of the formation that they are producing trom. In
this way they can maintain reservoir pressure.

Hydrates are another concem. A hydrate is a combination of a hydrocarbon and
water. Hydrates can treeze up and inhibit or stop flow within a well. Methanol can be
injected into the well to prevent hvdrates.

Valves control the rate of production from a gas well. There are two vaives on a
typical gas well. the master valve and the wing valve. The master valve is the closest to
the well bore. and is used to control the flow from the well. The wing valve is closest to
the transmission lines. and is used to reduce strain and protect the master valve. The
master valve is very difficult to replace: replacement invoives plugging the well bore
with cement that then must be removed by drilling to begin production again. For this
reason the wing valve is added to the system. [f the wing vaive fails. it can be replaced
by closing the master valve. When production is not needed from a well the valves are
closed. shutting the well in. starting with the wing valve. When production is required.
the valves are opened this time beginning with the master valve.

There are two common measures of a well's ability to produce. The first of these
is production capacity. or flow capacity. which is characterized by the well's MER. The
production capacity is affected by the reservoir’s characteristics. and by the equipment in
place at the well. Secondly. deliverability measures the volume of gas that can be
supplied to markets taking into account the external effects of regulation. pipeline
capacity. and processing plant capacity. Once gas is lifted to the surface it can either be
processed. or shipped directly to market. It is unlikely in most cases to find gas that is
ready to be shipped to market without processing. This is because of the other
components often found within the gas. Sour gas. gas containing significant portions of
sulfur. needs to be shipped to a sweetening plant to remove the suifur. Gas containing
large concentrations of water or liquid hydrocarbons needs to have these removed either



at the well by installing equipment, or at a field processing plant. before it can shipped in
the pipeline.

The gathering pipelines that are involved in the production phase need
maintenance. The maintenance takes the form of cathodic protection. This is done to
prevent the corrosion of the pipes from the outside. Electrical currents within the ground
can transmit the metal from the pipe into the surrounding ground, or on to other parts of
the pipe. To prevent this cathodes are added to the pipe. On the inside of the pipe.
chemicals are added to prevent corrosion. At the wellhead. maintenance involves the

lubrication of the valves to keep them operating within specifications.

1.3  Purpose of this Thesis
The purpose of this thesis is to estimate an operating cost tunction for natural gas

wells. Chermak and Patrick { 1995) econometrically estimated a cost function for natural
gas wells with data from three U.S. regions. Wyoming, East Texas. and West Texas.
They found a relationship between operating costs and both the quantity of gas litted and
the remaining reserves. This thesis is an attempt to replicate and extend their results
using data obtained from a region in Alberta. Canada. Their work will be extended by
first making a clearer definition of operating costs and what is included in operating
costs. Secondly. more sophisticated econometric techniques will be used to attempt to
better fit the model with the data.

An estimate of an operating cost function is particularly significant if it is found
that there are common factors affecting costs across all reservoirs. This estimate serves
many uses. Primarily. an estimate of a cost function is very valuable as a tool for
calculating projected costs for a project. A reasonable estimate of operating costs can be
combined with expected drilling and infrastructure costs to get a measure of the entire
cost of the project. This can then be compared to the expected revenues from the project
to determine if the project is worthy of investment. [n addition. the cost function helps to
determine the optimal output rate each period. as well as when wells should be
abandoned. From economic theory. we know that a profit-maximizing preducer should
produce each unit up until the last unit produced costs as much to produce as it yields in

benefits. This will hold for both how much to produce in each time period. as well as



when to shut the well in because production in future periods is no longer economic.
Without a good idea of what the last unit costs to produce, it is difficult to make a rational
decision.

With an estimate of the cost function, and duality theory. it is possible to gain
understanding of the production function underlying gas production. Knowing the
production function would make it possible to investigate characteristics such as
economies of scale in gas pools. This may be useful in determining whether reservoirs
shouid be operated in a unitized fashion. with one firm making production decisions for
the entire reservoir. Griffin and Jones (1988) undertook such a study at the lease level and
found evidence for unitization. For private industrv. it may be useful in determining
whether to enter into contracts with other companies who have land rights in the same
reservoir.

As was discussed above. the oil and natural gas industry has joint product
characteristics in the exploration as well as the production phases. Knowledge. oil
reservoirs. natural gas reservoirs. and reservoirs containing both oil and gas all may occur
from exploration. Although some regions and geological formations are more likely to
contain oil rather than gas. or more likely to have gas with a higher vield of natural gas
liquids. there are no ways to target specifically which product you will find when vou
first drill an exploratory well. Oil. gas. other liquid hydrocarbons. sulfur. carbon dioxide.
and other trace compounds may all result from the lifting of resources out of the ground.
There may be some control in output properties. for example by varying the depth you
produce from. For instance. if you have a reservoir with a gas cap. vou may choose to
extend vour production tubing below the gas and into the crude oil. This however will
not eliminate natural gas from your production. only reduce the amount that will be
produced with the oil. That is. to some extent the joint product problem is one of fixed
rather then vaariable costs. With joint products it is difficult to decide how to allocate
costs between the products. This study looks at wells within the Countess region of
Alberta. where there are few other products produced from the natural gas. The gas
found in this region is primarily "dry" (contains negligible amounts of liquid
hvdrocarbons), and "sweet" (low concentrations of sulfur). Trace elements such as

carbon dioxide are not typically removed at the well. nor are they typically sold by the



producer of the natural gas. Hence the joint product problem is negligible in this study ot
operating costs.

Economic analysis of the crude petroleum industry raises aggregation issues. To
what extent, for instance. can a region's gas output be treated as if coming from a single
pool. or a pool's output as coming from a single well? The nature of oil and gas
reservoirs makes such aggregation difficult. The fact that reservoirs are not homogenous
is at the center of this. Different reservoirs have differing levels of porosity.
permeability, pressure. and viscosity. among other factors. Even within the same
reservoir these differences may exist. Studies such as Livernois (1985) and Livernois and
Uhler (1987) have shown that models that are built around individual reservoirs rather
then regions make better models. Chermak et al (1999) outlined four conditions for
aggregatability from a well to a reservoir level (i.e. conditions under which a reservoir
could be treated as if it operated like a single well). These are: homogeneity of a
reservoir, identical production paths of the wells. identical time horizons of all wells. and
identical production technology. But in order to see how well these assumptions are met.
it is necessary to have an understanding of what affects well production and costs.

This thesis is concerned with the econometric estimation of operating costs. for
natural gas. at the well level. The well level has been chosen to reduce the issues of

aggregatability. since it is the "smallest" physical avenue of production .



Chapter Two: Literature review

The economics literature on depleteable natural resources in generai. and
petroleum in particular. is quite extensive. The intent is not to delve too deeply into this
literature because it is so broad. However. a brief outline of a couple of the issues does
help to motivate this thesis. [n particular. examples of both theoretical models. and
empirical models of petroleum extraction will be discussed. The theoretical section
entails a discussion of: (i) natural resource depletion models. (ii) petroleum supply
models. and (iii) other issues including uncertainty. joint products, and aggregation. In
the Empirical models section. four models which involve oil and gas operating cost

estimation will be discussed.

2.1 Theoretical Models

2.1.1 Natural Resource Depletion

The two models discussed in this section are representative of the models
economists have built to analyze production from an exhaustible natural resource. They
are not tied specifically to natural gas.

According to Sweeney (1993). depletable. or exhaustible natural resources are
ones that have a "regeneration process” that is very slow. so slow that they may be
treated as only being available once for the decision maker. This makes them different
from natural resources that replenish themselves. like forests. rivers. and fish. With
depleteble natural resources. the depletion effects are of fundamental concern in most
contexts.

For example. knowing that the stock of oil in an oil pool is limited. a profit
maximizing decision maker must consider the future value of oil when deciding whether
to produce now or to produce later. For example. if oil prices were expected to rise
significantly in the future it may be more profitable to leave the oil in the ground now.
and extract it later when the prices are higher. This would not be a concem if using the

resource now stifl enabled use in the future.
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Economic models of depleteable natural resources typically assume that you start
with a fixed stock of the resource in the ground. As the stock is used over time. the stock
remaining in the ground decreases. This creates a "user cost” of production. This user
cost of a depleteable natural resource is the opportunity cost of producing the resource
today instead of tomorrow. For example. by producing the oil now. there would be less
to produce later. so the opportunity cost is the net loss to the producer from the loss of the
ability to sell the oil in the future if the oil is sold now. Profit maximizing firms wouid
account for this user cost when making decisions. A profit maximizing firm will. at the
margin. set the value from extracting the resource equal to the value of not extracting the
resource. The value from extracting a unit of the resource is the marginal revenue minus
the extraction costs. The value of not extracting the resource is the user cost. or the
increase in the present value of future profits which arises from not producing now.

Following Sweeney (1993). resource owners are assumed to maximize the present
value of profits by choosing a planned time path of extraction. Define a cost function.
Cuqt, Rit). such that costs in time t are a function of the extraction rate at time t. R,. and
the stock remaining at the end of last period. R..;. The interest rate (i.e. the marginal
opportunity cost of investment or the normal profit rate) is given as r. the price of the
resource at time t is known and given as p,. Moreover. the firm is assumed to be a price
taker. and the extraction takes place over an arbitrary, but known. time period with
terminal period denoted as T (i.e. the time horizon over which production takes place is
not specified. but the firm knows what this time horizon is). The firm's problem then is

to maximize the following:

;

M=) (pg -Cg.R )e" (4)
1=A)

subject to:

R¢= Ry.i-q¢ for all t {3)

Rr=20 (6)

20 )

Solving this problem yields the following conditions for protit maximization. i.e.
forall t:
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dq,
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Where A are the Lagrangian multipliers associated with the resource stock constraints.
(6).

Looking at (8). we can observe that the price will be the sum of two items. The first of
these is the marginal extraction cost. the second is the marginal user cost. The marginal
extraction cost is quite straight forward. The user cost states that as the resource is
depleted there may exist additional costs that are not captured by the extraction costs.
These additional costs are the opportunity costs of producing quantities now rather then
waiting to produce them at some point in the tuture. [n the case of petroleum this is
largely due to the fact that extraction reduces the pressure of the reservoir. As the
pressure is depleted it becomes more costly to produce out of the reservoir: that is costs
are higher as the size of the remaining resource stock is smaller. Theretore current
extraction reduces future profits. This is known in the literature as a "stock etfect” or a
"degradation effect”.

This model can be turther generalized. Krautkraemer (1998) suggests that
exploration can be accounted for explicitly in the model by incorporating reserve
additions (RA) into the stock equation. and a cost function for reserve additions (CM).
Equation (5) now becomes:

Ri=Rui + RA;-q forail t (3"
and the cost function for reserve additions is assumed to be a tunction of the reserves
added (i.e. CR* = C?Y RA,) (i.e. there are no stock effects in reserve additions)). The

problem now is to maximize:

1= (P,q,-C,(q,-R,-l)-Cf"(R4,))e'" 4

T
=0

subject to:



Ri=Ru+RA(-qforall t (3"

Q@ 20. <R +RA, (7

Solving this problem yields the tollowing conditions for profit maximization. i.e.
forall T:

p, =% ifq>0.s=t+l. th2. t+3.. (8)
cq, Maq
aC,
, S—+ )y —¢ 7+ ) Ayifq=0. 9
P ;mq, Z wifq = )
c aclH E aC o
Sy, =——- e . (10"

pary CRA,  Shoq,
where s are the Lagrangian multipliers associated with the constraint (3").
From these first order conditions. the following rule for exploration is achieved:
) 6(,',“
oq, ORA,

(1"

Equation (11") states that a profit maximizing firm will explore for more resources up to
the point where marginal benefits from adding reserves (price less the marginal extraction
cost) are equated with the marginal cost of adding reserves. Clearly the extraction cost
function. C,, is one of the factors which determines the level of current production and the
amount of activity in adding new reserves.

This model separates out the effects of reserve additions from the extraction costs.
and therefore is more applicable to the analysis here. By separating the exploration and
development reserve additions from extraction. this model sets the stage for the analysis
of this study. The focus of this thesis is to estimate the operating costs captured by the
marginal extraction cost term, and we abstract from the exploration and development

costs contained in the marginal reserve addition costs.

2.1.2 Petroleum Supply Modeis
From the various models of petroleum production. [ shall discuss a general one.
Kuller and Cummings (1974) developed a model of petroleum reservoir
management. Their purpose was to build an economic model that included the

interaction between current production rates. investment. and reservoir characteristics.



This model helps to identify some key elements to consider when analyzing petroieum
production.

To build their model. they assumed that there were n price taking firms using a
given petroleum reservoir. Agents are assumed to have certainty with regards to both
economic and physical variables. Moreover. they assumed that there was a finite. T
period. horizon. and that all prices and costs over this period were known.

The authors formulated firm j's problem as to maximize the value of a stream of

discounted profits according to the formula:

r
Z[plq]l -C/r(Qr'Vr'Kn)bt (12)
=1

subject to the following restrictions:

K:#l-l = K:kl - D,h(q‘r‘v,-h"K;h) (13)
q,sF Q. V.K)) (14)

22%, < X(Q;.F;) (13)

par
forallj.k.andt; t=1.....t

where the symbols are defined by Kuller and Cummings as:

px = the unit price at time t

qjc = the amount that firm j produces at time t

q; = the total volume of petroleum produced from the reservoir in period t

Ci(Qe VL Kjp) = the cost function for firm j at time t

Q. = the vector of past production for all firms for all periods up to and including period t
(i.e. Q=(qu. G21e -+ Qu1. Q12 G2, -o Gueels -+-e Qur))

vj; is the gross investment for all capital components by firm j during period t

V, = the vector of gross past investment for all capital components. for all firms. for all
periods up to period t (i.e. Vi =(Vii, V21 -oee Vol Vi, V22, cove Vape «o-e Vir)

Kk = is the stock of capital component k for firm | at the start of period t

Kt = the vector of stocks of capital for firm ] at the start of period t: (Kjj. ... Kyqr)

Djk: = net depreciation of capital component k during period t for firm

F;; = the physical upper bound on production in period t for firm j

B. = the discount factor (1+r)", where r is the appropriate discount rate



X = the total amount of petroleumn recoverable from the reservoir

Equation (1) states that firm j will maximize, over all periods. the present
discounted value of revenues minus costs. The cost function in equation (12) C(Q, V..
Kjo). states that costs for firm j are a function of past reservoir production. past gross
investment by all firms. and the capital stock of firm j. Equation {13) states that the stock
of capital component k for firm j at time t+1 is equal to the initial stock of component k
minus net depreciation. Kuller and Cummings assert that the following relationships
hold:

ep, <0 eD,, >0 oD, 50

ov 0q . K,
cD C . . ) i
—;—""— <0 states that net depreciation is nonincreasing with gross investment and
avik:

cD} o

this relationship should be equal to -I (i.e. dD, =16v,,k X 2 Qasserts that net

"
depreciation is nondecreasing in production. ard E'—D—ﬁ > (states that net depreciation is
el 1

a nondecreasing function of the stock of capital of firm j.

Equation (14) gives a physical upper bound on current production. [t states that current
production cannot exceed a certain level that is influenced by aggregate reservoir
production. aggregate reservoir investment. and the existing capital stock of the firm.
The following are expected to hold:

oF oF oF

£ <0 —>0 —~ >0 foralli.j.k.andtzt=1.....t: Whereiis
eq,, cv 1514

it "

-

aF
an index of all other firms. —= < 0states that the physical upper bound on production
“q,.

-

e o o . 6F
for firm j in period t is nonincreasing in the production of any firm i. —= > 0 shows that
cv,.

I3

the physical upper bound on production for firm j in period t is nondecreasing in the gross
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oF
investment by any firm i, aK—" > Oasserts that the physical upper bound on production

h
for firm j in period t is nondecreasing in the capital stock of firm j.

Equation (15) states that the production from the reservoir must not exceed the total
A
¢Q,

<0

amount of recoverable petroleum in the reservoir. It is expected that

and??O. or that the remaining stock in any period is non-increasing in the
oV,

cumulative quantity extracted and non-decreasing in the amount of cumulative
investment.

If you are seeking to maximize pool profits the problem then is to solve the

following:
Maximize 33 [pg, -C,(0.5.&, B, (16)
=1 =l
Subject to:
K/kl-l =K;hl —D/kl(q_rl‘v;kt'K;h) (13)
quSF/l(Qt'Vr'Kﬂ) (14)
I n
ZZ‘L.—SX(QPVr) (13)
r=l =l
qj(ZO.ij(ZO. (17)

for all j, k. and t

Note that non zero pool profits implies that common property problems in the reservoir
are somehow offset. Solving this probiem vields the following conditions (Kuller and

Cummings. 1974 page 71):
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rateli= l

‘Z cC
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where y. and 4 are Lagrangian multipliers.

From equation (18). we observe that a firm will produce each period where the

-

cC, . )
present value of net income (revenue (p;) minus operating costs { ——)) is equated with

#
the "marginal user costs”. The marginal user cost is defined as the present value of
foregone future profits from producing a unit now. This user cost is made up o six terms
in this model. According to Kuller and Cummings. these terms fall into stock user costs.
boundary user costs. a user cost of capital consumption. and production user costs.

The stock user costs exist because the resource is scarce. Producing a unit now
eliminates the possibility of producing that unit at a later time period. This user cost is

shown as the first term in equation (18). AB, shows the present value of an increase in the

. . ax . .
stock of the resource available for production. —— gives the change in the stock of
"
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petroleum tor a change in production. [t is important to note that Kuller and Cummings
did not restrict this to be one. which allows for the possibility that there may exists some
additional impacts of production on the stock of petroleum. For instance. if vou extract
one unit of petroleum. the stock of recoverable petroleurn may decrease by more (or less)
than one unit. If it equals one then user cost is what is often called the user cost of
iming. Additional losses generate what is often referred to as a marginal user cost of
degradation.

Boundary user costs are the next two terms in equation (18) containing ;. These
are associated with the upper bound on production in any given period. for any firm i. Fj.

v, measures the increase in net income that would result from relaxing this bound. and

or . . . . . . .
—is a measure of the refaxation of this bound caused by a change in the production of
oq

firm j in period t. These boundary user costs are a type of externality. [f one firm
chooses to produce more in a given period, then this means that all firms have less stock
with which to produce from in that period.

The user cost of capital consumption is associated with Ajx,.;. This multiplier
measures the marginal productivity of capital component k used by tirm j in future

-

cD,

periods. This term wili be expanded on below. The term -é——'f— measures the capital
q

used up in period t because of a change in output by firm j. Together these two terms

show the user cost of capital consumption by tirm j. In the oil industry. it would appear

normal for companies to maintain the productive capability of their capital equipment by

periodic maintenance expenses. These are incurred as operating costs and have the effect
. oD
of keeping —=0.
oq

However. even though the capital equipment itself is maintained. the ability to lift
oil typically changes overtime as a result of variation in the pressure of the reservoir.
These effects are captured by final two terms in equation (18) that show the user cost of
production. These terms measure the impact of current production on the firture variable
costs of firm j. By producing an extra unit now. costs in future time periods may be
affected. a user cost of degradation.



Equation (19) characterizes the optimum investment rate. The left hand side is
the marginal cost of investment in capital component k to firm j at time t. expressed in
present value terms. The right hand side represents the aggregate benefits to the reservoir

as whole with such investment. The term Aj+Biwi represents the following:

i ac . oF . - | éD r , D, A .
- + _ + _ B
L5 hd aK[k.' W” aK/kr l-l-;![ aK;h gl aK/b kLT

oC
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oK ,.

represents the direct effects on the extraction costs. for tirm j. of having a

oF

iv

larger stock of capital component k. . represents the imputed value of capital.

kr
shown by relaxing the physical bound F. The sum is the present value of the stream of

benefits to firm j of an increment in investment. discounted by a capital survival factor.

aD,, r eD ,, . .

l- . The final term. 1-——|A , .. B, . represents the marginal value of

3 aK . i-tBr. - TEP
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current investment in terms of terminal capital stocks. Kuller and Cummings argued that

-

chD
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— should
v ke

this term would be zero in most applications.’ Moreover. they argued that

equal to negative one (i.e. if you invest one dollar into capital. all else equal. then your

net capital should increase by one dollar therefore decreasing depreciation by one dollar).

-

cX

-

The next term in equation {15). 48, . shows the impacts on recoverable

st
stocks for an increment of investment by j. multiplied by the value of additional
recoverable stocks. The following term gives the impact of investment by firm j over all
firms through changes in the upper bound F. The last two terms measure the impact on
operating costs for all firms of changes in investment by firm j.

Therefore at the optimum. firm j will produce at a rate where their marginal net

revenue is equated with their user cost of production. However. the same firm will set

* This is presumably because of the sunk specific nature of most of the capital used in petroleum extraction.
Firms would atternpt to have the present value of the terminal stock of capital as close to zero as possible to
avoid wasting investment.



the marginal cost of investment equal to the present value of reservoir wide benetfits
associated with that investment.

This model shows importance of considering all costs associated with production.
In the case of non-renewable resources, this includes a user cost. Optimal production
(profit maximizing production) from an oil reservoir involves the complex interaction
amongst a variety of factors including expected future market conditions. the nature of
the petroleum reservoir, and the nature of the production cost functions, for both
investment and operating costs. The present study investigates one of the key

components in the petroleum production decision. the nature of the operating cost
. oC
function, —.
oq

2.1.3 Other Issues

Several other issues come up that need some attention. [ncluded in this are the
uncertainty involved in the natural gas industry. joint products. and aggregation. The first
two of these issues. uncertainty and joint products are only of passing interest to this
thesis. and therefore will only get minor astention. Aggregation. however. is of more
importance.

The models presented thus far have assumed certainty. [n the extraction model of
the first section, prices. resource stocks. costs, and the time frame over which production
takes place were assumed to be known. The model by Kuller and Cummings made
assumptions of certainty as well with regard to these same variables plus interest rates.
These assumptions are not very vaiid in practice. For example. Adelman (1992) cites the
Kern River reservoir (in California) that was estimated to have 54 million barrels of oil in
1942. produced 736 million barrels between 1943 and 1986. and still had 970 million
barrels of expected remaining reserves at the end of 1986. This he argued was not due to
conservatism in original estimates. The additional reserves were added with additional
development investment. some of which incorporated new technologies. Similarly.
future prices. interest rates. and costs are dynamic and subject to external pressures from

changes in other industries.
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Given that these variables are uncertain. the time frame over which production
takes place is itself uncertain. Prices, costs, and the resource stock (or your knowledge of
the resource stock) may change over time, and therefore whether you will decide to
continue to produce at some later time is not certain. Investment is carried out based on
expectations that are derived from the currently available information. The fact that these
expectations are subject to revision with new information as it becomes available means
that overall plans may change. Moreover, uncertainty gives decision makers the
incentive to keep their options open. Thus for example. producers may delay investment
in order to be able to reassess the profitability of the venture when some of the
uncertainty has been resolved. In another example. if price expectations are low. instead
of abandoning a well. a producer may wish to simply shut the well in just in case prices
rise. Often shut-in wells cannot readily be reopened. especially if regulation require
special sealing. [n this case. as Brennan and Schwartz (1985) found it may be optimal to
continue to produce even if operating costs are below revenues. They argued that if there
is sufficient uncertainty with regard to prices. then the value of the future option to
produce is non-negative. [t is important to note that many of a petroleum producer’s
decisions take place at the investment rather then the operation stage. Since this thesis is
focusing on the operation activity. the effect of ignoring uncertainty is substantially
reduced. However. we must recognize that the current operating decision will reflect in
part the operator's reaction to life in an uncertain world.

As ailuded to earlier. the gas industry is subject to joint product problems. These
appear in both the exploration/development and extraction phases of the industry.
Several products are the outcome of exploration. All exploration yields knowledge. and
some yields productive reservoirs. The productive reservoirs could contain gas. oil. other
hydrocarbons. non-hydrocarbons (e.g. carbon dioxide, water. sulfur). or more likely some
combination of all of these. The extraction phase, for a natural gas reservoir. rarely
vields pure methane gas. but more likely involves some combination of the components
mentioned above. Given that exploration and production often yield more than one
product, how does one allocate the costs to each product? Adelman (1992) argues that
attempts to allocate these costs to different products can only be done in an arbitrary

manner. The reservoirs that comprise this study are comprised largely of sweet and



relatively dry gas, thereby eliminating some of the problems associated with joint
products. We shall assume that all operating costs are associated with direct gas
production.

Non-renewable mineral resources are heterogeneous according to Cairns(1994).
This heterogeneity forces the profit maximizing decision maker to account for the full
marginal cost of production and the level of reserves instead of just the marginal
extraction cost. This was illuminated in earlier sections when we showed that extraction
has a 'user cost’. and reserves are a function of exploration and investment. Moreover.
Cairns argues that the heterogeneity of the resources causes methodological difficulties
when attempts are made to study them on an aggregated basis.

The issue of aggregation applies to instances in which one may wish to provide a
representation of economic behavior or outcomes at an aggregate level which is the same
essential 'form’ as an underlying process that is considered to be reasonably accurate at a
more disaggregate level. In the economics ot depletable natural resources. for example. it
is common to build models of aggregate industry supply which "mimic" supply behavior
for individual deposits: for example. the costs of production for the industry are assumed
to be a negative tunction of remaining industry reserves in the same way that the costs of
production for an individual pool are commonly assumed to relate to existing reserves.

Problems associated with aggregation arise in two areas. First. does aggregation
to totals (e.g. reserves and production) or averages (e.g. gas quality. depth) maintain the
original "information". or does the information change because of aggregation?
Secondly. is aggregation used as an "ad hoc" method (i.e. does the aggregate equation
simply "fit well™), or is it seen as an accurate aggregation across the underlying micto
processes?

To illustrate the problems associated with the first case a simple model will be
used. First, we make several assumptions to keep the model simple. The reservoirs are
assumed to be closed (i.e. there exists no pressure maintenance from external sources like
a water drive). a constant temperature is assumed. and the reservoir is assumed to contain
only water and gas. In this case, Rojey and Jaffret (1997. page 178) assert that

production can be characterized by the equation:



g =10, -0, g -s,)l[-"—"J (20)
p\ dt

where: q is the volume of gas produced, o, is the radius at which there is no flow
in the reservoir, oy is the radius of the well bore. h is the height of the reservoir. ¢ is the
porosity of the reservoir, S, is the water saturation percentage. p is the pressure of the
reservoir. and t is time. Given this equation. if two or more of the variables are not equal

across reservoirs then an aggregate function will not adequately capture the production.

For instance if ®e, @w, h. p. and%?- are all equal for two reservoirs. but ¢ and S, are not

equal then an aggregate function based on the average values of these will not yield the
same value for production as the sum of the two wells. Assume that there are two wells.
well one with ¢, and S,,; and well two with ¢, and S.;, and the rest of the parameters are
equal in both. Adding the production from the two wells vields:

v h ( dp

q, 49, ={”(‘0¢: -w,")— "_])(¢|(I_Sw|)+¢z(l“s\.:)) (21
p\ dt

Taking an aggregate would yield:

q= 2(/:(0),1 -, )ﬁ(__‘iﬁ]]((¢! +¢,)((-S,)+01-S,, ))) (22)
P dt 2 7

Canceling the common factors leaves:
g +q. =,(1-S,)+8,(1-S,,)and g =(g +¢,(1-S,,)+(1-5,,)). which in
general will not be equal.

Another simple model will be used to demonstrate the problems that may arise if
the aggregation does not respect the underlying micro process. Assume that the reservoir
contains two wells. Each well contains the same reserves. R. and generates the same
level of production. q. Now assume that operating costs for the ith well. c;, are influenced
only by reserves and production. such that c; = fiq; + 3R;, where P is the coefficient on
production. and 3 is the coefficient on reserves. It is fairly easy to see that the operating
costs for well one and well two are equal in this example. and that the reservoir wide
costs can be calculated either by adding the operating costs for each well together or by
adding the production and reserves together and substituting them into the equation.



(Either gives you costs of 2(q + 8R).) Expressed in other terms. one could estimate the
values of B and & in the equation either by using the data for the two wells separately. or
by using the aggregate data and the estimates of § and & would be the same.

This is quite a simple example. and the resuits do not hold up well if the
assumptions are relaxed. If instead we allow costs to be non linearly related to
production. reserves. or both. then the result will again be different costs for the reservoir
than the sum of the individual wells. For example. if the cost function is ¢; = Bq; + 6R; +
¢q;R;i, then the corresponding costs for the wells calculated separately is 2Bq + 26R +
2¢0qiRi. and the aggregated case is B2q + 2R + ¢2qi2R;). This illustrates that linearity in
the parameters is a requirement for aggregation. From this example it should be easy to

see that similar coefficient are also a requirement (i.e. B; = §; and §; = 3;).

Chermak and Patrick (1995) argue that restrictions imposed by aggregation across
wells in a reservoir include ignoring the well-specific effects of recoverable reserves.
reservoir pressure. and the interaction between these. Recoverable reserves are
influenced by porosity. water saturation. pay thickness. and drainage area. all of which.
they argue. can vary across wells. Moreover. they assert that aggregation does not allow
for different starting production times. nor differing technologies to be used across a
reservoir.

The model tested in this thesis avoids the issue of reserve additions by using data
only on wells that are producing. The well specific nature of the data set used avoids the
issues involved with aggregating to the reservoir level or beyond. and allows for factors
such as different dates of production start up. the possibility of pressure differences
across wells. as well as a general test of whether operating costs include a well-specific

component.

2 Empirical Models

In this section four models. as well as a brief review of a study based on aggregate
data. will be presented. The first three models deal with the estimation of operating costs

for oil production. Two of the models. the ones by Livernois, and Livernois and Uhler
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are based on reservoir costs. The third model. by Griffin and Jones. is directed at the
lease level. The fourth model. by Chermak and Patrick. was designed for natural gas. and
focuses on the individual well.

The first three models start with a profit maximizing firm. and build a cost
function from an optimization model. The model by Chermak and Patrick is an ad hoc
style model. based on their expectations of what might influence costs. The last portion
of this section deals with a study by Helliwell et al. (1989) that estimates the operating

cost tunction for Western Canadian natural gas based on industry wide data.

2.2.1 Livernois

Livernois (1985) tormulated and tested an operating cost model for ol reservoirs
that incorporated water injection. The model was formulated around a material balance
equation. which allows for the calculation of the quantity produced. The materiat balance
equation states that for a given drop in reservoir pressure and a given level of reserves.
the difference in space that would be occupied by the reserves at the lower pressure
would be identical to the volume that is produced. evaluated at reservoir pressure. The
following formula represents this process:

q = g(po. -dp. R) (23)
Where: g is the quantity of oil produced. py is the initial reservoir pressure. dp is the
change in reservoir pressure. R is the reserves. and g is some tunction. The tormula is
assumed to satisfy the conditions that f; 2 0. f; < 0 for all i = p. dp. R. This relationship is
expected to hold at the well level. and is therefore well specific. Physical characteristics
are assumed to be constant throughout the reservoir. and equal sized spacing units are
assumed. This allows the flow rate of oil from a reservoir to be calculated by multiplying
the number of wells in the reservoir by the flow rate from any given well in that reservoir.

Livernois argues that reserves per well are not directly observable. He therefore
assumes a relationship between the pay thickness of the reservoir. the number of wells in
the reservoir. and the water saturation level of the reservoir to approximate the reserves
per well. Reserves per well are an increasing function of the pay thickness. and a
decreasing function of both the water saturation and the number of wells in the reservoir.

From this the reservoir production function is:



q =qen = f(po, -dp. -Sw, Z, n) (24)

Where: & is the quantity of oil produced from the reservoir. n is the number of wells in
the reservoir. S, is the water saturation level, and Z is the pay thickness. According to
Livernois equation (24) implies that for a given number of wells and pressure decline. the
flow rate of oil from a reservoir depends on the values of pq. Z. S.. Since these factors
(po. Z. Sy) are all exogenously determined and treated as fixed by the producer. the only
ways to increase the tlow of oil from a reservoir are to increase the number of wells. or to
change the pressure.

One of the realities of oil production is the ability of the producer to augment the
reservoir’s natural pressure by injecting water into the reservoir by means of an injection
well. A producer may be able to reduce the net pressure decline from the reservoir by
doing this. For this reason. Livernois defined a new pressure decline relationship that
included water injections. First. a new variable. m. was defined as the amount of water
injection. Then the pressure decline from the reservoir becomes:

u=v(m)-dP (25}
Where: u is the absolute value of gross reservoir pressure change. v is a function that
measures the amount to which water injections into the reservoir augment reservoir
pressure. and dP is now the observed net pressure change. Now it is possible to define
the aggregate quantity of oil produced from a reservoir in any period as:

¢ = f(po. y(m) - dp. -Su. Z. 1) (26}

Livernois argues that equation (26) represents the extraction technology for an
individual reservoir. By adding the assumption that the form of this equation is the same
across all reservoirs. differences between production possibilities can be explained solely
by the differences of the natural factors of the reservoirs (i.e. pg. Sw. and Z).

Livernois further assumes that the reservoir is subject to unitized management and
that the output level is fixed by government regulations under market demand
prorationing regulations. Then Livernois formulates the producer’s problem as the
minimization of the present value of the cost of developing and operating the reservoir
for a given path of output. Livernois assumes that the development decision occurs only

once, when the producer chooses the number of wells to drill in the reservoir. This stock




of wells is then assumed to be fixed and non-depreciating. A further assumption is made

that equation (4) is invertible. The optimal quantity of water to be injected satisfies:

m = m(Sw, Po, -dp. ¢. Z. n) (27
and the cost minimization problem is:
r —
min Ie"‘p,-m(Sw.pO._e.q.Z.n)dt+Cd»n (28)
0
with E (t) being given for all t = 0....T, dp/dt = -6. p(0) = Py > 0. py is the price per unit

of water injection, and Cy is the cost of drilling a well. The net change in pressure is now
defined as 0 and is treated as a control variable in the model. The pressure change is
controlled by the use of water injection. Given well characteristics. a large change in the
pressure implies that little or no water injection has occurred. and conversely. a small
change in pressure requires a large injection of water.

By assuming an interior solution. Livernois arrives at the condition that the
marginal cost of changing pressure by water injection is equated with the marginal cost
{or price) of pressure. This is the condition that:

omiS..p.0.9.Z.n)
o6

where: A is a co-state variable that represents the shadow price of pressure. The producer

=4 (29)

must choose 0 (the net pressure change) to make the condition represented by (29) hold.

Livernois argued that an interior solution was more likely to hold for reservoirs of
intermediate age. His argument for this was that as production from a reservoir began it
usually was produced using the existing reservoir pressure. and the shadow price of
pressure is close to zero. As the reservoir is produced. the shadow price of pressure
increases. and water is used to maintain pressure, as long as the cost of injecting water is
below the shadow price of pressure. As more of the reserves are depleted. and the
reservoir nears the end of its productive life, the shadow price of pressure approaches
zero. During this last phase there will again be no water injection.

To estimate the cost function, Livernois had to deal with the fact that often there
is no water injection. Therefore, a Tobit model was used. The Tobit model is used with

data that is censured or truncated allowing for a better fit by reweighting the information
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given by the zero entries. This required a modification to equation (27). Equation (27)

was modified to:
m:g(S,,p.B.z;.Z,n)+e ifg(e)+e20 (30)
m=0 otherwise

The equation then estimated was a quadratic of the form:
0 [ & &

g(x)=p, +;ﬂ,x, +5§§gux,xl (31
with the symmetry condition that g;; = g;; and for notational convenience x; and x; replace
the arguments of the function (x; =Sy. X2 =p. X3 =0. x4 =¢;. xs = Z. X¢ = n). Livemnois
argued that the quadratic function was appropriate because it is a moderately general
tunctional form and it is twice differentiable. and it does not restrict the signs of the
arguments. Equation (31) was then estimated using a sampie of eighty oil reservoirs
within the province of Alberta.

Testing this specification yielded the results that all of the xi's significantly
affected water injection. Livernois argued that this was support for his conclusion that
natural factors explained the differences in production possibilities between reservoirs.

Livernois used his model to test the hypothesis that oil production exhibited
constant returns to scale. This was a test of whether the production function given by
equation (31) was linearly homogeneous in all of its arguments. Since there is a fixed
factor of production, the reserves of the reservoir (as captured by Z and Sy). this implies
dirninishing marginal returns to the variable factors. (Livernois argued that this was
analogous to rising long run marginal costs of production’.) This invoives a test of
whether the parameters g; are equal to zero. for all i and j, with the model that he
estimated. Livernois rejected this hypothesis, and pointed out that this meant that
marginal extraction costs might in fact be nonincreasing. (That is. there might be some
areas of increasing returns to scale.)

Livernois also tested whether the marginal extraction costs were a constant
function of the extraction rate. This was a test of whether the coefficient on gqq was equal

to zero in the model that he estimated. This could not be rejected. Livernois argued that

* Given the fact that this model does not include exploration. this can only be seen as 2 medium run
conclusion.
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this was only the case because 8 was not allowed to vary. To allow 8 to vary, he showed

(8,0

that it was possible to calculate another ratio. Livenois showed that g, -———=
Loo

~——, and this was calculable from his estimation. This was again tested to see if it

equaled zero, which again could not be rejected. With 6 allowed to vary. this was a test of
whether the full marginal cost (including the user cost of pressure) was increasing in the
output rate. This result is somewhat surprising given what the theory argues. The
presumption of stock effects normally implies that as production rises so does the user
cost of pressure. As was discussed earlier when the model of natural resource depletion
from Sweeney was outlined. the theory expects that with depletable natural resources.
there is a nonzero user cost that must be included in the marginal costs. This user cost is
non-decreasing with the quantity produced. However. Livernois did point out that this
test was only valid for the observed extraction rates.

Finally. a test was undertaken for whether an aggregated function couid be
created for the data that would determine the industry wide production possibilities. For
Livernois. this involved a test of whether the individual factor requirement functions
were linear. that is g;j = 0. This is the same as the test for constant returns to scale. and

was rejected.

2.2.2 Griffin and Jones

Griffin and Jones undertook an econometric study in an attempt to investigate
possible scale economies in oil production. and to look at the well abandonment decision.
Their model focused on aggregation to the lease level. They built a "multipiant” medel to
investigate scale economies. A multiplant model was built to attempt to capture the
reality of oil production. Qil production typically involves production from multiple
wells within a lease. and/or from more than one lease within a field. In this way they
argued individual wells are analogous to individual plants within a firm.

The multiplant model that Griffin and Jones used was based on a competitive
firm. This firm would operate each plant to the point where the marginal cost per unit

was equated with the market price (which is the firm's marginal revenue in the case of a
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competitive firm). [f a plant's marginal cost curve lies above the current market price at
every point, then that plant would not contribute to the firm's output. This plant might be
retained if the price was expected to increase in the future such that expected future
profits would at least be sufficient to cover the costs of maintaining the productive
capacity of the plant (i.e. the quasi-fixed costs). [t is assumed that there are no costs to
temporarily shutting a plant down. In other words, there is complete and costless
reversibility. In this case the optimal allocation of the firm's output between the
individual plants is made by a series of independent decisions at the plant level.

Griffin and Jones argued that this multiplant model is easily extended to oil

production by replacing plants with "wells in the lease". In this way a cost function for

the lease can be defined as C, = C( E,.n,.(}). Where C, is the lease wide cost at time t.

g+ is the production from all wells in the lease ( g, = zq,, . Qit 2 0). n, is the number of

e=|
producing wells. and G is a vector of ¢xogenous parameters that describes relevant
geological factors (e.g. depth of producing zone. type of lift. and age of the lease). c-[.

would be determined by the market price. If q; = 0. then this implies that a well is shut
in. It is usually argued that a well will be shut in when. due to production decline. its
average variable operating cost falls to the level ot the crude oil price. This investment
decision is often calculated at the lease level be comparing price to g—'or lease wide
average operating costs.

In reality. the decision to shut a well in is complicated by the fact that well
abandonment may not be costless. A well that is shut in by removing the casing and
plugging with cement is no longer available for production in the future. At the time of
this study conducted by Griffin and Jones. there were requirements in the United States
that wells that had no production for sixty days had to be abandoned by removing the
casings and plugging with cement. (This is not the case in Alberta at this time.)
Abandonment of the well will resuit in the loss of the ability to produce from the well in
the future. Moreover. if there are other reservoirs accessed through the bore. or deeper.

that may be producible in the future, these may less easily be accessed. This defines an
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option value associated with the decision to produce or shut in. Furthermore, if enough
wells within a lease are abandoned then leasewide production may approach zero. [f
leasewide production approaches zero then the lease may be forfeited. This then adds to
the forgone option value associated with the decision to shut a well in.

Griffin and Jones assumed an exponential decline curve in order to examine a rule
for well abandonment. This decline curve is gi = qme“i' 1=1273, .... Wt). d; is the
annual percentage decline rate for the i well, and gy is the initial output from the i well.
Griffin and Jones argued that this would capture the production decline if the well was
produced at the MER. The optimal date of abandonment. for each well. (t;) is calculated
by maximizing the present value of all future quasi-rents ([T;). from each well. according
1o:

t,

] ; g x -
rnraxrll = ‘1:plq10e_d' (l —f{l xl -z )—(g]} e dt (32)
’ )

{ '}
According to Gritfin and Jones a producer must form expectations about oil prices (py).

future royaity rates (H,). future severance taxes (z;). and future marginal operating costs

cC . .
per well. (— ). Once these expectations are made. the producer must discount to the
a

nu
present to arrive at the optimal abandonment date (t;). This disregards any loss of option
value associated with either the possible development of deeper pools accessible from the
well or or the possibility of future price increases that make more revenues economic.
Moreover. the sunk costs of plugging the well with abandonment are also ignored.

Griffin and Jones argued that this should provide a much lower rate of production
for abandonment then a static comparison of average revenue (price) with average
operating cost per well. There are two reasons for this. The first reason is that if a
producer can expect oil prices to rise in the future at a rate that is higher than the well's
natural decline rate. then the producer would want to keep the possibility of production
open. The second reason is that marginal operating costs per well may be lower than
average operating costs (implied by leasewide costs).

Private marginal extraction costs per barrel are not directly observable at the well

level according to Griffin and Jones. They argued that marginal extraction costs were



likely flat over a wide range up to the MER and then rise quite rapidly. Producer
behavior suggested this to them. In the absence of output restrictions, producers seem to
produce at the MER. Since producers choose to produce at the MER despite varying
prices for oil. their marginal costs must either fall or not rise much as production
increases over smaller output levels than the MER. or they would likely adjust production
in reference to price changes.

Griffin and Jones argued that the history of oil production in the 1920's in the U.S.
was evidence that producers would over produce in an uncontrolled competitive
extraction environment. that is when access to reservoirs was shared by a number of
companies. Overdrilling and overly rapid depletion of reservoir pressure lead to both
economic and physical waste. The regulations in essence treated a pool as common
property for those producers with access to it. This gave producers little incentive to
restrain current production, since there were no clearly defined property rights associated
with the resource in the ground. [t made sense to attempt to lift oil as rapidly as possible
under these conditions because the only way to ensure that you had rights to the oil was
to possess it above ground. Therefore marginal social costs of crude oil production
greatly exceeded the marginal private extraction costs since the private costs tended to
ignore the user costs of current production. This problem s reterred to as the rule of
capture. Unitization of the pool leads to the internalization of the externalities. The
marginal user cost is included in the decision making process when the resource is
operated by a single producer. A single producer can choose whether to extract the
resource or to leave it in the ground without the fear of having someone else produce it
first. Therefore. a single producer will extract at the point where the marginal extraction
cost plus the marginal user cost is equated with the marginal benefit.

The possibility of increasing the present value of total profits trom the poot would
encourage integration. By unitizing, the firms would be able to increase their profits by
increasing their respective number of wells (e.g. if there were three producers with two
wells each. by unitizing, they would essentially be one firn with six wells). However.
Griffin and Jones argue that integration would probably occur only at the end of the
primary production. They cited Wiggins and Libecap (1985) who tound that voluntary
unitization generally did not occur at the beginning of production. This was argued to be
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due to disparate expectations by producers in regards to the extent of ultimate recovery.
However, unitization is appealing with regards to secondary recovery.” Moreover, the
uncertainty about potential recovery is reduced as the reserves are depleted.

Voluntary unitization would also be supported, according to Griffin and Jones. if
the multiplant cost function of C,=C {(}l, n;, G) exhibits leasewide economies of scale.

To examine the possibilities of scale economies, Griffin and Jones defined the elasticity
of cost as being composed of two components. the elasticity of cost with respect to the
number of wells and the elasticity of cost with respect to the level of oil production.
They introduced an additive notation to measure elasticity of cost, that was derived from
their Cobb-Douglas specification of a cost function, such that Zs = Zcw + &co. s is the
elasticity of cost with respect to the number of wells and the level of oil production. Scw
is the elasticity of cost with respect to the number of wells. and Z¢q is the elasticity of
cost with respect to the level of oil production. (The addition retlects the fact that more
wells typically also raises pool output.) If the elasticity of cost were found to be less
than one then this would mean that. since costs rose less than proportionally with weils
and production. there existed scale economies. Elasticity of cost found to be greater than
one would show diseconomies of scale. An elasticity of cost equal to one would give
evidence of constant returns to scale. In this way they could determine if there would be
additional gains to the producers from voluntary unitization. If the lifting ot oil exhibited
scale economies. then unitization would be one way for producers to exploit these.

The data used in their sample consisted of data provided by twelve oil producers
in Texas for the year of 1983. Each producer provided information on at least five leases
for a total of 133 observations. The information provided for each lease included the
total oil produced. the number of producing wells. the depth of the pool. the age of the
lease. the number of injection wells, the associated water and gas production. and the
tvpe of lift. They were disappointed in the fact that they did not have information on the

firm's input prices. but assumed that these were constant during the vear and across

® This point was not elaborated on. but presumably the attractiveness of unitization for the purposes of
secondary recovery may have something to do with cost/risk sharing. There may also be some concems
with "free riding.” If another firm is willing to instail the capital equipment to enhance a reservair’s
productive capacity, it would benefit any other producer producing in the reservoir at that time. Therefore,
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producers. They argued that this was not too offensive an assumption because they felt
that prices would likely not vary too much in the same state. and in the same vear’.

Griffin and Jones estimated a log-linear cost function which related lease
operating costs to the variables mentioned in the previous paragraph. They argued that
attemnpts at more flexible forms yielded less satisfactory results. "The introduction of the
many second-order and interactive independent variables called for by the translog
specification provided no tangibie increase in the explanatory power of the model at the
expense of the accuracy of the estimates of individual coefficients."(Griffin and Jones
.1688. p.113.) The estimation yieldedg:

In ¢, = 2.85 + 0.33Inn + 0.28Inq, - 0.01Ingg + 0.06Inq,, + 0.04In]W + 0.45InDE -
(2.67) (5.98) (3.76) (0.83) (3.22) (0.85) (3.91)

0.09InA + 0.82InMP + [ 43InEP + 1.27GL
(1.22) (3.38) (4.30) (5.03)

R* =0.897

Where n is the number of oil wells. g, is the quantity of oil produced. g, is the quantity of
gas produced. g is the quantity of water produced. [W is the number of injection wells,
DE is the depth of the producing zone. A is the age of the well. MP is a dummy variable
denoting a mechanical pump. EP is a dummy variable denoting an electric pump. and GL

is a dummy variable for gas lift.

The resulis of their estimation showed that the elasticity of cost with respect to the
number of wells was 0.53. This suggested to them that the marginal operating cost per
weil would be less than the average operating cost per well. The significance of this is
that the well abandonment date predicted by the average operating cost would be too
soon. Marginal operating cost being less than average operating cost would occur if a

significant portion of leasewide operating costs are lease rather then well specific. This

unless everyone agreed to cooperate. ne investment would accur. Whereas primary recovery does take
place to some extent without unification.

" This assumption may not be justified. From talking to people within the oil and gas industry in the
Province of Alberta. input costs are not necessarily constant across the province. For instance, for similar
wells, input costs may be five times as high in Northwestern Alberta than in Southeastern Alberta. and oil
prices do vary during the year. However, for day to day prices. oil prices tended to be more stable before
1986 then they have been since.

* Griffin. James and Clifton Jones, "Economies of Scale in a Multiplant Technology: Evidence From the
Qilpatch”, Economic Inquiry Vol. 26. 1988 p.[ 15



might be due to tixed capital related costs such as on site oil storage and oil gathering
lines.

Elasticity of cost with respect to the level of oil production was estimated to be
0.28. This indicated that there were scale economies at the lease level. (if wells were
operating at their MER. then there would be no unexploited scale economies at the well
level.) Therefore, to capitalize on the lease wide scale economies could only be achieved
by increasing the number of producing wells. Griffin and Jones suggested that this could
be done through unitization or merger.

These estimates combined to yield 0.81 as the elasticity of cost with respect to the
number of wells and the level of oil production. This suggests that unitizing leases across
a reservoir will yield cost savings.

Their results suggest that operating costs are increasing in the quantity of oil
production. as is expected by the theory. but decreasing with the quantity of gas
produced. However, the sample only included oil wells. and therefore the gas produced
was a byproduct of oil production. Their model did not include reserves in the

regression.

2.2.3 Livernois and Uhler

Most of the theoretical models of exhaustible resources have been based on the
depletion of the region's aggregate stocks of the resource. In these models there are
assumed to be costs functions which apply to the aggregate stocks. [t is common for
instance to include degradation effects by assuming that extraction costs fall as the
aggregate reserves in the region rise. [n fact. resources of natural gas lie in separate
reservoirs. Livernois and Uhler (1987. page 197) built a model to test whether
aggregation beyond a single reservoir was appropriate. They argued that the belief that if
aggregate resources increased. then extraction costs would decrease. is flawed. Other
factors affect extraction costs. For instance. there is a tendency for lower cost deposits to
be found first since lower costs deposits are more likely to be larger deposits. Larger
deposits are typically found first because there is a better chance of finding something
larger rather than something that is smaller. In addition. various exploratory techniques.

like seismic, have some ability to direct producers toward lower cost deposits. [f the
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lower cost deposits are found first, then additional finds would serve to increase
extraction costs. eventually, as new deposits are more costly to extract than current
deposits. Therefore the direction of effect of aggregate resources on extraction costs is
ambiguous. [f this is the case. then aggregate models built at either a basin level. or
perhaps at the national level. would have little predictive power for optimal extraction
rates or price paths. To test their hypothesis, Livernois and Uhler built two models. an
aggregate model. with many deposits, and a disaggregated pool specific model.

Their first model, the aggregated model, involved “a hypothetical competitive
firm that makes optimal extraction and exploration decisions with respect to reserves
aggregated over many deposits.” Livernois and Uhler (1987). Exogenous prices are
assumed as well as that the firm has complete property rights for the pool and maximizes

the present value of profits from exploration and extraction according to:

= j[pq—C(q,R)—CEE]e‘"dt (33)

)]
Subject to: 1.2(() = (:"(t) -q(t):R(0)=Ry 34
And U = f[E®.U®)]; U©O)=U, (35)

Where p is the price of the extracted resource. Cg is the unit cost of exploratory effort . E
is the quantity of exploratory effort expected. r is the discount rate, C[q, R} is the
aggregate extraction cost function. R is the reserves at time t. and q is the extraction rate
at time t. Equation (34) shows the change in reserves at time t. as the difference between
discoveries at time t and extraction at time t. Equation (35) shows the discovery rate at
time t. which is a function of the exploratory effort. and the level of cumulative
discoveries (X(t)).

Livernois and Uhler give an example of what the price path would look like if the

aggregate industry-wide cost function was defined explicitly. They use C(q. R) = g-
C(R). Price will then follow the path determined by p = r[p —E{R)]+ C_R(R)f(E.U) .
[f the assumption of E‘; < 0 is made. implying that costs rise as reserves fail.

Livernois and Uhler suggest a few results. Exploration has a negative impact on

extraction costs, and on the market price. If initial reserves are small, then C, will be



large in absolute value. In this case, smail increases in reserves witl lead to large
decreases in extraction costs. This gives support to a U-shaped price path. That is, as
reserves are added at a faster rate than production they drive down prices, then prices rise

as the reserves are depleted.
However, if the opposite assumption of C, > 0 is made then the main incentive

for exploration is lost. and price rises over time. Livernois and Uhler suggest that the
assumption may be more realistic for two reasens. As low cost deposits are used up. and
new deposits that are higher cost are found, extraction costs should increase. Moreover.
as resources are extracted within a reservoir, extraction costs tend to rise as lower cost
reserves are extracted first. [n this way exploration is delayed until price equals extraction
costs for incremental reserves.

To test these predictions they estimated a model that took the form of:
C'r =a+t ﬂ,,qr + ﬁRRr + ﬁqquRr +er

Where C, is the total extraction costs at time t. g, is production at time t. and R is reserves
at time t. In their model the exiraction costs include both development and operating
costs.

Using this model and data from the Province of Alberta. they strongly reject the

: . . . . C .
hypothesis that the marginal cost of extraction with respect to reserves (i.e. T}{;’—) is
é

decreasing. In fact they found a significant positive relationship between extraction costs

and increasing reserves.

The second model buiit by Livernois and Uhler was a disaggregated model. In
this model a firm must choose three things at each point in time. The first. is the rate of
exploratory effort to yield a desired number of discoveries. The second. is the extraction
rate of each new discovery. Thirdly, the extraction rate of each previous discovery must
be chosen. With this model. costs for the k™ deposit should depend on the extraction rate
for that deposit. q(k.t). the "ratio of remaining reserves”, R'(k.t), and some vector of
exogenous physical characteristics, G(k). The ratic of remaining reserves (R') was

calculated to be one minus the ratio of cumulative extraction over initial deposit size (1.e.
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R=1- '=Il€ = Rhl ). However. estimating the initial deposit size is difficult and
Q Q0

imprecise as discussed earlier. (The discrepancy over the actual resource size at Kemn
River in California, discussed in the section on "other issues” page 34. above. is an
example.) Livernois and Uhler did not make it explicit how they calculated their initial
reserves. From the form of their model it appears that they implicitly assume that the
reservoir's entire initial reserves are known with certainty at the start of production.
Livernois and Uhler argued that quality of the deposit depended mainly on the initial
deposit size. and on some other exogenous physical characteristics that may include items
such as reservoir permeability and pressure. Combining this with the fact that the best
deposits are usually found first. they concluded that over time extraction costs should
rise. Their cost function was then formulated as C = C[q(N.t). R'(N.t).N]. where N is
an index for the pools such that the first pool found would be N = 1, the second N = 2.

and so on.

The instantaneous profit in period t trom a given deposit k is given by:

p(r)q(k.f)—C[q(k.f).R'(k.!}.k]; and the profits across all deposits is given by:

Sir

I{p(l}q(k.!) - Clgtk.0), R' k1) k Ptk - C, (1)ECr) 37

And the maximization problem becomes:

i N

= j{p(:)q(k.n —C[q(k.t).R'(/c.r).k]}dk—CE(r)E(t)] e "dl (38)
: J

0
subject to R'(k) = g(k.r) for all k & (0. V(1)) (39)

and N(t) = n(e) = f[ve). V()] (40)
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with n(t) being the number of discoveries in time t. Two costate variabies are introduced
to solve the problem, A(k,t) being associated with the reserves remaining in deposit k at

time t. and u(1) being associated with the state variable N(t).

Solution of (38), with (39) and (40). gives the condition that marginal extraction

cost plus the marginal user cost for each deposit must be equated. This is shown as:
C,lgGnn RG]+ Aie™ =C,[q(.0.R G0 I+ A ne” (41)
for all 7. j €{0. N(1)).

Livernois and Uhler argued that a decline in reserves would cause extraction costs to rise.
Exploration may yieid lower quality (higher cost) deposits. but it still may work to lower
the rate of increase in extraction costs. Therefore. it would still be useful to conduct
exploration to tind new deposits. even when these deposits may be of higher cost then
current deposits. This is contrary to the aggregate case where there were no incentives to
continue to explore if Cg > 0 unless the price covered the costs of exploration plus

extraction for the new reserves.

Expected price paths can also be examined using this model. To examine the
behavior of prices the market supply needs to be defined as qu(t). the inverse demand
function p = f(qm) used. and the first order conditions from the above maximization

prablem need to be totally differentiated for q(k.t). This vields:

. VII)C _ P-C —C .

P(t)y=4- j fanldl 2) Rk = g(N.H)N(1)- 4 (42)
[} C.N

with 4= S 44u) <0

iy

1-f1qy) IC.;dk

Livernois and Uhler argued that equation (42) is ambiguous in sign. This result

holds even if there is no exploration (i.e. x\.f(r)=0). This occurs because costs are
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decreasing with reserves. Therefore there is a possibility of a U-shaped price path with
this model.

The model then estimated using a cross sectional sample from 166 oil pools in the

province of Alberta was:
C=a+ﬂqql+ﬂRRll+ﬂ.\l‘V&+e {43}

Within this mode! they found that extraction costs, including exploration costs,
development costs, and operating costs. were increasing with production. decreasing with
reserves. and increasing in N. Having the costs increasing in N captured the effect that
they wanted. namely that the later an exploratory well was drilled. the lower the quality
of the well. They concluded that modeling the disaggregate setting allows for both an
inverse relationship between reserves and cost at the pool level. and for the tendency for
low cost deposits to be found first. Hence at the aggregate level. costs could seem to rise

as reserves are depleted.

2.2.4 Chermak and Patrick's Model

Chermak and Patrick seem to have been the first to ¢conometricallv estimate a
cost function for petroleum extraction at the individual well level. Although. as stated in
the previous section, others had done estimates of a production cost tunction. it had
always been done on an a more aggregated basis. either for a region or for individual
reservoirs. Due to the nature of depleteable natural resources. specifically petroleum,
such aggregation may not be appropriate. As discussed previously. the conditions for
aggregation to the reservoir level include: identical production technology for all wells,
the same start up date of production. and identical reservoir characteristics in the parts of
the pool around each well.

Chermak and Patrick's analysis consists of six models which they tested. They
used time series data. They had 451 monthly observations from twenty nine tight gas
wells. The observations were taken over the period from [988 to 1990. The wells were
located in Wyoming, West Texas and East Texas.

The basic structure of their model is:
ince=a+PBqlng+Prln R+ Brint + Poyn pmy +ey (44)
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where:
c, is operating cost at time t
q is quantity produced at time t
R, is remaining reserves at time t
t isatime trend
pm, is the 'production month' at time t or the number of months since commencement of
production
The time trend was included to allow for exogenous and "macro” effects on costs.
such as inflation. Production month was included to test the effects of age on costs. since
the wells differed quite substantially in their ages. The authors had tested other torms of
cost functions inciuding linear. log-linear, and flexible form cost functions. They found
that the best performance was obtained using the log-log torm that is presented here.
Chermak and Patrick decided to extend their basic model to test further
restrictions. They considered a number of other factors that they believed may have an
impact on the production costs. These factors included what company the well belonged
to, the location of the well, the producing formation of the well. and the well itself. They
argued that different companies may influence the production cost through differing
levels of efficiency. The location may have an impact because the wells were in three
different regions: West Texas. East Texas. and Wyoming, and there may have been cost
factors specific to each region. For example. they argued that labour or input costs.
regulations. or well densities may not be constant across regions. Geological tormations
may have differing impacts on the costs as well. Certain formations may be more costly
to produce from than others. if they are. for example. less porous. Chermak and Patrick
also wanted to test whether individual wells may have different effects themselves. They
postulated that it may be possible for individual wells to be quite unique in their
production costs. as would be the case. for example. if reservoirs differ significantly in
characteristics. Even two wells within the same reservoir could have quite different costs
if well spacing in the pool is not even. or if the pool has heterogeneous reservoir
characteristics.

They employed the following definitions:

a=a+¥.'p, D, (43)
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a is the "parameter estimate for the intercept variable”

p;i is the ith parameter estimate for the intercept terms of the jth model

D; is the ith "binary” or "dummy" variable denoting which category a well fit into (e.g.
for the location model. two dummy variables were used to denote which of the three

locations the well was located in).
B = E + Z: p ., wherekisq, R.t.pm (46)

E,: is the parameter estimate for the variable k

pjix is the ith parameter estimate for the first-order interaction terms (i.e. the independent
variable is ®; Vi where Vy is the variabie k),
@,k is the ith binary variable for the jth model
j = r(restricted). ¢(firm). I(location). f(formation), w(well). or cw(firm/well). denoting
which of the six models is being tested.”

if j = r. then (N=0) which means there is no interaction and 8 = ﬁ_k and @ =a

if j = ¢ then (N=3)

if j =1then (N=3)

if j = w then (N=29)
ey is white noise

The results show that operating cost is inversely related to remaining reserves.
and directly related to quantity, but the marginal cost of production is decreasing in
quantity. These results were consistent across all models. although the parameter values
varied according to which other etfects were included. For instance the coetficient on g,
varied between 0.05 and 0.48. and on R it ranged between -0.05 and -0.35. They further
found that costs were negatively related to time, which they argued was consistent with
the fact that during the same time frame. costs were decreasing on an industry wide basis.

A surprising finding was that month of production did not have a consistent sign.
Chermak and Patrick argued that this could be because of two opposing factors. The first
was that as wells age there would be more down time. and hence more costs. The
second. opposite effect. was that as well density increased over time there would be

economies generated in the "pumper costs” (i.e. the costs associated with pumping the
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gas to the surtace). With more wells in one area. an individual pumper could service
more wells.'® Whether or not the coefficient on production month was positive or
negative would depend on which effect dominated.

Out of all the models. they found that the best fit was obtained using the company
variable in their specification. All companies showed statistically significant slope and
intercept terms. They proposed that accounting and business decisions which differed
between companies might explain this However. they had difficulty explaining why two
of the firms, which were just separate divisions of the same company. would have
different slope and intercept terms. Their conclusion was that reservoir or location
differences must be explaining some of the difference.

There were concemns about the robustness of the results. The changes in
magnitudes of the coetficients were an indication of this problem. All models were
tested for serial correlation. heteroscedasticity. and structural stability. Only the
individual well model showed any problems of heteroscedasticity. They corrected it by
expanding this specification to include tirms. The firm/well specification did not show
heteroscedasticity using a White test.

The authors concluded by stating that although there were problems of stability in
regards to the magnitudes of the coefficients. the important results of this study were the
signs of the coefficients. The signs on production and remaining reserves. as stated
above. were constant across models. These results were consistent with that found by
Livernois and Uhler for their oil pool (disaggregated) model. namely that. Cq > 0 and
Cgr<0.

2.2.5 Helliwell et al.

Helliwell et al. (1989) undertook a study of the Canadian oil and gas sector in
which they examined operating costs for natural gas production in Western Canada with
data from 1951-1985. The data used was aggregated to a Western Canada wide basis.

They defined operating costs as real operating cost per unit of production. They

? The index for formations was not presented in this paper.

' Presumably, more wells may be added as wells aged within an area. It is not clear why they believed

that economies from a pumper would enter through the production month. and not the time trend. It seems
that the density would be increasing in time as well.
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estimated operating costs (¢/q) as a function of the level of production (q) and ratio of
cumulative production to remaining reserves (Q/R). They found the following results
with t-statistics below the estimated coefficients:

c/q =0.15294 - 0.0000954q + 0.56628Q/R (47)

(39.96) (17.86) (21.91)

Multiplying though by quantity vields:

¢ =0.15294q - 0.0000954q + 0.56628(Q/R)*q
These results suggest that for a large range of output. operating costs are increasing with

quantity, and decreasing in reserves.
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Chapter Three: The Model

This thesis will look at operating costs for a number of Alberta gas wells using an
approach similar to that of Chermak and Patrick. The cost equation is not derived from
an explicit optimization model. but includes variables which it is expected will affect well
costs. Operating costs are assumed to be a function of extraction. reserves. and reservoir
physical properties. The quantity of gas extracted from the reservoir is expected to affect
costs. That is to say that extracting gas from the reservoir is expected to have some
marginal extraction costs. Extraction may affect operating costs through possible scale
economies. The direction of effect is possibly ambiguous at the well level. [t may be
that wells suffer from decreasing returns to scale in that as more is extracted. with
reserves held constant, it becomes more costly to extract on average because reservoir
pressure is declining more rapidly (i.e. a user cost of degradation). Conversely. it may be
that. because there are a number of costs associated with the ability to produce. rather
then the amount produced. average operating costs could be decreasing with extraction.
That is. at least some of the costs are spread over a larger volume of output. and rise little
as output expands. The reserves remaining in the reservoir are expected to impact costs.
as the more reserves that are present, the easier it should be to lift a certain quantity of
gas from the reservoir without impacting the reservoir much.

Reservoir physical properties are a large category. There are many characteristics
that "make up" each reservoir: the depth at which the reservoir is located. the pressure
within the reservoir, the thickness of the payzone. the porosity, the permeability. the
viscosity, and the other reservoir contents are but a few of these defining characteristics.
Within this model the depth the reservoir is located at. the reservoir itself. and the
producing zone in which the reservoir is found are included as factors which might affect
operating costs. These three variables are chosen to give some weight to the physical
properties and at the same time to minimize the relationship with the other variables (i.e.
quantity extracted. remaining reserves), which are more interesting to this study. (For
instance, the reserves in a reservoir are related to the thickness of the payzone and the

reservoir’s porosity.) In fact, the inclusion of what reservoir is being produced from
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should help in removing the other mitigating physical properties trom the estimated
impacts of the quantity extracted and the remaining reserves on operating costs.

Several models were tested. The first model was a simple model similar to that of
Chermak and Patrick. which is formulated as follows:

In¢g=a+Iing+InR+Int +Inpm, +e (44)
where: In ¢, is the natural log of operating costs at time t; In q, is the natural log of
production at time t; In R, is the natural log of remaining reserves at time t; In t; is the
natural log of a time trend at time t; In pm, is the natural log of the well's age at time t:
and e is a random error. Second. a more flexible model was examined which added the
square of production In (q.’):

[nct=a+lnql+lnq,3+lnR,+lntl+lnpm,+e.. (48)
Third. dummy variables were added for companies. formations and pools.

Due to the nature of the data (which will be elaborated on in the following
chapter). the model is estimated as a panel data set (i.e. a set of observations across time
for a sample "panel” of wells). Using a panel data technique allows for more intormation
to be used in the estimation given the knowledge that the data set includes a mixture of
time series and cross-sectional data. Given the available data. differences between wells
can be best modeled by using econometric techniques that are designed for use with panel
data.

The methods for dealing with panel data typically use the constant term to model
the differences between groups (e.g. wells). According to Greene (1994. page 615) the
model looks as follows:

Y =0 tBXi e (49)
Where «; is a group effect that is constant over time (t), but not groups (i). In this way.
changing output (x) may affect costs (v) in the same way. but the level of costs may be
different for different groups. This is done in one of two ways. The first is the fixed
effects model. The second is termed the random effects model.

The fixed effects model assumes that a; # a; # a. or that differences between
groups can be viewed as a parametric shift in the regression function. This model is
essentially involves putting in dummy variables for the different groups. I[n this analysis,

this amounts to twenty-one dummy variables for the individual wells. An F-test is done
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to see if all of these parameters could jointly be equal to zero. The individual relevance
of one of the parameters being equal to zero is not of much importance (except with
regard to its own interpretation).

The random effects model also assumes that «; is a group specific disturbance.
The difference however, is that it is similar to the error term. rather than a parametric
shift. Greene (1994) gives the following modification to the regression equation above:

Yie = (a+ uj) + B'xe + €y (50
Now the differences between groups can be modeled the same as a group specific error
term that applies to each observation (i.e. observations at different points in time) in the
group identically (i.e. there is no time subscript). With this formulation, the error term
can now be written as:

Wi = Ui + & (51)
and the model is:

Y=o+ B + Wi, (52)

This adds complexity that ordinary least squares (ols) is not prepared to handle. Ols is

based on the assumption that the variance of the error term (e) is o”. However. with the
random effects model. the variance of the error term (w) is now 6,Q2. where Q is a
positive definite matrix. To deal with this complexity, Greene (1994) suggests that we
define P as a vector such that P'P = Q"'. By doing this. we can premultiply the regression
by P to yield:

PY = PXpB +PW (53)
(where capital letters denote matrices or vectors. and W is the vector of error terms.)"'
We can now define Y. = X« + W., where Y. corresponds to PY. X. corresponds to PX.
and W. corresponds to PW. We can now use ols to estimate this equation. Estimation
using this transformation is called generalized least squares. or gls.

Both the fixed and random effects models were chosen to estimate the models.
These techniques were chosen to allow greater freedom within the error structure (i.e. the

error does not need to be consistent across or within groups. but can vary). The statistical

" Note that X includes a column of ones to yield a constant term therefore « is included with the vector of
coefficients B
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package used for the estimation estimates the following form of equation for fixed and
random effects respectively':
ve=a+x,flv, ve,] (54)
0, —a.)=(-p)a+(x, -¢& )8+ [(1-ob, +le, ~e,)] (55)

where @ is a function of the standard deviations of the error terms u; and e;,.

" StataCorp. Reference Manual: Voiume 4, 1997.




Chapter Four: Data

The data that will be used to carry out statistical tests was provided by an Alberta
company. [t includes monthly data on twenty-two natural gas wells. starting January.
1996 and ending in December. 1998. from the Countess region of Alberta. This region
is mainly a gas producing region, located approximately 70 kilometers east of the city of
Calgary. The wells are located in the 16™ range west of the forth meridian. in townships
20 and 21.

Wells in the province of Alberta are formally named primarily by their location.
but other information is also contained in the name. The first piece of information given
is the company name and the strike area. This is shown for example in the name Canor et
al Countess. Canor would refer to the name of the company. et al to the fact that Canor
has partners in this well. and Countess is the strike area. Continuing with the name.
Canor et al Countess 00/06-12-021-16 W4/0 refers to the first well (00) drilled. on the
legal subdivision (06). in section (12). of township (021). in range (16). west ot the fourth
meridian (W4), operated by the company Canor and its partners. and located in the strike
area of Countess. The right most number. after the slash. refers to what event this is
within the bore. The "event" refers to an encounter of oil or gas. A well denoted 00/06-
12-021-16 W4/2 would refer to the same well as the above. but a second occurrence of
oil or gas within the bore. A well denoted by 02/06-12-021-16 W4/0 would refer to a
second hole drilled at this location. Figure | shows the geographical dimensions of the
well. The leftmost part shows. in gray. the region of the province denoted as west of the
fourth meridian (W4). This ic separated into Ranges running from 0l to 30 as vertical
separations. with 01 being the eastern most and 30 the westernmost. [t is also separated
into townships that run from 001 to 126 as horizontal separations. with 001 at the bottom
and 126 at the top. The rectangle coming out from the map of Alberta shows how a
range (16) and township (021)are used to denote a specific land area. This gives a square
that is divided into thirty-six sections as shown coming out of the map of the area known
as West of the Fourth Meridian. Each of these thirty-six sections is further divided up
into sixteen legal subdivisions, which is shown below the sections. The shaded areas
show the plot at 06-12-21-16 W4.
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The data provided by the company consists of monthly observations on operating costs.
natural gas production. reserves remaining. time. and production month. Data is also
available on the depth of the well. the geological zone. and the pool that is being
producing from.

One glaring difficulty is that the raw data consists of "tumpy’ operating costs.
That is to say that the time series data has large entries in some months with several
observations on either side being very smaill or. more commonly. equal to zero. This
creates ditficulties because it is not clear whether this is caused by natural forces. or if it
is "artificially" created. For instance. it is not clear if certain months just have large
expenditures because that is what happens when producing oil or gas. or if costs to
maintain production over a long period of time are arbitrarily chosen to be allocated to
one month. Are repairs required in fune because something happens in the gas
production. only in June, that requires repairs, or is it that once a year it is decided that
repairs should be made and it happens that June is chosen for those repairs to take piace?

Another possibility would be that repairs are required at some. perhaps indeterminate,
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point over the vear. and a billing or accounting convention leads them to be recorded in
June.

The operating costs are broken into several categories within the company's
records. For example the monthly observations show payments for lease and road. repair
and maintenance, chart reading, and overhead. to name a few of these categories. Some
of these categories show payments that are incurred sporadically (e.g. repair and
maintenance), some are incurred once per year (e.g. AEUB administration fee). and
others are incurred at reasonably consistent levels month after month. Moreover. others
such as overhead are likely unrelated to production. I[n an effort to deal with these
problems it becomes clear that an understanding of the different costs would be needed. It
is important to define those costs that are significant. and describe how they seem likely
to have accrued. Then a suggestion will be made as to whether the expense is likely
related to production. or not. and whether it is likely "variable” or "quasi-fixed". A
variable expense is one that is affected by the amount produced. Quasi-fixed expenses
are incurred if production is to take place. but at a set level regardless of the amount of
production. [Included in the definition of "significant” will be all costs that either are
incurred in three or more wells. or make up more than five percent of a single well's
annual costs. This accounts for almost all of the costs. The remaining are labeled
"insignificant costs”. These remaining costs will be grouped as a miscellaneous category.
and their timing will be accepted as reported. [ will now discuss the significant cost
categories

"Contract operator” is an expense related to contracting out the operation of the
well. Instead of paying an employee to operate the well. a separate company is
contracted to do this work. This is essentially a labour cost at each individual well.
Variability between months and wells within this category relate to time and effort put
into the well. This expense is likely variable and related to production.

"Chemicals" refer to injections into the well to enhance the well’s producing
capabilities. These can be either to increase flow. or to prevent hydrates and the freezing
of water. Hence this expense is related to and variable with production.

"Lease and road" are expenses directed at road access to the well. Included here

are amounts paid for maintaining access roads to the well. Expenses such as snow



removal and weed control fall within this category. These are separate from the amounts
paid to landholders for the rights to drill, which are the freehold surface lease. The lease
and road expense is likely related to production, since it will only be made if production
is planned, but is not variable with production.

"Repair and maintenance” refer to expenditures to keep the facilities operating
within a ‘normal’ range. This involves expenditures only on the surface. and is often a
very broadly defined category. Included within this category are items such as repairs to
the separator. valves. painting. and cleaning. Moreover, this category usually involves a
spending cap that is agreed upon by the partners in the well. When the spending exceeds
this specified amount then the surplus goes into a new cost category outside of operating
expenses. This has not occurred within this sample. This expense is related to
production. However. there is some doubt as to whether it will vary with production. It
is certainly possible that some maintenance may be required even if no gas is produced.
just to keep the facilities ready or able to produce. ("Subsurface repair and maintenance”
is a separate cost category that is not considered significant within this data set.)

"Salt water disposal” includes expenditures to dispose of salt water that might be
produced with the natural gas. including amounts that are used to pay for accumulating,
storage of and a place to dispose of the water. Separate is the cost of "salt water
trucking”. which is the costs of transporting the salt water to the disposal well. Both of
these expenses accrue because of production. and are variable with production.

*Trucking” includes the costs of transporting items to and from the well.
excluding those costs associated with salt water disposal. Most notable here would be the
transportation of items to the well. This would include the transportation of items such as
chemicals for the well. supplies. parts for repairs. as well as any other items that need to
be brought to the well site. This expense might or might not be variable with production.

"Municipal Property tax" is a payment made to the municipal government of the
region where the well is located. This tax is set based on land values and not related to

production. but a cost incurred for the ability to produce.

" [nformation that [ have suggests that subsurface repair and maintenance is an unusual expense within a
gas well. This expense is more common in oil welis where you have a pump in the well bore.
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The "Production and Alberta mineral 1ax" is a tax that the Alberta Provincial
Government places on mineral production when the mineral rights are not owned by the
province. This is set proportional to production of these minerals. and therefore it 1s
variable with production. The Production and Alberta mineral tax is calculated by
applying a tax rate to the annual unit value of a field. The annual unit value of a field (V)

. . o R-C : .
is calculated according to the following formula: V = ——; where R is revenues in a
q

vear, C is allowed costs for the year. and q is the quantity of production in the vear.
Allowed costs include capital cost allowances. gathering, compressing, and processing
costs.

"Freehold surface lease” is the payments made to the landholders for the right to
have a well on their property. This expense is related to production. since if you choose
to abandon the well this expense could be avoided. It is not likely variable with
production.

"Freehold p&ng lease" is the payments made to the original mineral rights holder
for the right to produce petroleum from their land when the mineral rights holder is not
the crown. This expense is not variable with production, but it does accrue because of
production for the same reason as the frechold surface lease.

"Small tools and supplies” are just as named. They are items such as cleaning
supplies. rags. charts tor gas measuring, or equipment and tools for very minor repairs.
These are used over time. and not just at the instance of buying. These expenses are
therefore a cost of having an operating well. and could vary with production.

"The AEUB administration fee" is an uncontrollable fee that is paid to the Alberta
Energy and Utilities Board (AEUB). This fee is based on a vear's production. and is a
stepwise function with steps at 300. 600. 1200, 2000. 4000. and 6000 cubic meters. so it
does vary with production.

"Chart reading” refers to expenses to have the well monitored by a company that
specializes in reading production charts. This expense arises because of production. but

does not vary with production.
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"Cathodic protection” is a treatment to avoid external corrosion of the pipelines.

This expense is related to having the ability to produce. and therefore not variable with

production.

"Pressure vessel assessment” refers to expenses to have someone inspect the

facilities to monitor corrosion. and test the vessels. This expense is again related to the

ability to produce not the level of production.

"Testing-pressure survey" is an expense to have a recorder placed in the well bore

to record the pressure. This expense is again related to the ability to produce not the level

of production.

"Analysis" refers to costs associated with the collection of a sample which is sent

away for analysis of the components within the gas. This expense is once again related to

the ability to produce not the level of production.

"Overhead" is an accounting convention of allocating a share of company wide

costs to individual wells. This is not related to production at the well. and hence will be

excluded from further consideration..

Table 1 shows a summary of the three classifications.

The categories with

asterisks (*) are expenditures that are "lumpy”. in the sense that they are incurred only in

select months.

Table 1
Summary of Apriori Expense Classifications
! Not related to | Quasi-fixed Operating Costs Share  of | Variable Operating Costs Share af
praduction Costs Costs
overhead lease and road® 2.8% contract operator 19.6%
municipal property tax* 6.7% chemicals* 2.5%
freehold surface lease® 14.3% repair and maintenance® 1.9%
freehold p&ng lease* 0.6% salt water disposal® 0.4%
cathodic protection 0% trucking* 1.0%
pressure vessel assessment 0% small tools and supplies* 0.3%
testing-pressure survey* 2% chart reading 0.6%
analysis*® 0.2% production and Alberta | 42.7%
mineral tax*
AEUB administration fee* | 3.2%




This "lumpiness” must now be examined. Does this lumpiness reflect the actual
economic process of the cost generation, or does it reflect arbitrary contractual or
accounting conventions?

The costs that exhibit lumpiness are chemicals. lease and road. repair and
maintenance, salt water disposal, trucking, municipal property tax. freehold surface lease.
freehold p&ng lease. production and Alberta mineral tax. AEUB administration fee.
small tools and supplies. pressure vessel assessment. testing- pressure survey, and
analysis. From the discussion above, it should be clear that in all of these cases. the
timing of the cost appears to be "arbitrary”. in the sense that the specific date (month) at
which the cost is recorded bears no apparent relationship to the specific purpose for
which the cost was incurred (other then its occurrence in the same vear as the associated
activity). In the case of a lease. a tax. or the administration fee. the payment for a year is
made in an exogenously selected month. With regard to chemicals. repair and
maintenance. salt water disposal. trucking. and small tools and supplies. the arbitrariness
is generated in the fact that one month is selected for incurring the expense. but other
months receive the benetits to production as well. In the other categories. pressure vessel
assessment. testing, and analvsis. timing of these events are arbitrary. The question now
becomes how to deal with this lumpiness.

With regard to most of these categories (lease and road. freehoid surface lease.
freehold p&ng lease. production and Alta mineral tax. AEUB administration fee. pressure
vessel assessment. testing- pressure survey. and analysis) it might seem reasonable to
simply average the cost over the period in which they are incurred. thereby distributing
the cost over that period evenly.

With regard to the other expenses. more careful thought is required. For instance.
chemicals injected into the well bore are more likely to have a larger impact on
productive capability close to the time of injection. and a decreasing impact as time
becomes more distant. How then should this be modeled? Should the expense be
averaged as the above expenses, or should some attempt be made to weight the average to
reflect the pattern of productive capability.

In general however., it is not appropriate to smooth out the “[umpiness’ that exists

in the data by imposing structure that we do not have. For instance. by assuming that the
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entry for each month is a simple average of the costs incurred for a year. we are perhaps
altering the true relationship of the data. Therefore, to deal with this, the monthly values
will be used for those cost categories that do not exhibit this lumpiness. and for those that
do exhibit lumpiness. the monthly observations will be summed for the year and this sum
will be reported for each month. [n other words. where monthly information is believed
to exist it will be used, and where vearly information is the most frequent availabie. it
will be used. For example the January cost would include the January value for contract
operator and the yearly value for chemicals. The February cost would include the
February value for contract operator and the vearly value for chemicals These monthly
operating expenses will be regressed on a number of variables.

Table 2 provides summary statistics for the data aggregated to yearly
observations. It should be noted that 10 wells were dropped in which remaining reserves
became negative vet the well continued to produce."” These were excluded because it is
likely that additional investment was put into these wells to generate this outcome. and
therefore the costs for these wells include an investment component that would bias the

results. Alternatively. the reserve estimates may have been incorrect which would aiso

bias the results.
Table 2
Yearly Data Statistics
Variable Name Variable | Unitof Obs | Mean Std. Dev. | Min Max
Symbol Measurement
Operating cost C Canadian S/year | 96 | 7456.51 | 9912.697 | 0 48098
Quantity of gas q 10°m’/vear 96 | 1687.301 | 2453.543 | 0 9919.4
extracted
Remaining Reserves | R 10°m’ 96 | 11967.64 | 20084.84 | 0 93376.8
Time t vears 9% |2 0.820783 | | 3 i
Well age m | Months 96 | 86.02083 | 111.0091 | 12 41 B

Table 3 provides a summary of the data used for the estimation using monthly
observations (with the lumpy variables averaged on a monthly basis). Again the wells

with reserves going below zero were dropped.

" The original sample had thirty-two wells. but the revised sample, after wells that incurred production
with zero remaining reserves were dropped. included only twenty-two.




Table 3

Monthly Data Statistics

Variable Name Variable | Unit of Obs | Mean Std. Dev. | Min Max
Symbel | Measurement

Operating cost~ C Canadian 708 | 9006.951 | 9846.456 | 1331 | 44510

S/vear
Quantity of gas|q iI0°m’/month | 708 { 170.8413 | 222.8739 | O 888.6
extracted
Remaining Reserves | R 10°'m’ 708 | 17356.22 | 21353.37 | 1034.8 | 92630.8
Time t Years 708 | 20.5339 | 9.786706 | | 36
Well age m Months 708 | 114.9944 | 127.1953 | | 41
Depth depth Feet 708 | 795.6816 | 267.8487 | 382 1179.9

'* Operating costs per month are calcuiated using the method outlined above (i.e. monthly observations for

lumpy costs have the yearly sum reported each month) and are therefore appear quite large in comparison
to the annual data.
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Chapter Five: Resuits

The empirical analysis is designed to estimate the main factors that affect the total
operating costs for the natural gas wells in the sample. These results will be compared to
those obtained for the United States by Chermak and Patrick. Some estimates for
disaggregated operating cost components will aiso be reported. This may allow more
understanding of how the explanatory variables affect operating costs, and may allow for
assessment of whether the initial division of operating costs into quasi-fixed and variable
categories is reasonable.

This section will start with a brief review of the work of Chermak and Patrick.
Next. a brief review of log-log estimation will be presented. With this background. an
overview of the results will be given. The model was first tested with data aggregated to
a yearly basis. then the model was examined using monthly data. Then a more detailed
look will be taken at the equations that seem to fit best. This section finishes with an

examination of the individual cost categories outlined in the previous section.

5.1  Review of Chermak and Patrick
The model estimated by Chermak and Patrick involved using both cross-sectional and
time series observations. They estimated a cost function based on data for twenty-nine
individual wells totaling 451 observations. They argued that costs (c) were a function of
quantity produced (q), remaining reserves (R). a time trend (t). and the age of the well
measured in moaths (pm). The basic model they estimated was of the form:
Inc=a+ByIng+Brin Ry +fiInt + Pomlnpm; + ey (44)
Using this model they demonstrated that operating costs were inversely related to the
reserves remaining. and directly related to quantity being produced. When other
variables such as well, company. or formation dummy variables were added. the signs of
the coefficients {with the exception of age of the well) remained unchanged. but their
estimated coefficients were not very robust. I[n terms of fit, Chermak and Patrick found
that when the company variable was added to their equation the best overall fit was
obtained. The results obtained by Chermak and Patrick are presented for comparison in
the first columns of Tables 5 and 8.
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5.2  Review of Log-Log Estimation
Log-log (or log-linear) models are models of the form: y, = B,x*e*. By taking the
natural log the following is obtained: In y; = a + B> In x; + u.. Taking the partial

dlny,

derivative of In y, with respect to In x, yields: m = f§,. Hence B, can be interpreted
X,

as the elasticity of y with respect to x. Given this formulation. the assumption of constant
elasticity is assumed across the model. For cost estimation. differing values of B have
differing interpretation. In a long-run model. when all inputs are variable. a value for B2
of 1 is a technology that exhibits constant returns to scale (CRS). If B> > 1 the
technology is said to exhibit decreasing returns to scale (DRS). If B2 < 1 then the
technology is assumed to have increasing retums to scale(IRS). For instance. if B, is less
than one. then by increasing production by one unit average costs will decrease (IRS)
since the percent increase in costs is less than the percentage increase in output: if B is
greater than one. by increasing production by one unit average costs will increase (DRS);
if B2 is equal to one. then increasing production by one unit will leave average costs
unchanged (CRS). However. the model being dealt with here is a short run model in that
there are fixed factors such as investment (or the capital stock). In this case we can think
of B = 1 as exhibiting constant marginal productivity. B < | as increasing marginal

productivity. and B > 1 as diminishing marginal productivity.

53 Total Operating Costs
Several models. with different functional forms. were tested with two forms of the data.

53.1 Annual Data

First. data that was aggregated to a yearly basis was used. This data was used
because there was uncertainty about the reliability of the monthly data. Resuits are
presented as Table 5. Table 4 shows a correlation matrix for the yearly data. The
relatively high correlation between output and remaining reserves should be expected.

since higher reserves typically support more production. Two models were tested using
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this data set. The first of these was a simple log-linear model. of the form used by
Chermak and Patrick. shown in Table 4 as model 1. The equation tor the estimation was:

Inc, =a, + f,Inq, + S, InR, + B;Int + B, In pm, +¢, (44)

where:

In ¢, is the operating costs in period t,

In q; is the log of the quantity extracted in period t.

In R, is the log of remaining reserves in period t.

In t is the log of a time trend,

In pm, is the log of the age of the well in period t,

¢ is assumed to be a normally distributed error term with mean zero and standard
deviation of one.

A more generalized equation was estimated by adding the log of the square of
production (In q°) (model 2). The square of production was added to allow more
flexibility in modeling the impacts of production on operating costs.

Using vearly data on the simplest model gives a measure of fit that is larger than
that obtained by Chermak and Patrick. 0.52 compared to 0.42. however. the results of this
study do not conform to theirs. The coefficient on q has the expected sign. but is
substantially lower (less than half the size that Chermak and Patrick obtained). and its t-
statistic is well below that of Chermak and Patrick's (2.88 versus 14.83). The low
coefficient suggests that average operating costs fall noticeably as production rises. The
coefficient on reserves had a sign that was opposite both to what theory suggests. and
what was obtained by Chermak and Patrick. Time was not significant in this
specification. and the coefficient on age of the well was four times larger than the one
obtained by Chermak and Patrick.

When the model was expanded to allow more flexibility in the effect of
production on costs. with the addition of a square of production term. the fit improves
greatly (R? of 0.83). The coefficient for reserves is no longer significantly different from
zero, time became significant with a sign opposite to that obtained by Chermak and
Patrick, and the effect of the age of the well remained the same with a larger t-statistic.
The impact of production becomes more difficult to interpret because of the additional
production term. Figure 2 shows a graph of this relationship. The natural log of cost is
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plotted against quantity for four series. The first shows the linear relationship (equation
44) with the mean values for reserves, well age and time. A second line {Cost linear min)
is generated by using the minimum value for reserves with the mean value for well age
and time in equation 44. The third line is equation 44, with a quadratic term for quantity
included (Cost quadratic). again using the mean values for reserves, well age and time.
The fourth series in Figure 2 (Cost quadratic min). is similar to Cost quadratic but uses
the minimum value for reserves as well as the mean values for well age and time. Notice

from the Figure 2 that the linear and quadratic series are divergent with larger quantities.

Table 4

Correlation Matrix: Annual Data
(obs=96)

C q R T m
C 1
q 06675 1
R 0.5271 0.8435 |
t 0.1794 -0.0876 -0.0636 |
pm 2108 -0.0778 0.0989 0.0805 I
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Table §
Yearly Data Resuits
Variable IZau'ick &Iln c=a~Pinqg+BinR Inc=a=+png+psInR
hermak + B;lnt + B,Inpm : + B5int ~ B,inpm + Bsing’
Constant l?.és |4.11 11.0t
17.51) (6.61) (12.98)
inq I(()As 0.20 -2.03
kasy 2.88) (-8.24)
InR I;o.ss r().oq -0.05
-12.45) 2.03) (-1.27) B
Int ko.so 21 0.26
-6.83) (1.66) (2.30)
In pm l?.l.? 0.55 0.55
6.78) (5.16) (8.91)
Inq 0.20
9.51)
R adjusted A2 fo.52 0.83
F statistic L I55.74 29258
Number of 45t I% 96
Observations

*t or z-statistics are in parenthesis at the 95% confidence level.
Boldface indicates coefficients that are significant at the 95% confidence level

Figure 2

Natural Log of Cost versus Quantity (Annual Data)
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5.3.2 Monthly Data
Further results were generated by using monthly data. The results are presented
in Table 8. Table 6 shows the correlations between the variables. Again. the high

correlation between q and R is notable.

Table 6

Correlation Matrix: Monthly Data

(obs=766)
IC Iq IR It Ipm Idepth

IC l
Iq 0.8984 |1
IR 0.8976 [|0.9378 1
1§ -0.0933 |-0.1399 |-0.1968 I
Ipm 0.0835 [-0.1430 10,0637 -0.0395 I
Idepth 0.5079 [0.3199 }0.3808 -0.2708 04767 |1

Since the log-log model is somewhat restrictive. the Box-Cox transformation was
emploved to "test the robustness” of various forms of the estimating equation. and to

check if the log-log model was appropriate (Greene 1997. page 486). The Box-Cox

lp—

transformation takes on the following form: l. where x is the variable being

transformed. and ¢ is the parameter being used to make the transformation. [t is possibie
to use an iterative process to select the ¢ that maximizes the log of the likelihood
function. Both the linear and the log-log model are nested within this transformation.
When ¢ is equal to | this is the linear model. and when ¢ is equal to zero this is the log-
log model. Since ¢ is not restricted to being positive. it is not possible to use this

technique with observations equal to zero for any variable that is transformed'®. Al

1
°
@

'® When ¢ is negative this transformation is equivalent to

. and this will not be defined for a value

ofx=0.
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variables in the equations tested are transtormed using the Box-Cox transformation. This
created a difficulty because there were one hundred observations containing zeros. To
see the significance of these observations. ¢ was estimated twice. once with the
observations that contained zeros dropped. and once with the zeros replaced by 0.01 (i.e.
an arbitrarily small value). The results of this are presented as Table 7.

From the table we can see that when these hundred observations are excluded the
hypothesis that ¢ is equal to zero can not be rejected. (The test is a Wald test that uses
the log of the likelihood function.) This is equivalent to the log-log model. When the
zeros are transtormed. both the linear and log-log models are rejected. The expected
range for ¢ is -2 to 2. Figure 3 shows the range of values for the Box-Cox transformation
of x with ¢ allowed to vary over this range. As can be seen from the graph. the log-log
model (i.e. limit ¢ = 0) is quite similar to the model with ¢ =-0.11. Since ¢ = 0 cannot
be rejected when the zero observations are dropped (as is the case with a negative value
for ¢ since the zero is then in the denominator and therefore undefined). the log-log

model will be used.

Table 7
Estimation of A
Zeros removed Zeros set to 0.01

Number of Observations 608 708

I 0.02 0.11

Log Likelihood (0) -5560.86 -6480.21

Log Likelihood (1) 611447 -7089.75

Log Likelthood (maximized) -5550.47 -6468.73

Wald TestA =0 ¢** 0.39 22.96

Wald Test A =1 ¢** 5§63.70 1242.04

* The critical value for the % at the 95% confidence interval with one degree of freedom is 3.84.




Figure 3
Box-Cox Transformation
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Initially the simple model of the following form was estimated using a random
effects model (Model 1). and a fixed effects model (Model 2):

InC, =a, + B/Inq, + f.InR + S;Int + B,In pm, +e,. A Hausman test was used to test

for whether the fixed or random etfects model was the most appropriate technique for the
panel data. The Hausman test used is a test for whether the errors are correlated within
groups. [n the fixed effects model. as discussed above (page 533). the constant term
models differences between groups. and the random effects model includes a group
specific error term. The null hypothesis of the test is that the random effects model is the
correct specification. This hypothesis is rejected soundly (x%s = 629.12). Given this
result. the fixed effects model (Model 2) is used for the rest of the econometric

estimation.




Several other models were examined. Models that were looked at include: the use
of the Box-Cox transformation that was generated, with ¢ =-0.11 (Model 3), the addition
of a depth of the well variable (Model 4), the addition of a company dummy variable
(Model 5). a model with dummy variables for the five different geological zones (Mode!
6). a model that includes dummy variables for the six pools (Model 7). an equation with
the square of production added to altow more flexibility in the impact of production or
cuts (Model 8). There were two companies in the data set'’. The five ditferent
geological zones include Belly River as the reference value. zone | Bow Island. zone 2
Medicine HavMilk River. zone 3 Medicine Hat. and zone 4 Basal Colorado. The six
different pools were identified by their code.'®

All of the models seem to provide a reasonable good fit with pseudo R® ' of
between 0.73 and 0.80. Again. the first column of Table 7 includes the coefTicients
estimated by Chermak and Patrick. (They used ols whereas [ use both random etfects and
fixed effects models.) Since the Hausman test rejected the random effects model (Model
1), only the fixed effects model results are discussed (Models 2-8).

It is interesting to note that the coefficients are reasonably consistent across
models. This is especially true of the coefficient on remaining reserves. which ranges
from -0.84 to -0.98. and is always significant at the 95 percent level. The coefficient on
quantity produced ranged from 0.04 to 0.10 in Models 2 to 7 (i.e. all the models where
the square of production is not included in the equation as in Model 8). A range of -0.02

to -0.04 is observed for the coefficient on the time trend. The age of the well had a

' More detail is omitted because of the proprietary nature of the information in this data set.
" Ibid. This code was established by the Alberta Energy and Utilities Board.
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coetficient that ranged from 0.05 to 0.16. All coefficients are of the expected direction,
costs are increasing in both quantity produced and age of the well. and decreasing in the
remaining reserves. The time trend indicates that operating costs have a tendency to fall.
This may be due to technological changes or talling input prices In some of the modelis.
the coefficients on time, well age. and quantity do not hold their statistical significance at
the 95 percent confidence level: however. all. but well age in Model 7 and Model 8.
remain significant at the 90 percent confidence level. Compared to the results obtained
by Chermak and Patrick. these results imply that the wells in this sample have larger
elasticity of cost with respect to remaining reserves. and smaller elasticity of costs with
respect to quantity produced. The constant is fairly large and significant. This could
imply that there is a variable missing from the model. or that there exist significant quasi-
fixed costs in the data.

Adding other variables to the model does not seem to alter the resuits much. The
fit. as measured by the R’. stays in a narrow range of 0.76 to 0.80. Moreover. as
mentioned above. the coefficients on production. reserves. time, and age. do not change
much with the addition of other variables.

Model 8 adds the square of production to the equation. As with the model for vearly
data, the addition of this term makes interpretation difficult. Figure 4 shows a graph of
this refationship. Similar to Figure 2. Figure 4 includes both the linear (equation 44) and
the quadratic series (equation 44 with a squared quantity term) which are derived using
the minimum values for reserves. well age and time. Both series Cost linear and Cost

quadratic have two additional lines depicting the minimum value for reserves (Cost linear

** The fixed effects model does not provide a true R. The test statistic is not bounded by 0 and I as is the
case with ols. [t does however give a "similar indication of fit” in that a higher value indicates that more of



15

min and Cost quadratic min) and the maximum value for reserves (Cost linear max and
Cost quadratic max). From Figure 4 it can be seen that the impact of adding the quadratic
term for production is small. The quadratic equations track closely with the linear
specifications.

Depth is found to be statistically significant (Model 4). and suggests. as
expected, that operating costs increase with the depth of the well. The addition of depth
has little influence on the coefficient on quantity. and decreases the coefficient on
reserves slightly. Both time and age of the well lose their significance at the 95 percent
level with the addition of depth. However. the fit of the model. as measured by the R . is
not improved.

Model 5 includes a company dummy variable that is found to be signiticant.
implying that one company has higher operating costs than the other. This might be
explained by differences in accounting practices. differences in the properties that are
being produced from. or possibly that one company is more efficient. The addition of
this dummy variable has little impact on the coefficients for quantity. reserves. or weil
age. The coefficient on time again loses its significance with the addition of a company
variable. Again the fit is not improved with the addition of a company dummy variable.

Dummy variables for the different zones (Model 6) did not prove to add much.
Only one of the four variables was significant at the 95 percent level. and onlv the
coeflicient on reserves remained significant at this level. The results tend to suggests that
operating costs are higher for the other zones than the Belly River zone. It is possible
that this captures some of the same relationship that depth does. In this sample, the Beily

River zone (the reference zone) is the shallowest zone, and the Bow [sland zone {Zone 1)

the variation is explained.
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(which is the only zone dummy variable that is significant at the 95 percent level) is the
deepest.

Dummy variables for the individual reservoirs were all significant at the 95
percent level (Model 7). This implies that different reservoir characteristics are important
in determining operating costs at the well level. The addition of these dummy variables
had the impact of reducing the confidence of quantity. time, and production below the 95
percent level. with depth falling below the 90 percent confidence level as well. There
may be some correlation between the individual reservoirs and the quantity produced.
specifically. some reservoirs may have characteristics that are more or less amiable to
production.

The fixed effects regression includes an F test with the null hypothesis that the
fixed effects are all equal to zero. The critical value for this test at the 99 percent level is
roughly 1.9. All of the tests are rejected soundly at the 99 percent level. with test values
ranging from 60.8 to 85.2. This implies that there exists some residual unexplained
variance in well operating costs that arises because of individual well differences.

Model 3 involves using the Box-Cox transformation with ¢ =-0.11. (This is the
value that was generated above (page 72).) This model has the highest R value.
suggesting that it has the "best fit." This suggests that the log-log model may be too
restrictive. The signs and magnitudes of the coefficients are quite similar to those of
Model 2. the log-log model. However. the coefficient on quantity drops below the 95

percent confidence level. This raises the question of how much influence quantity has on

operating costs.
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Figure 4
Natural Log of Cost versus Quantity (Monthly Data)
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Table 8
Monthly Data Results
Variable Patrick &1 2 3 4 5 6 7 8
: hermak
‘Number  offd51 I6l0 610 ‘;6]0 610 610 610 610 610
Qbservations !
Constant 8.68 31 1587|1702 1436 1617 1612 1653 162
17.51) k8.75) (15.95) '(19.78) (14.34) (16.43) (16.56) ' (17.09) (16.34)
Inq 48 A5 009 004 009 [0.10 007 007  -0.44
1483 k322) @31 . @231 (259 (L7  (1.67) (-2.66)
nR Izus 34 -09 089 096 093 -091 -098 -0.84
-12.45) §7.02) (-8.86) (-10.94) (-9.67) (-9.33) (-9.25) (-9.81) (-8.16)
Int 0.50 Io.ls -0.04  -0.02 i-o.os 003 003 -0.03 -0.04
683 [(7.33) (231) (:230) '(-L.71) (-1.78) (-L.76) (-1.88) (-2.21)
In pm I(().l3 lo2s o011 o005 006 009 007 005 016
6.78) (8.28) (267) 12.72) (140)  (2.09) (165 (1.24) (3.65)
In depth 5 0.34 :
(5.87) .
inq i 0.06
e L I « = ) I
In R?
Company 0.18
o _ 4.16) _
Zone | 035
(5.68)
Zone 2 0.08
(1.39)
Zone 3 0.48
(0.55)
Zone 4 0.09
e (1.36) o
Pool | 0.61
(5.51)
Pool 2 0.34
2.97) o
Pool 3 0.25
_ o 2.31)
Pool 4 0.32
(3.44)
Pool 5 030
(2.55)
Frest well =0 8524 8437 6921 6080 7808 7842 7236
Riadjusted J042 .73 0.79 080 076 076 077 078 076
1 or F statistic | 9032 6724 7230 6370 5874 40.16 37.68  56.89

*t or z-statistics are in parenthesis at the 95% confidence level.
Boldface indicates coefficients that are significant at the 95% coafidence level
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Disaggregated Operating Costs

I

Table 9 presents the results from regressing some (9 of 17) of the individual cost

categories against these same four variables using a fixed effects model. and monthly

data. The sample size varies due to the fact that observations that contained zeros were

dropped. Due to having a large number of zero observations. a number of the cost

categories were not tested. The categories not tested were: salt water disposal. trucking.

small tools and supplies, cathodic protection, freehold p&ng lease. pressure vessel

assessment, testing-pressure survey, and analysis.

Table 9
Disaggregated Results

Cost Catfgory

Variable lgontract Chemicals Lease and/Repair  Municipal Production AEUB  Freehold Chart
perator Road and Maint property and Admin  Surface  Reading
tax Alberta Fee Lease
Mineral
Tax

Number offd56 307 38 333 52 429 433 430 456
Observations
Constant 10.33 -13.79 -6.82 -25.03  -3.35 64.23 -0.66 10.20 3.63

1681) (-3.43) (-292) (4349 (231) (1518) (038 (5.24) (0.8%)
Inq 10 -0.13 0.06 .19 -0.05 0.50 0.09 -0.21 0.17

(1.73)  (-0.82)  (0.75)  (6.26)  (0.93)  (6.08) (L12) (391}  (L40)
R I-o.a 2.23 .32 2,28 0.63 .21 0.19 022 023

(-3.90) (5.3 (543)  (3.86) 4.19) (-15.01) (1.03) (-1.12)  (-0.54)
Int E.os -0.04 0.32 0.14 0.06 -0.53 0.0l 0.13 0.22

L.73)  (0.57)  (8.00)  (-1.38) (2.41) (-7.99) (021) (449  (2.70)

In m .02 -0.22 -0.15 0.68 10.99 -0.07 1.01 -0.02 .14

(-0.38) (-2.12) (-1.838) (3.90) (19.40) (-0.45) (16.44) (-0.33) (-1.26)
F  test on|185.03 116.04 69.03 51.98 86.30 46.88 45.06 23.07 4.18
wells
R adj lo36 0.01 0.51 10.06 0.09 0.54 0.04 000 005
F test R4.27 58.26 17.48 30.63 138.91 88.48 103.19  30.00 7.79

*t or z-statistics are in parenthesis at the 95% confidence level.

Boldface indicates coefficients that are significant at the 95% confidence level

The results are somewhat surprising and suggest an absence of consistent

relationships across cost categories. From the table it can be seen that only Contract
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Operator, Lease and Road, and Production and Alberta Mineral Tax are explained well
with these variables. It is difficult to know what to make of the results with such little
explanatory power. Only three of the categories, Repair and Maintenance, Production
and Alberta Mineral Tax. and Freehold Surface Lease have coefficients for quantity that
are significantly different from zero. Our initial division of costs into variable and quasi-
fixed categories is not well supported by the disaggregated data. Only two of the
"variable" costs had coefficients for quantity that were significantly difterent from zero.
As mentioned above. these are repair and maintenance. and production and Alberta
mineral tax. One of the "quasi-fixed" variables. freehold surface lease. had a coefficient
for quantity that was different from zero: however. it was negative.

Reserves was significant for all but two of the cost categories (AEUB
administration fee. and chart reading). however. its sign and magnitude varied from -6.21
to 2.28 for "variable" cost categories. and -0.21 to 1.32 for "quasi-fixed” cost categories.
The time trend was significant in five of the nine equations with coefficients ranging
from -0.53 to 0.32. The age of the well was significant in only four of the equations with
values ranging from -0.22 to 1.01. An F-test showed that the individual well effects were
non-zero across all equations. These resuits seem to suggest. that as the various cost
components are disaggregated. the "random error” aspect becomes more significant. This
is probably because very specific factors. related to each cost. become significant.

The categories were then aggregated up to variable cost and quasi-fixed cost
variables as per our apriori classification. The results are presented as Table 10 (the
results from Modei 2. Table 8 are included in the first column as Total Operating Costs

for comparison). The quasi-fixed costs are not well explained by these variables (R* of
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0.01). The variable cost components show a good fit (R* of 0.62). The resuits when
using the aggregated "variable” cost are similar in sign to those for the aggregated total
costs. Quantity produced has a positive relationship to costs, remaining reserves has a
negative relationship with costs, time has a negative relationship to costs. and the age of
the well has a positive relationship with costs. In all cases the t-statistic is higher in the
variable cost equation. Also. the size of the coefficients increase. with the elasticity of
cost with respect to q much closer to that obtained by Chermak and Patrick (0.53 versus
0.48). However. the elasticity of cost with respect to reserves is very high.

This suggests that the detinition of costs plays an important role in determining
the relationship between costs and both quantity produced and remaining reserves. From
the results. it appears that some costs are more readily explained by quantity and reserves.
while others are not. This suggests that there may in tact be two components in operating

costs as was postulated by dividing costs into quasi-fixed costs and variable costs.

Table 10
émted Monthly Results
Variable Total Operating Cost __JQuasi-Fixed Variable
Number of Observations {610 J610 576
Constant 15.87 I:.w 52.71
15.95) 3.02) (13.10)
Ing .09 37 0.53
2.32) -5.71) (3.45)
inR .90 .64 -5.28
Ifs.sa) 3.85) (-12.80)
Int 0.04 .23 -0.71
(-2.31) 7.43) (-9.66)
Inm .11 .45 0.48
-2.67) -6.51) 2.99
F test on wells 85.24 33.88 26.49
R adj lo.79 Jo.ot 0.62
F test f67.24 p7.ss 70.64

*t or z-statistics are in parenthesis at the 95% confidence level.

Boldface indicates coefficients that are significant at the 95% confidence level



Chapter Six: Conclusions

The primary focus of this work was an empirical estimate of operating cost for a
natural gas well. The results suggest that operating costs are increasing in quantity
produced. decreasing in the remaining reserves, and increasing with the age of the well.
These results contirm both what depletable natural resource theory has generally assumed
about operating costs. as well as the results obtained by both Livernois and Uhler. and
Chermak and Patrick.

The results further found support for the notion that operating cost functions for
natural gas should be modeled at the individual well level. Using a panel data series. the
individual well effects were found to be non-zero across all models tested. This suggests
that ignoring the impacts at the individual well by aggregating up to the pool. or the
region may not model costs effectively. Important differences in reservoir
characteristics. and how they effect costs. make aggregation difficult.

The issue of which costs are included in operating costs was also found to be of
importance. Typically producers report operating costs that include both varable and
quasi-fixed costs. As should be expected. production and reserves do not do a very good
job of explaining the variation in operating costs for quasi-fixed costs. This thesis
examined each of the components of the reported operating cost so as to eliminate those
costs that were not variable. When this was done. the overall fit of the model improved.
the magnitude of the coefficients increased. and the t-statistics improved.

Several suggestions for further work come out of this thesis. the most obvious of

which is simply to extend the work into other regions to see how robust the results are in
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other locations. Another suggestion is to examine the endogeneity between reserves and
production, perhaps using a variable for the actual stock of the resource instead of
remaining reserves as an explanatory variable. A third area to explore would be the
inclusion of some physical characteristic of the reservoir in the equation. for example. the
use of permeability and porosity to help explain costs. A fourth extension would be to
add an option value component that might help to explain the quasi-fixed costs. All of
these might create more confidence around the estimated coefficients for quantity and

remaining reserves.
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