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Abstract 

The volume of heavy oil and bitumen in the oil sands deposits in Western Canada is similar to that 

of conventional crude oil in the Middle East. This resource is vast but difficult and energy intensive 

to extract because of its high oil/bitumen viscosity, over 1,000 to 10,000,000 cp at original reservoir 

conditions. Current commercial thermal recovery processes used are Steam Assisted Gravity 

Drainage (SAGD), Cyclic Steam Stimulation (CSS) and steam flood. In this study, the focus is on 

the SAGD process. 

 

 Currently most completion designs for SAGD are focused on wellbore and very near-wellbore 

regions and reservoir simulation history matching and forecasts are done using simple sink/source 

wellbores. In one case the complications of the geological and reservoir heterogeneity are not 

considered in the design, and in the latter, the impact of completion components on wellbore 

dynamics is ignored or oversimplified. This study shows that when reservoir and wellbore modeling 

are coupled, completion designs, history matching and forecasts may change significantly. The 

difference grows with increased reservoir heterogeneity and complex fluid saturation and properties 

distribution. 

 

The impact of counter-current heat exchange in concentric configuration was found to be significant 

in reducing the energy delivered to a reservoir section during circulation. The application of Vacuum 

Insulated Tubing (VIT) with properly insulated couplings was shown to be promising in reducing 

the counter-current heat exchange.  

 

Thermal energy distribution during thermal start up and true SAGD stages is key to obtaining high 

performance bitumen recovery. A synthetic parameter called Oil Production Potential (OPP) was 
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derived to be used as a guide to distribute energy along the SAGD wells. A novel method/workflow 

was presented that identifies high and low potential reservoir sections to introduce heat to a reservoir 

accordingly. This workflow was used to design and implement SAGD wellbore completions in 

Senlac, Saskatchewan.  The field results supported the design workflow and showed significant 

improvement over conventional completion design methodologies that emphasize on wellbore and 

very near-wellbore regions only. 
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Chapter One: Introduction 

1.1 Background 

Currently, there are three major arrangements of the horizontal wells for the SAGD process: The 

basic one involves two wells drilled one above the other. The lower well (producer) is located at the 

base of the formation, and the upper well (steam injector) is located several meters above and parallel 

to the producer. The second and most recent scheme involves the use of a single well with dual 

tubing strings. Steam is injected from the surface through one tubing to exit at the toe of the well. 

Along the horizontal part, mobilized fluids and condensates drain into the liner to be lifted through 

the production tubing from the heel to the surface. The third configuration involves combinations of 

vertical and horizontal wells, with the vertical one drilled at the toe of the horizontal well, or with 

several vertical wells drilled up at the top of a formation and a horizontal producer located at the 

base.  

 

In Alberta, the basic case with two parallel horizontal wells is the common completion scheme for 

the SAGD process. In this case, the SAGD wellbores have two strings, one landed at the heel and 

the other landed at the toe of the horizontal section. The wellbores are designed with dual tubings to 

avail operational flexibility. In the case of an injector, this configuration allows for the flexibility 

and balance of steam injection at the heel and at the toe, and for a producer it allows to manage better 

the steam trap and liquid withdrawal from the heel and the toe. The strings can be installed parallel 

to each other (Figure 1.1) or concentrically (Figure 1.2). 

 

With a concentric design well, the drilled holes are bigger and well intervention becomes easier. But 

on the other hand, the concentric design suffers from the counter current heat transfer between the 
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fluid flowing in the annulus and tubing. One way to mitigate this problem would be using vacuum 

insulated long tubing which is an expensive option. 

 

The drilling and completion cost is less than 15% of the total capital cost of a SAGD project. Figure 

1.4 below is an estimate for the drilling and completion cost of an 800 m long SAGD well pair in 

Athabasca oil sands reservoirs, Alberta, Canada. From the 4.36 million dollars cost of drilling and 

completion of a typical 800 m SAGD well pair, only $437,000 is the cost for the producer and 

injector liners (approximately 10% of the drilling and completion cost and less than 2% of the total 

cost of a SAGD project). This may imply that the size of a liner is not that significant in the overall 

cost of the project. However, any increase in the liner size will increase the size and cost of the 

completion and drilling components in the horizontal sections, and snowball the effect4. 

 

The SAGD process is carried out in three distinct phases: start-up, true SAGD, and wind down. The 

start-up phase is aimed at mobilizing the bitumen close to the wells and between the injector and 

producer to establish thermal and hydraulic communication between the wells. At undisturbed virgin 

reservoir conditions, bitumen is extremely viscous and immobile. The widely used method for start-

up is circulating steam in both producer and injector wellbores for a few months. True SAGD 

operations involve injecting steam into the upper wellbore and producing liquid (which consists of 

bitumen, reservoir water and condensed steam) from the steam chamber above and between the well 

pairs through the lower wellbore. This phase lasts for as many years as necessary to recover the 

maximum amount of hydrocarbons from the drainage volume. The wind down phase consists of a 

series of operations aimed at reducing the amount of steam injected and using other enhanced 

methods to maximize recovery. 
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The key control on the oil production rate from a reservoir is the size of a steam chamber. The 

evolution of the steam chamber and its size are impacted by the size of the initial chamber volume 

formed directly after the steam circulation stage. The larger the steam chamber volume, the larger 

the heat transfer area, and in turn, the greater the mobilized oil and production rate20. 

 

Geology and reservoir quality play the most important role in the success of any thermal recovery 

method; the second most important role is the wellboreôs. The effectiveness of the SAGD process 

depends, among other factors, on a proper location of horizontal wells in a geological formation. 

The two-well SAGD scheme requires a precise control of the separation between the wells. Too 

close spacing results in rapid heat communication while for a too wide separation, long delays occur 

in obtaining a significant production10.  

  

Hydraulics in both injection and production wells affect the steam chamber growth and 

conformance. In an ideally uniform clean sand reservoir, optimal well designs would eliminate any 

pressure loss in either wellbore. Wellbore annulus pressure gradients are imposed on the reservoir. 

If they are too large, the steam chamber liquids will tend to accumulate at one end, reducing 

production and the oil/steam ratio21. The other important factor in the design of the SAGD injectors 

is having a uniform steam quality in the annulus. This is difficult to achieve due to counter-current 

heat exchange effects caused by a higher pressure drop in a relatively small tubing5. 

 

The fluids enter a producer through the slots on the surface of a liner. The liner should have an 

enough open area to get the most of the fluids. A small diameter liner or low slot density will choke 

the life of the SAGD process.  
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A pressure drop in the producer annulus is usually low. Most of the pressure loss in the producer 

happens in the vertical section. As the fluids flow through the deviated and vertical section, water 

may flash into steam with the pressure drop depending on the subcool of the produced fluids. A high 

volume of steam production at surface requires a bigger size of surface facilities. Steam production 

at surface does not necessarily indicate live steam production in the producer wellbore during SAGD 

or presence of live steam along the length of the well during circulation4.  

 

The producer wellbore should be designed to ensure that the well is large enough for lifting the 

fluids, the surface pressure of the produced fluids is enough for the fluids to flow through the plants 

and facilities, and a minimum vapour volume is produced at surface conserving as much energy as 

possible in a reservoir4. 

 

As for the length of the SAGD wells, the maximum practical length is determined by its hydraulic 

capacity and the reservoir quality. Economic optimization of a SAGD scheme is an interdisciplinary 

problem involving drilling, completion, and reservoir engineering input21. 

 

Since the first SAGD wells were drilled for AOSTRAôs (Alberta Oil Sands Technology and 

Research Authority) Dover Underground Test Facility (UTF), the completion design for the SAGD 

wells has progressed from its simplest form (i.e., a single point injection and production at the heel) 

to more complex architectures adding outflow and inflow points along the horizontal wellbore. 

These new configurations allow for longer wells and increase the recoverable amount of 

hydrocarbons per well pair. 
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A proper distribution of steam injection and management of inflow of hot produced fluids into 

horizontal wellbores are essential to successful operations of SAGD projects. As typical wells are 

500-1,000 m in length, there is a significant surface area for heat exchange to occur when there is 

fluid flow in both tubing and annulus. If combined with inappropriate designs and operations, there 

can be undesirable and unexpected effects on the overall performance14. The recent advance in 

completion design for injection and production wells has been adding more outflow and inflow 

points along horizontal wellbores by using flow control devices (FCDs), while maintaining the two-

string approach or even reducing to a single injection string (Figure 1.3).  

 

Currently, there are three types of FCDs in the industry: orifice/nozzle-based (restrictive), helical-

channel/labyrinth pathway (frictional) 32, and autonomous. Each of these FCDs is similar in basic 

functionality and mechanisms but varies from the other in its design and field applicability. They 

use different methods to achieve a uniform inflow profile. The orifice-based FCD uses fluid 

constriction to generate a differential pressure across the device. This method essentially forces the 

fluid from a larger area down through small diameter ports, creating a flow resistance. This overall 

change in pressure is what allows the FCD to function.  

 

The helical-channel and labyrinth pathway FCD, however, uses surface friction to generate a similar 

pressure drop. The helical channel design has one or more flow channels that are wrapped around 

the base pipe of a screen32. The labyrinth design uses a tortuous pathway to create a pressure drop 

which makes the fluids change directions numerous times while transversing through the device. 

These designs provide a distributed pressure drop over a relatively long area versus the instantaneous 

loss using an orifice. Using friction to create a flow resistance allows the use of a channel with a 
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larger cross-sectional area than an orifice-based FCD. When fluids flow through a channel or 

channels, fluid rheology and channel characteristics interact to create the designed pressure drop.  

 

Autonomous FCDs have an ability to passively adapt to changing downhole conditions in a way 

that controls unwanted fluids while preferentially producing desired fluids.  Figures 1.5, 1.6 and 

1.7 display an orifice/nozzle based FCD, a helical channel design FCD and an autonomous FCD, 

respectively. 

 

The disadvantage of the orifice or nozzle based FCDs is the small diameter ports required to create 

flow resistance32. The small size of the port makes it prone to erosion from high-velocity fluid-borne 

particles and plugging by sands and fines. 

 

A larger cross-sectional flow area of the helical-channel FCDs generates a significantly lower fluid 

velocity than the ports of an orifice based FCD with the same flow resistance. The helical-channel 

FCD is more resistant to erosion and plugging. The disadvantage of the helical-channel FCD is that 

its flow resistance is more viscosity-dependent compared to an orifice based FCD. 

 

The limited-entry perforating technique is used to eliminate the possibility of poor injection profiles 

in multi-sand completions. It provides assurance of a uniform steam and heat-injection profile within 

a single wellbore because no individual sand can act as a thief zone. This technique is a practical 

application of the principle of critical steam flow through an orifice. At critical flow conditions, no 

single perforation or sand can act as a thief zone because the maximum rate of injected steam is 

limited by the hole diameter and by the upstream injection pressure. 
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Limited-entry perforating is achieved by limiting the diameter and number of holes so that the sum 

of the maximum injection rates of the holes is equal to the total desired injection rate in the well. 

However, critical velocities are sometimes difficult to achieve and maintain and wide discrepancies 

have been seen between actual and theoretical design injection rates and steam injection profiles31.  

 

1.2 Literature Review 

Most studies in the literature are on wellbore design and steam splitting in steam flooding and cyclic 

steam stimulation, and few studies have been performed for SAGD operations. This can partly be 

due to the fact that commercial SAGD has not been around for such a long time as the other two 

recovery methods. 

 

It is important for both reservoir and production engineers to know the steam distribution in the 

injectors. Steam loses some of its energy on its way to downhole. This loss, coupled with the total 

pressure loss, determines the bottomhole pressure and steam quality. In heterogeneous reservoirs 

where long horizontal wellbore and multiple completions are used, controlling the amount of heat 

and steam injected into various intervals is required to achieve and optimize the conformance of a 

SAGD steam chamber and efficient thermal recovery. This has been studied in steam flooding and 

cyclic steam stimulation by using Limited-Entry Perforations (LEPs) (2,3,6,8,9). LEPs are used to meter 

steam injection into separate sand intervals within the same well. 

 

Juprasert et al.3 discussed steam distribution in vertical wellbores for steam flooding and cyclic 

steam stimulation in San Joaquin Valley, California. They studied an application of dual string 

injection well configurations with downhole flow splitters in multi-zone, long interval injection 
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wells. In this study, they concluded that utilizing downhole flow splitters eliminates the need for 

thermal packers and maintains effective vertical coverage in the dual string injection wells. 

 

Tamer et al.20 reviewed the SAGD well placement and configuration in the literature and used 

numerical simulation to evaluate the performance of SAGD with horizontal wells, vertical wells and 

horizontal and vertical wells combined. They concluded that horizontal steam injectors deliver more 

steam to a formation due to a larger initial steam chamber formed when production first starts, and 

as a result, steam chambers grow faster and more oil is recovered compared to the SAGD cases with 

vertical injectors. However, in the case of horizontal injectors, due to great heat losses to the 

overburden, the process is less thermally efficient compared to the case when vertical injectors are 

used. This is because the exposure of a steam chamber to the overburden is smaller for the vertical 

steam injectors compared to that of horizontal injectors earlier in the operation. This allows more 

efficient delivery of energy to the oil sand in the early stages of the process. They also concluded 

that horizontal producers perform better than vertical producers when vertical steam injectors are 

used. 

 

Vander and Yang1 investigated the impact of a liner and tubing size in an injector and producer and 

variable slot density on the pressure profile in the producer and injector and its implication on the 

SAGD operations in a dual string wellbore configuration. They concluded that with running a 

smaller long injection tubing (89 mm instead of 114 mm) in a 178 mm liner, it was required to cut 

the toe steam injection from 40% to 10% to get the same or similar performance as the bigger tubing 

(i.e., 114 mm). This is because running with a smaller long string will cause higher heat and friction 

pressure loss in the long tubing which would negatively impact the thermal efficiency of the process. 
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Another conclusion from this study is: In a homogenous reservoir, the effect of running small 

diameter long tubing can be mitigated by decreasing the toe injection.  

 

They also investigated the impact of running a bigger injection liner (245 mm liner instead of 178 

mm one). This showed that a pressure drop in the injector annulus decreased and resulted in a more 

uniform pressure profile in the injector annulus; as expected, this resulted in a better overall well 

pair performance in terms of an oil rate and SOR-steam oil ratio. This, along with reducing the 

production long tubing size from 114 mm to 89 mm, further improved the SAGD well pair 

performance. Their study showed the importance and significance of a pressure profile in the 

producer and injector on the overall SAGD operations. Uniform pressures help to maintain a uniform 

liquid level above the producer tubing and drain a reservoir with a more conformed steam chamber.  

 

Their investigation of using a variable slot density (5-100% of the fixed density case) from the heel 

to the toe of a liner to eliminate the pressure gradient in the wellbores also showed improvement in 

the SAGD performance. According to this numerical study, the overall performance of a design with 

a variable slot density can converge to the design with bigger casing. They also suggested that a 

compromise design utilizing blank joints could be implemented to impart a variable open area. The 

impact of a pressure gradient in the injector on the SAGD performance was also investigated by 

Thorne and Zhao24. They concluded that a large pressure gradient in the injector annulus, which will 

be transferred into a reservoir, requires a high steam production rate in the producer annulus in order 

to maintain oil production and avoid liquid accumulation above the producer. 
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Das4 studied the design of producer and injector wellbores in a concentric configuration. In his study, 

he distributed the steam injection between the annulus and the toe at a ratio of 80:20. He mentioned 

that in most of the SAGD facilities steam was generated at much higher pressure (>10 MPa) than 

the requirement of the reservoir operating pressure. The pressure of the steam was let down near 

wellhead using chokes. The wellhead pressure can be as high as 6 MPa. This suggests that the 

allowable frictional losses in the vertical section can be significantly higher, and a smaller tubular 

can be used in the vertical and deviated section. The pressure gradient caused by a steam distribution 

ratio in the long and short strings of an injector will transfer to a reservoir through a slotted liner. 

Das suggested an allowable range of 40-50 kPa for the pressure drop in the injector annulus and used 

this criterion to size the SAGD injector wellbores and tubing. Based on a typical 5 m vertical spacing 

between the injection and production wells, the 50 kPa guideline is roughly equivalent to the 

gravitational head of the liquid column5. The idea is that the pressure drop along the well will be 

reflected in an uneven liquid level as shown in Figure 1.8. 

 

In the study conducted by Vincet et al.13 for the Petro-Canada (now Suncor) McKay River SAGD 

project, it was recognized that there are two factors that have a significant impact on the steam to 

toe time in a SAGD injection well: a circulation rate and the thermal conductivity of the wellbore 

material. Tubing with high thermal conductivity will cause significant heat transfer from its inside 

steam into the annular space and the condensation of the steam. As the thermal conductivity of the 

tubing is decreased, less heat is lost and condensation is minimized. This explains why using 

Vacuum Insulated Tubing (VIT) has been very successful in delivering high quality steam to the toe. 

They also found that the thermal conductivity of the horizontal casing has a significant impact on 

the steam to toe time. This value determines whether the heat transferred from the tubing remains in 
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the annular space or whether it is transferred to the surrounding reservoir sand and fluids. As the 

thermal conductivity of the horizontal casing is increased, the steam to toe time also increases. The 

thermal conductivity of a short tubing in the production well and a riser casing in both wells has 

little or no effect on the steam to toe time. 

 

The success of a SAGD project lies in the success in forming a decent uniform steam chamber and 

communication during circulation. Wellbore configurations as well as operating strategies are the 

key factors in how well the petroleum engineer did in starting up SAGD well pairs. The start-up 

period depends strongly on the inter-well spacing12, 21. It may require several months of steam 

circulation to establish thermal and hydraulic communication between a SAGD well pair.  

 

Parappilly and Zhao26 discussed the advantages and disadvantages of drilling long horizontal SAGD 

wells as follows: 

 

1. A longer wellbore has the ability to reach greater lengths within a reservoir with one single 

wellbore as opposed to multiple wells. When multiple wells are drilled, multiple pads must also 

be built, one for each group of wells. Therefore, to exploit a given reservoir, the average pad cost 

will be lower for longer wellbores. Another significant cost advantage of the longer wellbore is 

the fact that fewer build sections need to be drilled and completed. The build section of the 

horizontal SAGD wells is significantly more expensive than the horizontal section because it is 

generally much larger in diameter. By decreasing the number of wells in a pad with the use of 

longer wells, the cost of all the build sections will decrease significantly. 
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2. Despite the economic savings, there are potential disadvantages associated with longer wellbores. 

First of all, because of the reservoir heterogeneity, it is more likely that a non-uniform steam 

chamber will develop with a longer well. A non-uniform steam chamber is a steam chamber 

within a reservoir in which the propagation of steam in the chamber is unbalanced. This imbalance 

can affect production rates and bitumen recovery because production may be concentrated in 

some areas but limited in others. It may result in areas within the reservoir that are not well 

exploited. The second disadvantage of using longer wells in SAGD is the increased cost 

associated with larger casing and tubing sizes required for longer wells. Larger completions may 

be needed to minimize a horizontal pressure drop, which may offset the cost savings of drilling a 

longer well. 

 

3. Drilling long horizontal sections is challenging from a drilling perspective because deflection can 

occur while the bottomhole assembly drills further out into the reservoir. More weight must be 

applied to a drill string to force it in the designated direction. Following drilling, a slotted liner is 

placed in the drilled hole. This process poses difficulties, especially in long wells, because the 

riser (build) section must be large enough to accommodate the larger liner. 

 

4. Finally, from a completion point of view, mechanically pushing tubing strings into the longer 

wellbore is challenging. 

 

They also examined the effectiveness of using a longer horizontal wellbore in SAGD, as there is 

tremendous potential for economic savings in implementing longer wellbores in a SAGD project. 

They examined drilling a 1,400 m long horizontal well against two 700 m long wells. They found 
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that the pressure drop in the injector and producer make the difference in the SAGD performance in 

the above two scenarios. Without considering the pressure drop in the horizontal wellbores, they saw 

very little difference in production between long wells and short wells. For their reservoir under 

study, numerical modeling showed that as long as the horizontal pressure drop remains less than 190 

kPa in the injector and 50 kPa in the producer by using an adequately large wellbore diameter, a 

1,400 m long horizontal well is as effective as two 700 m long wells. 

 

Medina and Wat from Statoil Canada27 used the temperature fall off tests during circulation in their 

Leismer asset to place the injector FCDs. They pointed out the significance of the number of 

temperature points along the horizontal section and the use of Fiber Optic DTS (Distributed 

Temperature Sensing) in a better understanding of the dynamics inside the wellbore during the fall-

off tests.  

 

Shaw and Bedry from Halliburton17 described one of their technologies wherein by dividing the 

SAGD injector and producer wellbores into a few isolated intervals and using interval control valves 

(ICV) for each segment, better chamber conformance and performance can be achieved for a SAGD 

well pair. In this technology, by shutting in all the intervals and then opening each one individually 

and measuring the injection pressure at several steam rates, one can calculate the injectivity into 

each interval. Knowing the injectivity for each interval and by using the shut-in pressure data, one 

can estimate the steam chamber size and reservoir characteristics for the intervals17. The shut-in (or 

fall-off) temperature data can also be used to determine the steam chamber growth17. The ICVs can 

also be used in a producer to produce from specific zones of the completion. They will help to 

eliminate steam production breakthrough, and improve the overall SAGD performance. They also 
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discussed how using the technology in a SAGD well pair in Alberta, Canada improved the well 

pairôs oil rate and steam oil-ratio significantly. There have been algorithms discussed and developed 

for controlling ICVs (Gotawala et al.18, 19; Stone et al.25) in the literature. 

 

Another method to improve steam conformance was studied and explored by Gates et al.28 and is 

called J-well Assisted Gravity Drainage (JAGD) and displayed in Figure 1.9. In this process the 

underlying well configuration is designed so that it promotes steam conformance along the well as 

the process evolves. This process is well-suited to reservoirs with strong compositional variation28. 

In JAGD, the horizontal steam injection well is located in the upper section of a reservoir where the 

bitumen viscosity is low relative to that of the bitumen at the base of the reservoir. The producer is 

a J-well which is located under the injector well. The toes of the wells are spaced close enough to 

each other so that in a reasonable circulation period they can establish thermal and hydraulic 

communication. After the bitumen between the toes is mobilized, steam injection in the injector 

wellbore starts and fluids are removed from the producer wellbore. This way a steam chamber gets 

created at the toe and grows towards the heel of the wells. In this process, the upper less viscous 

bitumen gets produced first and suffers no reserves losses because the J-well will eventually produce 

the lower more viscous bitumen. Compared to SAGD with two horizontal wellbores, this process 

requires less steam in the early stages of the process, and the inclined JAGD producer ensures 

localized steam trap control and intersects the shale barriers to steam allowing for production from 

the majority of the reservoir. 
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1.3 A Novel Methodology to Design FCDs 

In the SAGD process, steam distribution in an injector and maintaining a sustainable liquid level 

above the producer are key to achieve steam chamber conformance. Knowing that the pressure 

gradient along the horizontal section of the injector and producer well transfers into the reservoir, 

the industry standard method for designing the producers and injectors is performed in such a way 

that the most possible uniform pressure distribution along the SAGD horizontal wellbores is 

achieved using FCDs. This is based on the theory that a uniform pressure profile in the injector and 

producer helps to maintain a uniform liquid level above the producer and achieve uniform steam 

chamber growth and avoid steam breakthrough into the producer. The design is for an expected or 

forecasted production and injection operating conditions (fluid production and injection volumes, 

injected steam quality, injection and production pressures and temperatures, and wellbore 

configuration).  This method assumes a near-wellbore homogeneous reservoir which is in a steady-

state communication with the wellbore. This would be an appropriate way for wellbore completion 

design if the reservoirs were uniform and homogeneous both laterally and vertically along the SAGD 

wellbores and the reservoir behavior and operating conditions were not changing in time. The field 

data, operations experience and simulations suggest that this is not the case. Significant 

heterogeneity in the reservoir is evident in heavy oil/bitumen deposits in Canada and around the 

world. Therefore, a design method is required that includes the reservoir heterogeneity as part of its 

design strategy. The reservoir heterogeneity may include the viscosity variation due to heavy oil 

biodegradation in the reservoir. The FCD design method proposed in this research takes the reservoir 

heterogeneity and change in reservoir behavior and operating conditions in time into the 

consideration.  What makes this approach unique is the use of a synthetic parameter that is to 

evaluate oil production potential along the horizontal section of a well.  
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1.3.1 Oil Production Potential 

According to Darcyôs law below, the amount of fluid in a linear flow from one control volume to 

another depends on a pressure difference (i.e., the driving force), reservoir and fluid properties and 

the size of the control volume: 

ή
Ў

  ééééééé...ééééééééééééééééééééé....é(1.1) 

 

where: 

q=flow rate 

k=permeability 

A=cross sectional area flow 

æp=pressure difference 

µ=viscosity 

l=length 

 

The pressure between a wellbore and a reservoir decreases in time as the reservoir pressure depletes. 

The degree of depletion depends on the size of the reservoir. In the SAGD process, the vertical 

permeability of the reservoir determines the vertical steam growth and the degree of communication 

between the SAGD wells and the reservoir and injectors. For a SAGD well pair, a synthetic 

parameter called Oil Production Potential (OPP) may be defined for a reservoir gridblock as follows: 
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Ὂὅ éééééééééééééééééééééééééééé........é(1.2) 

ὕὠ ὒὡὬ•Ὓééé..ééééééééééééééééééééééééé....é(1.3) 

ὕὖὖ Ὂὅ ὕὠ ὒὡ        i=1, 2, 3, é.., n-1, n           ééééé.é..é(1.4) 

where: 

FC=Flow Capacity  

OV=Oil Volume  

OPP=Oil Production Potential 

L=Reservoir or wellbore gridblock/cell length 

W=Gridblock width 

h=Gridblock height 

k=Absolute permeability  

kro=Relative permeability to oil 

◖=Porosity 

So= Oil saturation 

p= Pressure 

‘ Oil viscosity 
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Then the total OPP for a column of reservoir gridblocks along the producer wellbore may be 

calculated using the relationship below: 

Ὕέὸὥὰ ὕὖὖ В ὒὡȟ
ȟ
      i=1, 2, 3, ..., n-1, n     j=1, 2, 3,é, N-1, N    (1.5) 

 

The total OPP then can be normalized along the SAGD producer using the following relationship: 

ὔέὶάὥὰὭᾀὩὨ ὕὖὖ
В  

В  
           j=1, 2, 3, é.., N-1, N          éééééé...(1.6) 

 

The Normalized OPP along the SAGD producer can be plotted using Equation 1.6 for the middle 

point depth of the producer cells 1 to N. If the length (L) and width (W) of the gridblocks along the 

SAGD wells do not change, these two parameters may be neglected in calculating Total OPP, as 

they will be canceled out in the Equationôs 1.6 numerator and denominator when calculating 

Normalized OPP.  

 

This study shows that in designing the FCDs, the best correlation between the injected enthalpy and 

OPP distribution results in the best possible SAGD performance and not a uniform pressure in the 

wellbores. The plot below displays conceptually the good correlation between Normalized OPP and 

Normalized Enthalpy for an optimum FCD design.  
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1.4 Software 

The principal components of a successful numerical simulation of thermal horizontal wells include14: 

¶ Heat transfer across the wellbore components (pipes, instrumentations and insulations), 

¶ Heat transfer between the wellbore components and surrounding cement or formations, 

¶ Viscosities, enthalpies and interfacial tension data for mixtures of steam/water/oil/gas, 

¶ Multi -phase flow correlations to predict frictional and restriction pressure losses and flowing 

densities in pipes and flow control devices, 

¶ Capabilities to model a variety of wellbore configurations, and 

¶ Ability to transmit fluids to and from a reservoir. 

 

A model used for wellbore design in a horizontal section needs to be coupled with a strong reservoir 

flow model, as the fluid dynamics in the wellbore are significantly affected by the fluids interaction 

with the reservoir sand and fluid.  

 

In this study, the thermal efficiency, heat transfer and fluid hydraulics for different completions 

during start up are evaluated using a Thermal Wellbore Simulator (TWBS); CMGôs SATRS 

reservoir simulator with its coupled wellbore model (FlexWell) will be used to model the wellbore 

hydraulics in the horizontal sections of the wells and reservoir flow for SAGD performance with 

FCDs installed in the wells. 

 

1.4.1 TWBS  

The TWBS, Thermal Wellbore Simulator, from TT & Associates Inc., is a steady-state adaptation 

of a discretized wellbore model as used in the EXOTHERM Thermal Reservoir Simulator.  A set of 
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fully coupled continuity and energy equations, subject to user specified boundary conditions, for 

each reservoir and piping segment are simultaneously solved using a unique iterative technique. 

Inflow/leak-off from/to the reservoir is modeled using Darcyôs flow, while multi-phase flow in the 

piping segments is computed using the Beggs-Brill correlation. The formulation of the model 

accommodates simultaneous solution of explicitly defined ICDs. 

 

1.4.2 STARSTM  and FlexWellTM   

The FlexWell wellbore model is solved independently but is fully coupled with the thermal reservoir 

simulator STARSTM . The wellbore model can handle a collection of up to three parallel tubing 

strings along with a concentric string in annular space. The tubing strings may have various lengths, 

may be fully or partially insulated and may have a varying diameter along their length. The annulus 

may have casing, cement and a varying diameter along its length.  

 

The model calculates a friction pressure drop as well as axial and radial convective and conductive 

heat transfer. Radial heat flow is affected by wall thickness, insulation and cement. Multiple tubing 

strings communicate with each other through the annulus. Each tubing string exchanges fluid with 

the annulus at the toe or through FCDs that can be placed at different sections of the tubing strings. 

 

1.5 Components and Outlines of the Thesis 

The petroleum industryôs approach on SAGD well completion design is evolving to improve the 

thermal efficiency of the process, steam conformance and uniform steam chamber growth. The 

evolution has included adding VIT to the wellbore strings, monitoring instrumentations and 

techniques, FCDs and sand control systems. Despite this trend, there are not many technical papers 
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and studies available that have evaluated and simulated the benefit of these technologies. In the most 

work that has been done, the reservoir complexity and its interaction and impact on wellbore 

hydraulics have not been properly modeled. However, with recent developments in commercial 

software, we have got one step closer to better understand, design and optimize the thermal wellbore 

configurations. The conventional design methods to date have focused on the operation side of 

SAGD and not on improving the thermal efficiency of this process. 

 

A successful SAGD project starts with a proper start-up strategy. In Chapter Two of this thesis, the 

practiced start-up methods in Canada are studied and evaluated using simulation and field data. The 

strategies are evaluated from the thermal efficiency point of view. Technologies and techniques are 

discussed and proposed to improve the thermal efficiency of the SAGD process and shorten the start-

up period. 

 

The importance of FCD design in fields is discussed in Chapter Three by giving actual field 

application examples for FCD application failure and success.  

 

In this thesis, a novel methodology and workflow are developed for the design of FCDs, aimed at 

improving the thermal efficiency of the SAGD process by considering practical limitations in 

operating SAGD wells. Chapter Four presents the methodology and workflow.  

 

The workflow presented in Chapter Four is used to design the location and size of the FCDs in 

SAGD well pairs in the Senlac thermal project, Saskatchewan. Chapter Five evaluates the field 

performance results and shows that a significant improvement over the conventional methodology 
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of the FCD design is achieved. The conventional methodology focuses only on creating a uniform 

pressure profile in the horizontal sections of the SAGD wellbores. However, the focus in the new 

method is distributing energy proportional to oil production potential along the horizontal sections 

of the SAGD wells. History matching and forecasts using coupled reservoir and wellbore models 

and software are used in this thesis. Chapter Six summarizes the thesis achievements and potential 

future research work. 

 

The research in this thesis is aimed at enhancing SAGD by improving the thermal efficiency of the 

process. It evaluates the current industry practices and proposes novel completion design 

methodologies and workflows for the SAGD technology. 
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Figure 1.1-Parallel wellbore configuration [modified from Medina et al.]27 

 

 

 
Figure 1.2-Concentric wellbore configuration [modified from Medina et al.]27 
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Figure 1.3-Diagram of a single-string injection well completion with multiple FCDs [modified from 

Medina et al.]27. 

 

 

 

 

 

 
Figure 1.4-SAGD well pair drilling and completion costs  

   in Athabasca oil sands, Alberta, Canada (k$). 
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Figure 1.5- Orifice based FCD35. 

 

Figure 1.6-Helical channel design32. 

 

 

 

 

 
Figure 1.7-Example of a liner-deployed autonomous FCD with screen component36.  

Hole/Port 
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Figure 1.8-Classical view of effect of pressure drop along the injector  

                  on steam chamber liquid level5. 

 

 

 

 

Figure 1.9-The JAGD process [Gates et al 2008]28. 
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Chapter Two: Evaluation of Thermal Efficiency of the Pre-Heat Period in the SAGD Process for 

Different Completion Methods  

In the Steam Assisted Gravity Drainage (SAGD) process, pre-heating is a very important step in the 

successful development of a steam chamber. The pre-heating period lasts months and is deemed 

complete when the temperature between the injector and producer is high enough to establish 

hydraulic communication. Uniform pre-heat along wellbore is crucial to achieve steam chamber 

conformance throughout the life of a well pair. The efficiency of pre-heating can be affected by 

several factors, with a completion type being one of the most important among them. The objective 

of the study in this chapter is to evaluate the impact of this factor on thermal efficiency during the 

pre-heat phase of the SAGD process. 

 

In this thesis, the completion practices in five major SAGD projects in Alberta, Canada (Suncorôs 

Firebag and Mckay River, Cenovusô Christina Lake and Foster Creek, and ConocoPhillipsô 

Surmont) are evaluated. The critical factor used to determine the efficiency of any completion type 

in the pre-heat process is the heat loss and heat exchange along the producer and injector wellbores 

and the completion components. This variation in thermal efficiency results from factors such as 

concentric versus eccentric dual tubing completion, and tubular size, length and configuration.  

 

The results of the study provide a comparison of different completion practices in the five major 

SAGD operations in Canada. The simulation modeling of the process, along with field experience 

and observations, help to understand the impact of counter-current heat exchange and heat loss in 

concentric versus eccentric completions. Also, the results are used to quantitatively evaluate the 

impact that vacuum insulated tubing has on delivering energy to a reservoir and its associated 

thermal efficiency during the pre-heat process. 
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This chapter is aimed at providing a better understanding of the impact of different completion 

methods on thermal efficiency during the pre-heat period in the SAGD process. The study also 

incorporates actual field performance of the five major SAGD projects available in the public 

domain and AER reports. 

 

2.1 Introduction  

In 1979, Roger Butler filed an application to patent a thermal recovery method, known today as 

SAGD, to produce immobile viscous oil from oil sand deposits. In the SAGD process, two horizontal 

parallel wells are drilled into a formation, one for injection of heated fluid and one for production of 

liquids37. Thermal communication of the wells needs to be established before the SAGD process 

begins. According to Butler, thermal communication is achieved when a relatively high permeability 

path from the injection well to the production well is established so that liquids heated by injected 

steam can drain continuously to the production well. In order to establish thermal communication 

between the wells, Butler suggested forming a vertical fracture between the injection and production 

wells by employing steam pressure above the fracture pressure or by hydraulically fracturing the 

reservoir and propping it37.  

 

The idea of steam circulation to establish thermal communication between the SAGD wellbores was 

first presented by Edmunds et al.38 Steam circulation involves injecting steam into a well through 

one pipe that extends all the way to the toe and production returns through another pipe at the heel. 

Some of the injected steam will be lost to the reservoir and heats up the reservoir by convection and 

the rest loses its heat to the outer liner wall and formation through conduction. The actual amount of 

heat delivered to the reservoir compared to the amount injected at surface is the critical factor 
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determining the efficiency of the process. Currently, steam circulation is the most common technique 

to establish thermal communication between the SAGD wellbores.  

 

2.1.1 Other Startup Strategies 

There are several other startup strategies that have been used or are currently being tested alone or 

in combination with circulation to enhance the communication between SAGD wellbores. One of 

these strategies is Bullheading. In this method, steam is injected into the reservoir through one of 

the SAGD wellbores. Bullheading can be considered as an option when the reservoir fluids have 

enough mobility to convectively heat up the inter-wellbore region. In this method, the dominant heat 

transfer mechanism to a reservoir is convection which is much faster than conduction, the dominant 

heat transfer mechanism in steam circulation in reservoirs with low fluid mobility. Flow control 

devices may be used in steam bullheading to better distribute the heat energy in the reservoir with 

single tubing (see Figure 2.4).  However, in this method, due to limits on the Maximum Operating 

Pressure (MOP), we may end up injecting steam at too low rates which may not be sufficient to 

effectively heat up the reservoir.  Bullheading is also more prone to steam and energy loss to the 

reservoir bottom water compared to steam circulation. 

 

A second strategy is known as Dilation, which involves injecting cold water or steam at high pressure 

in a controlled manner aimed at enhancing porosity and permeability between wells, potentially 

leading to quicker communication between the wells.  Dilation with proper pressure and temperature 

monitoring beyond the cap rock is conducted so that no excessive propagation is caused except 

between the wells. The final strategy is known as Solvent Soak. This involves injecting a solvent, 

typically xylene, and allowing it to soak into bitumen for a period of time, resulting in a reduced 
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bitumen viscosity and higher communication between wells. Dilation and Solvent Soak are further 

discussed in Appendix A.  

 

Although the potential of these strategies is promising, none of them have replaced circulation as 

the standard startup process.  

 

2.1.2 Eccentric and Concentric Dual Tubing Configurations 

Currently, two types of tubular configurations are being used in industry during the circulation 

process: Eccentric and Concentric Dual Tubing (Figures 2.2 and 2.3). In both configurations, steam 

is injected through a long tubing string and travels back towards the heel of the well. In eccentric 

configuration, the condensed steam and melted near-wellbore-bitumen get produced through a short 

tubing, while in the case of concentric configuration, the fluids get produced through an outer tubing 

that has the long string in it. With a concentric design well, the drilled holes are bigger and well 

intervention becomes easier. But, on the other hand, the concentric design suffers from the counter 

current heat transfer between the fluids flowing in the annulus and tubing. One way to mitigate this 

problem would be using Vacuum Insulated Tubing (VIT) which is an expensive option.  

 

2.1.3 Key Learnings from Circulation Operations 

1. The distance between the SAGD wellbores has a significant effect on circulation time. The wells 

that are spaced closer can be converted to SAGD more quickly than wells with a larger inter-

well distance21. 

2. The reservoirs with initial higher mobile water saturation between the wells will have a shorter 

circulation time as the inter-well rock and bitumen get heated up by convective heat transfer 

from the injected steam. Heat conduction is the dominant heat transfer mechanism in circulation 
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in a reservoir with very low initial mobility. Heat transfer through conduction is a very slow 

process. High immobile water saturation delays the establishment of thermal communication 

between the SAGD wells. 

3. For typical McMurray formation properties, thermal/hydraulic communication between SAGD 

wellbores can be achieved with thermal conduction and gravity alone. The time required to 

achieve such a startup is reasonably predictable and depends strongly on the inter-well spacing21. 

4. For given tubing and liner sizes and reservoir properties, lower circulation rates at high steam 

quality result in faster initialization and development of uniform temperature between the 

horizontal well pair39. However, at lower steam qualities, higher circulation rates appear more 

favorable. High steam quality in combination with high steam circulation rates leads to slower 

rates of initialization, less uniform heating along the length of the wells, and possibility of 

premature steam breakthrough at the heel39.  

5. Higher steam injection pressures decrease circulation time. Higher injection pressures 

correspond to higher temperatures in the SAGD wellbores which results in higher heat 

conduction into a reservoir. 

6. A small pressure difference (0 ï 50 kPa) between the SAGD wellbores results in more uniform 

initialization and conformance in SAGD chamber development. Forcing communication with 

high pressure differences results in earlier steam breakthrough in a better quality reservoir along 

the wells and creates non-conformity in the SAGD chamber.  
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2.2 Christina Lake 

The Christina Lake project is located 150 km south of Fort McMurray, Alberta. This project is being 

operated by Cenovus and is 50 percent owned by ConocoPhillips. The Christina Lake SAGD 

production has been on production since 2000. The location of the pads is shown in Figure 2.5. The 

project has five on-going phases of SAGD operations (A, B, C, D and E) with bitumen production 

capacity of 138,800 bbl/d. The four expansion phases of F, G, FG and H with additional bitumen 

production capacity of 150,000 bbl/d are either approved or in the application phase. The original 

bitumen in place for the project is estimated to be 3,202 MMBbls. The ultimate recovery is estimated 

to be 62% for the currently operating pads. The reservoir characteristics and performance for the 

project are summarized in Table 2.1. 

 

Dilation, Solvent Soak and Circulation were practiced for starting up SAGD wells in Christina Lake. 

Concentric dual-tubing completion was used in Christina Lake for circulation. In Christina Lake, the 

circulation period lasted about two months on average and was operated close to the maximum 

operating pressure (MOP) of 5,400 kPag. Startup periods as short as 20 days are reported for this 

project when a combination of the startup methods was used40. It has been reported that due to 

superior reservoir quality in phases C and D, the type of start-up method used was not crucial. 

However, well pairs in other phases showed different ramp up performance when different startup 

strategies used.  

 

2.3 Foster Creek 

The Foster Creek SAGD project is situated in the Cold Lake Air Weapons Range, approximately 

300 km northeast of Edmonton, Alberta, and is currently Cenovus Energyôs largest in-situ operation. 
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The project has been commercially producing bitumen since 2001 from three development areas: 

West, Central and East (Figure 2.7). The original bitumen in place for the project is estimated to be 

3,764 MMBbls. The ultimate recovery is estimated to be 67%, 71% and 64% for the western, central 

and eastern pads, respectively. The ultimate recovery factor is estimated to be 53% and 92% for the 

poorest and best performing pads among the currently operating pads. The reservoir characteristics, 

performance and completions for the project are summarized in Table 2.2. 

 

Similar startup methods as in the Christina Lake were practiced in the Foster Creek. Steam 

stimulation/dilation and solvent injection were successful in starting up the well pairs in the older 

pads. Also, similar to Christina Lake, concentric dual-tubing configuration was used for circulation. 

Steam circulation was tested and compared with other startup methods. It has been determined that 

the future wells will be started up through circulation. The circulation period lasts one to three 

months and is operated at a pressure of 5.5 to 6.5 MPag. The maximum operating pressure for the 

SAGD operations in the Foster Creek McMurray formation is 6.5 MPag.  

 

2.4 Suncor McKay River 

Suncorôs MacKay River Project is located approximately 60 kilometers northwest of Fort 

McMurray, and is the companyôs first operated SAGD facility since 2002.  The MacKay River 

property consists of 76 sections of land in Townships 91 to 93, Ranges 12 and 13 W4M, and is 

located directly east of the Dover project (formerly known as the Underground Test Facility). The 

current approved bitumen production rate of the project is 73,000 bbl/d. In total, 98 well pairs have 

been drilled in this project in 8 phases and 12 patterns. Figure 2.8 displays the well pads and the 

subsurface patterns for the project. 
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The original bitumen in place for the project is estimated to be 1,083 MMBbls. The average ultimate 

recovery is estimated to be 65% for the current operating patterns, with a maximum ultimate 

recovery factor of 89% in Pattern C and a minimum recovery factor of 47% for patterns A and H. 

The reservoir characteristics and performance for the project are summarized in Table 2.3. The 

average reservoir depth in Suncor McKay River is 109 m. The production wells were drilled 98 ï 

145 m from surface. Depending on the depth of the reservoir, the approved bottomhole MOPs are 

from 1,200 to 1,780 kPag. 

 

In the circulation phase at Suncor MacKay River, emphasis used to be on short circulation duration 

and quick ramp up. A high pressure difference between injectors and producers after 30 days and 

high steam rates were utilized to shorten circulation duration. However, since 2011, the emphasis 

has been on conformance and uniform heating versus duration in the new wells drilled in Phases 5A, 

5B-1, 5B-2 and 5DF. The lower rates (2Ȥ3 m3/hr) are being targeted while maintaining steamȤtoȤtoe 

as opposed to higher steam rates in the past. The targeted pressure difference between producers and 

injectors is 0 - 50 kPa, as opposed to higher pressures to force communication between the wellbores.  

In this project, temperature fall-off tests in the producer are utilized as SAGD conversion readiness 

indicator. The fall off tests involve stopping steam injection for 18-20 hours allowing estimation of 

near wellbore reservoir temperature.  

 

According to the study by Parmar et al.12 and their field experience and observations in the Suncor 

McKay River SAGD project, eccentric dual tubing string completion was found to be more 

thermally efficient than concentric configuration to get steam to the toe of a horizontal well. They 

indicated that the required steam injection rate during circulation is much lower and has higher steam 
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quality in the case of dual tubing string completion.  The injectors in the Phase 1 of the SAGD project 

were completed with single tubing (Figure 2.9). All the injectors in Phase 5 from 2011 on were 

completed with eccentric dual string (Figure 2.10).  All the producers in the Suncor McKay River 

are also completed with eccentric dual tubing configuration.  

 

2.5 Suncor Firebag 

Suncorôs Firebag project is located approximately 40 km north east of the companyôs Oil Sands 

Plant, north of the town of Fort McMurray. The project development is in Stages 1-6 with current 

production capacity of 180,000 bbl/d (28,617 m³/day) of bitumen from current operating stages 1, 

2, 3 and 4 with nine pads, Stage 1: Pads 101 and 102; Stage 2: Pads 103 and 104; Stage 3: Pads 105, 

107 and 108; and Stage 4: Pads 106 and 116. First steam in stages 1 and 2 was in 2003 and 2005, 

respectively. Firebag stages 3 and 4 started up in 2011 and 2012. Figure 2.11 displays the well pads 

for the Firebag project. 

 

The original bitumen in place for the project is estimated to be 8,173 MMBbls. The average ultimate 

recovery is estimated to be 54-59% for the currently operating stages, with a maximum ultimate 

recovery factor of 66% in Pad 104 and a minimum recovery factor of 46% for pads 106 and 108. 

The reservoir characteristics, performance and completions for the project are summarized in Table 

2.4.  

Steam circulation and bullheading are used to startup the SAGD wells. The injectors in this project 

are completed with concentric tubing (Figure 2.12), and the producers are completed with eccentric 

dual tubing configuration for circulation (Figure 2.13). In the injectors, during circulation, steam is 

injected into the injection tubing that ends at the toe of the well, and flows back towards heel and 
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back up at surface via the annular space between the injection tubing and Slave string. There is 

blanket gas between the Slave string and the intermediate casing. Temperature surveys, temperature 

falloff rates, and production rates to date indicate equivalent performances for bullheaded and 

circulated wells46. 

 

The SAGD well pairs in four pads (105, 107, 108 and 116) and the infill wells in pad 104 were 

started up with bullheading. Historically, circulation startup wells at Firebag have leaked off a 

material portion of circulated steam. Since there are no returns at the surface during bullheading, 

less cumulative steam is required to achieve the same reservoir heating as circulation with reduced 

CSOR46. In Firebag, circulation considered when bullheading is unable to achieve target injection 

rate under MOP. The approved bottomhole MOP for circulation in the currently producing pads is 

4,040 kPag in the Firebag. Bullheading shortens the startup period compared to circulation, 2 ï 3 

months of bullheading versus 4- 5 months of circulation.  

 

2.6 Surmont 

The Surmont in-situ oil sands project is a 50/50 joint venture between ConocoPhillips Canada 

Resources Corp. and TOTAL E&P Canada Ltd; operated by ConocoPhillips. The project started by 

a pilot back in 1997. There are 3 wells in the pilot area, two started oil production in 1997 and one 

in 2000. The three well pairs are currently on production. Surmont Phase 1 began production in 2007 

with a production capacity of 27,000 bbl/d.  There are five drainage areas in Phase 1: 101 North, 101 

South, 102 North, 102 South and Pad 103.   As of January 2014, twelve well pairs were drilled in 

Pad 103. None of the well pairs were completed by then. Construction of Phase 2 began in 2010. At 

peak, Surmont Phase 2 is designed to have production capacity up of 109,000 barrels per day. Phase 
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2 is to be ready for steaming in mid-2015, with first oil before year-end. Including Phase 1, total 

production will be 136,000 barrels per day. Figure 2.13 displays the well pads for the Surmont 

project. 

 

The original bitumen in place for the project is estimated to be 2,990 MMBbls. No expected ultimate 

recovery factor has been reported for Surmont in the public domain. The reservoir characteristics, 

performance and completions for the project are summarized in Table 2.5. 

 

Initial Surmont completions used eccentric dual tubing configurations. However, due to some 

workover difficulties and safety concerns, it has been determined that the concentric tubing design 

will be used in the future pads. During steam circulation, a toe tubing string is required. Due to the 

equalizing character of the liner-deployed Inflow Control Devices (ICDs), a toe tubing string may 

not be required during SAGD operations. This concept was tested in the pilot well pair, 102-06, by 

pulling back the toe string to the heel.  The well pair had the best performance in the first 36 months 

of its operation among all the well pairs in Pad 102N55. The circulation /pre-heat period at Surmont 

is typically 3 months with an MOP of 3,400-4,600 kPag.  

 

2.7 Thermal Wellbore Modelling 

In order to evaluate thermal efficiency of the completions in these projects, wellbore simulation 

models were run using the TWBS software package from PetroStudies Consultants Inc. The 

simulation software provides a steady state solution of the wellbore physics with potential for a 

ñleakoffò component into the immediate surrounding reservoir. For the purposes of this study the 

leakoff component was not used.  
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Simulations were run to compare the thermal efficiency of an Eccentric Dual-Tubing Configuration 

(Case 1) with a Concentric Dual-Tubing Configuration (Case 2). The eccentric dual-tubing is being 

used in Suncor Mckay and Firebag; the concentric dual-tubing is being used in Christina Lake, Foster 

Creek and Sumront. The models were run for early and late circulation. In late circulation, the 

temperature in the reservoir and overburden is higher than that in the early circulation. The steam 

injection rate is 300 m3/day in the early injection cases and 150 m3/day in the late injection cases; 

these rates were chosen to assure steam quality at the toe of the long tubing. The reservoir 

temperature and riser temperature were set higher in the late circulation case; as a result, a less steam 

rate was needed to have steam quality at the toe of the long tubing. All the models were run at 

wellhead injection pressure of 5,500 kPa and steam quality of 98%. Table 2.6 summarizes the tubular 

sizes for the three cases. The simulations were performed for a well with a 850 m horizontal section 

and depth of 380 mKB TVD.  

 

Figures 2.16 and 2.17 compare the steam quality and energy rate profiles for Cases 1 and 2 in early 

circulation. Figures 2.18 and 2.19 are the same plots for late circulation. The four figures suggest 

that the concentric dual-tubing configuration is less efficient in delivering heat energy to the 

horizontal section of the well than the eccentric dual-tubing configuration.  The difference is greater 

in late circulation.  

 

Table 2.7 compares the effective heat delivered to the reservoir, heat loss to overburden, and heat 

recirculated in Cases 1 and 2. The effective heat delivered to the reservoir is indicative of the 

proportion of injected energy that is used to heat the reservoir through conduction and is the main 

determinant of the efficiency of the process. The heat loss to overburden quantifies the amount of 
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heat lost to the overburden, through conduction, within the vertical section of the wellbore. The heat 

recirculated corresponds to the proportion of injected energy produced back up to surface. The 

results show a higher effective heat to reservoir in Case 1 compared to Case 2; this signifies a more 

thermally efficient process in the eccentric case compared to the concentric case. The heat loss to 

the overburden is similar between the two cases but the amount of heat produced back up to surface 

is higher in Case 2 compared to Case 1, again signifying a less thermally efficient process.  

 

Figures 2.20 and 2.21 display the pressure and steam quality from heel of the well to surface along 

the flow path of the returning fluid for the early circulation. Figures 2.22 and 2.23 are for late 

circulation. In both early and late circulation scenarios, the pressure drop between the heel and 

surface is higher in Case 1 (eccentric dual-tubing) compared to Case 2 (concentric dual-tubing). The 

increase in steam quality in Case 1 is less than Case 2. The differences are caused by counter-current 

heat exchange between the injected steam that goes down the long string and the returning fluid in 

the build and vertical section of the well. The counter-current heat exchange is more significant in 

the case of a concentric configuration (Cases 2).  

 

In the past 30 years, the oil and gas industry has been using Vacuum Insulated Tubing (VIT) in 

challenging environments such as offshore and thermal (steam flood49,50,53, cyclic steam 

stimulation51 and SAGD52) operations. 

 

Lab tests and field application of the VITs have shown that the majority of heat loss, as high as 90%, 

from the VITs to the annulus occurs around the weld and coupling regions54. Insulated couplings or 

techniques are needed to achieve the potential of insulated tubing. Figure 2.24 is the schematic of a 
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VIT manufactured by Majus Ltd. Two simulations (Cases 3 and 4) were run to evaluate the 

application of VIT in concentric tubing configuration. Case 3 assumes thermal insulation as good as 

the rest of the tubing for the coupling section and Case 4 assumes bare tubing thermal properties for 

the VIT coupling. In Cases 3 and 4, the wellbore configuration used in the Surmont project where 

VIT is extended to the heel was used. The thermal properties and dimensions of the VIT in the 

models were provided by Majus Ltd. In the simulation models, a 2.875ò OD x 4.5ò OD VIT was 

used, and coupling accounts for 10% of the length of a tubing joint. 

 

Figure 2.25 compares the steam quality profiles for Cases 2, 3, and 4 in late circulation respectively. 

For a given wellhead injection pressure and steam quality, one can conclude that a VIT with proper 

coupling insulation delivers energy to the reservoir much more efficiently. The simulation results 

suggest that 74% of the heat loss in the VIT happens across the coupling. The proper coupling 

insulation prohibits significant heat transfer between the injected fluid and the produced fluid. This 

reduction in heat transfer leads to a greater amount of the injected heat reaching the reservoir and 

less heat being produced to surface. The presence of poorly insulated coupling significantly reduces 

the effectiveness of the VIT; the amount of energy delivered to the heel is reduced by ~15%. Figure 

2.26 displays the amount of heat delivered to the heel of the well from surface for Cases 2, 3 and 4. 

 

Application of a VIT with proper coupling insulation delivers steam at superior steam quality to the 

horizontal section of the well. This means less steam is required as compared with bare tubing. Case 

5 with late circulation conditions was simulated and it was determined that a 10% decrease in steam 

rate, 137 m3/day compared to 150 m3/day, is sufficient to achieve the same pre-heat conditions in a 

well with proper coupling insulation as that of a poorly insulated coupling with a steam rate of 150 
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m3/day. As presented by Yuan et.al39, lower circulation rates at high steam quality results in faster 

and more uniform thermal communication between SAGD wells. Similar observations and 

conclusions were made for the early circulation conditions. The early circulation simulation results 

suggested 88% of the heat loss in the VIT happens across its coupling. Using VIT for improving 

thermal efficiency of pre-heat and SAGD is an expensive option. However, the savings on steam 

generation needs are also significant. Economic evaluation for each specific project is required to 

investigate the feasibility of VIT application in the project. 

 

2.8 Summary and Conclusions 

¶ Completion practices in five major SAGD projects in Alberta, Canada were reviewed. Thermal 

wellbore simulations were used to compare the thermal efficiency of the completions. 

¶ The thermal efficiency in dual eccentric tubing is better than the dual concentric tubing. This is 

due to the counter-current heat exchange between the injected steam that goes down the long 

string and the returning fluid in the build and vertical section of the well. 

¶ Application of Vacuum Insulated Tubing in the concentric tubing helps significantly to deliver 

energy with very high thermal efficiency to reservoir. This expensive option comes with 

significant savings on steam requirement for the pre-heat process. Economic evaluation is 

required to investigate the feasibility of VIT application in a project. 

¶ Insulated couplings or techniques are needed to achieve the potential of insulated tubing. The 

simulation results suggest that 74 - 88% of the heat loss in the VIT happens across its coupling.  

¶ This studyôs emphasis is on thermal efficiency. The simulation results are valid for the completion 

configurations and circulation operations conditions studied only. Tubular size, reservoir depth, 

wellbore trajectories, tubular and rock thermal properties and operation conditions (wellhead 
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steam injection rate, pressure, temperature and steam quality, leak off volumes, offtake 

pressure,é) are among many parameters that impact the simulation results.  
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   Table 2.1 - Reservoir Characteristics of Christina Lake 

Project Christina Lake  

Operating Company Cenovus Energy 

Latest AER Report Date June 04, 2014 

    

First Steam 2002 

Development Phases/Areas Phase A Phase B Phase C Phase D Phase E 

Production Capacity (bbl/d) 10,000 8,800 40,000 40,000 40,000 

Status 

On-going 

SAGD 

On-going 

SAGD 

On-going 

SAGD 

On-going 

SAGD On-going SAGD 

Number of Pads 1 (A01) 

3 (A02,B01, 

B02) 2 (B03, B04) 

3 (B05, B06, 

B07) 

4 (B02C, B08, 

B11, B09) 

Number of Completed Well Pairs 6 19 16 25 42 

Number of Completed Infill Wells 3 10 16 9 0 

Well Pair Length 700 m 830 m 800 m 800 m 750 - 830 m 

Well Pair Spacing 115 m 100 m 100 m 100 m 70 m 

   

Reservoir Properties  

Formation McMurray 

Depth (m) 350 

Net Pay (m) 30 - 42 

Porosity (%) 33 - 36 

Horizontal Permeability (Darcies) 4 - 10 

Vertical Permeability (Darcies) 3.5 - 10 

Oil Saturation (%)  79 - 85 

Initial Reservoir Pressure (kPaa) 2500 

Reservoir Temperature (deg. C) 12 

OBIP (MMBBLS)  25 56 89 130 81 

MOP (kPag) 5,400 

    

Performance as of March 31, 2014   

Chamber Pressure (kPaa) 2,000  2,200-2,500  2,000-3,000  2,000-3,000  2,000-4,000 

Cumulative SOR (bbl/bbl) 2.5 1.9 1.7 1.8 2.2 

Instantaneous SOR (bbl/bbl) 7 1.3 1.3 1.5 1.8 

Oil rate (bbl/d)  126 4,330 5,920 5,380 5,135 

Cum Oil (MBBLS)  13,251 27,864 28,929 25,514 6,088 

Recovery Factor  53 50 33 20 6.5 

Expected Ultimate Recovery Factor  75 - 80% 75 - 80% 75 - 80% 75 - 80% 75 - 80% 

 
  N/A: Not Available in public domain 
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  Table 2.2 - Reservoir Characteristics of Foster Creek 

Project Foster Creek  
Operating Company Cenovus Energy  

Latest AER Report Date May 27, 2014 

   

First Steam 2001 

Development Phases/Areas Eastern Pads Central Pads Western Pads 

Production Capacity (bbl/d)    

Status On-going SAGD On-going SAGD On-going SAGD 

Number of Pads 

14 (E02-04, E08, E10-12, 

E15-16, E19-21, E24-25) 

10 (A, B, C, D, E_K, 

Exp_M, F, G, H, J) 2 (W01 & W02) 

Number of Well Pairs 128 78 14 

Number of Infill (Wedge TM )Wells 100 95 3 

Well Pair Length 500-900 500-900 500-900 

Well Pair Spacing 100 100 100 

     

Reservoir Properties    

Formation McMurray 

Depth (m) 455-500 455-500 455-500 

Net Pay (m) up to 30+ up to 30+ up to 30+ 

Porosity (%) 32 34 34 

Horizontal Permeability (Darcies) up to 8 D up to 10 D up to 10 D 

Vertical Permeability (Darcies) up to 6 D up to 8 D up to 8 D 

Oil Saturation (%)  85 85 85 

Initial Reservoir Pressure (kPaa) 2,700 2,700 2,700 

Initial Reservoir Temperature (deg. C) 12 12 12 

OBIP (MMBBLS)  400 239 34 

MOP (kPag) 5,500 - 6,500 

     

Performance as of March 31, 2014    

Chamber Pressure (kPaa) N/A N/A N/A 

Cumulative SOR (bbl/bbl) 2.5 2.4 3 

Instantaneous SOR (bbl/bbl) 2.3 2.1 2.3 

Oil rate (bbl/d)  14,840 5,210 1,748 

Cum Oil (MMBBLS)  130.2 148.1 6.1 

Recovery Factor  33% 62% 18% 

Expected Ultimate Recovery Factor  64% 71% 67% 
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  Table 2.3ï Reservoir Characteristics of Suncor McKay River 

Project McKay River  

Operating Company Suncor Energy 

Latest AER Report Date November 12, 2014 

    

First Steam 2002 

Development Pads/Areas Pad 20 Pad 21 Pad 22 Pad 23 Pad 24 Pad 25 Pad 40 

Production Capacity (bbl/day) 73,000 

Status 

On 

production 

On 

production On production 

On 

production On production On production On production 

Number of Patterns 2 (A & C) 2 (B & D) 3 (E & G) 1 (F) 2 (OO & H) 2 (QQ & NN) 1 (Section 16) 

Number of Completed Well Pairs 13 12 14 7 19 31 2 

Number of Completed Infill Wells - - - - - - - 

Well Pair Length 700-800 m 650-800 m 750-1,000 m 700 m 700 m 700-1,100 m 750 m 

Well Pair Spacing 100 m 100 m 100 m 100 m 75 & 100 m 75 m 120 m 

    

Reservoir Properties   

Formation McMurray 

Depth (m) 98 - 145 

Net Pay (m) 15+ 

Porosity (%) 31 

Horizontal Permeability (Darcies) 1.7 - 8.5 

Vertical Permeability (Darcies) 1.1 - 6.5 

Oil Saturation (%)  84 

Initial Reservoir Pressure (kPaa) 400 

Initial Reservoir Temperature 

(deg. C) 
6 - 7 

OBIP (MMBBLS)  42 38 50 23 30 51 4 

MOP (kPag) 1,200 - 1,780 

    

Performance as of August 31, 

2014               

Chamber Pressure (kPaa) 1,450 1,400 1,300-1,500 1,400 1,550 - 1,750 1,300 - 1,650 Abandoned 

Cumulative SOR (bbl/bbl) 2.68 2.22 2.12 2.10 3.44 2.36 5.20 

Instantaneous SOR (bbl/bbl) 2.57 2.89 2.97 2.80 3.90 2.12 0 

Oil rate (bbl/d)  3,126 1,950 4,510 4,862 3,145 10,466 0 

Cum Oil (MMBBLS)  26.4 27.6 23.3 12.2 4.5 7.5 0.68 

Recovery Factor  63% 72% 47% 54% 15% 15% 15% 

Expected Ultimate Recovery 

Factor  74% 78% 62% 81% 50% 57% 48% 
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                Table 2.4 ï Reservoir Characteristics of Suncor Firebag 

Project Firebag  

Operating Company Suncor Engery 

Latest AER Report Date February 28, 2014 

    

First Steam 2003 

Development Phases/Areas Stage 1 Stage 2 Stage 3 Stage 4 

Production Capacity (bbl/d) 180,000 

Status On production On production On production On production 

Number of Active Pads 
2 (Pads 101 & 102) 2 (Pads 103 & 104) 3 (Pads 105, 107, 108) 

2(Pads 106, & 

116) 

Number of Completed Well Pairs 39 33 38 36 

Number of Completed Infill Wells - - - - 

Well Pair Length 1,100 m 850 - 1,100 m 560 - 1,100 m 1,100 m 

Well Pair Spacing 75 - 100 m 70 - 150 m 75 - 140 m 90 m 

    

Reservoir Properties   

Formation McMurray 

Depth (m) 300 

Net Pay (m) 40 

Porosity (%) 32 

Horizontal Permeability (Darcies) 3 - 4 

Vertical Permeability (Darcies) 2 - 3 

Oil Saturation (%)  85 

Initial Reservoir Pressure (kPaa) 800 

Initial Reservoir Temperature (deg. C) 8 

OBIP (MMBBLS)  292.5 242.2 337.4 225.2 

MOP (kPag) Circulation:  4,040 kPag & SAGD: 3,570 kPag 

    

Performance as of February 28, 2014   

Chamber Pressure (kPaa) 2,000 - 3,100 

Cumulative SOR (bbl/bbl) 3.05 3.24 4.11 3.85 

Instantaneous SOR (bbl/bbl) 2.29 2.96 3.21 3.23 

Oil rate (bbl/d)  48,480 35,670 41,300 40,000 

Cum Oil (MMBBLS)  103.1 65.9 29.2 11.3 

Recovery Factor  35% 27% 9% 5% 

Expected Ultimate Recovery Factor  56-60% 57-66% 46-59% 46-60% 
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                    Table 2.5 ï Reservoir Characteristics of Surmont 

Project Surmont  

Operating Company ConocoPhillips 

Latest AER Report Date April 09, 2014 

    

First Steam Pilot - 1997 & Phase 1 - 2007 

Development Phases/Areas Pilot and Phase 1 (Pads 101 & 102) 

Production Capacity (bbl/d) 27,000 

Status On production 

Number of Active Pads 3 (Pilot and Pads 101 & 102) 

Number of Completed Well Pairs 43 

Number of Completed Infill Wells 2 

Well Pair Length Pads - 800-1000 m and Pilot - 350-700 m 

Well Pair Spacing 120 m 

    

Reservoir Properties   

Formation McMurray 

Depth (m) 420 

Net Pay (m) 40 

Porosity (%) 33 

Horizontal Permeability (Darcies) N/A 

Vertical Permeability (Darcies) N/A 

Oil Saturation (%)  80 

Initial Reservoir Pressure (kPaa) 1,400 

Initial Reservoir Temperature (deg. C) 20 

OBIP (MMBBLS)  214.6 

MOP (kPag) 3,400-4,600 

    

Performance as of January 31, 2014   

Chamber Pressure (kPaa) Pilot:  1,600 kPa & Phase 1: 2,300-2,600 kPa  

Cumulative SOR (bbl/bbl) 2.67 

Instantaneous SOR (bbl/bbl) 2.44 

Oil rate (bbl/d)  27,694 

Cum Oil (MMBBLS)  48.2 

Recovery Factor  22% 

Expected Ultimate Recovery Factor  45-50% 
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                   Table 2.6 ï Tubular Sizes for Cases 1 and 2 

 Intermediate 

Casing 

Liner  Short Tubing Long Tubing 

Case 1 - Eccentric 9 5/8ñ OD 7ò OD 3 1/2ñ OD 3 1/2ñ OD 

Case 2 - Concentric 9 5/8ñ OD 7ò OD 7ñ OD 3 1/2ñ OD 

 

 

                   Table 2.7 ï Effective Heat to Reservoir, Heat loss to Overburden and Heat Recirculated for Cases 1 & 2   

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 Effective Heat to 

Reservoir 

Heat Loss to 

Overburden 

Heat 

Recirculated 

Early Late Early Late Early  Late 

Case 1 - Eccentric 24% 16% 28% 34% 48% 50% 

Case 2 ï Concentric  19% 11% 27% 33% 54% 56% 
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Figure 2.1 ï Location of the Cenovus Foster Creek and Christina Lake, Suncor McKay River and 

Firebag, and ConocoPhillips Surmont In-situ Oil Sands Projects in the Province of 

Alberta, Canada. 
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Figure 2.2 ï Eccentric Dual-Tubing Configuration during Circulation. 

 

 
Figure 2.3 - Concentric Dual-Tubing Configuration during Circulation. 
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Figure 2.4-Single-string injection well completion with multiple FCDs. 

 

 
Figure 2.5 - Location of Pads at Christina Lake40 
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Figure 2.6 - Well Configuration during Circulation at Christina Lake40 

 

 

 
Figure 2.7 - Location of Pads at Foster Creek42 
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Figure 2.8 - Location of Pads at Suncor McKay River43

 

 

 
Figure 2.9 - Suncor McKay Phase 1 Producer and Injector Completions43 
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Figure 2.10 - Suncor McKay Phase 5 Producer and Injector Completions43 

 

 
Figure 2.11 - Location of Pads at Suncor Firebag  
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Figure 2.12 ï Suncor Firebag Typical Injector44 
 

 
Figure 2.13 ï Suncor Firebag Typical Circulation Producer Setup44 
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Figure 2.14 - Location of Pads at Surmont In-Situ Oil Sands Project  
 

 
Figure 2.15 ï Typical Producer and Injector Completion with Liner-Deployed Equalizer ICD and 

VIT at Surmont In-Situ Oil Sands Project45 
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Figure 2.16 ï Steam Quality Profile along Long Tubing in Cases 1 and 2 (Early Circulation). 
 

 
 Figure 2.17 ï Energy Rate Profile along Long Tubing in Cases 1 and 2 (Early Circulation). 
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Figure 2.18 ï Steam Quality Profile along Long Tubing in Cases 1 and 2 (Late Circulation). 
 

 

 
Figure 2.19 ï Energy Rate Profile along Long Tubing in Cases 1 and 2 (Late Circulation). 



59 
 

 
Figure 2.20 ï Pressure Profile from the Heel of the Well to Surface along the Return Flow Path 

Cases 1 and 2 (Early Circulation). 
 

 
Figure 2.21 ï Steam Quality Profile from the Heel of the Well to Surface along the Return Flow 

Path Cases 1 and 2 (Early Circulation). 
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Figure 2.22 ï Pressure Profile from the Heel of the Well to Surface along the Return Flow Path 

Cases 1 and 2 (Late Circulation). 
 

 
Figure 2.23 ï Steam Quality Profile from the Heel of the Well to Surface along the Return Flow 

Path Cases 1 and 2 (Late Circulation). 



61 
 

 

Figure 2.24 ï I-Tubing, courtesy of Majus Ltd.  
 

 

 

 
Figure 2.25 ï Steam Quality Profile along Long Tubing in Cases 2, 3 and 4 (Late Circulation). 
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Figure 2.26 ï Energy along Long Tubing in Cases 2, 3 and 4 (Late Circulation). 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 



63 
 

Chapter Three: Importance of Proper Design and Well Pair Candidate Selection for FCDs  

3.1 Introduction  

Over the past decade, SAGD has become the standard in-situ method to extract the heavy oil and 

bitumen from Albertan oil  sands reservoirs. However, SAGD performance is directly based on 

proper development of a steam chamber. The most efficient SAGD projects are the ones where steam 

chamber growth is uniform, even with the inherent reservoir heterogeneity. However, conventional 

SAGD well designs tend to concentrate the injected steam in certain portions of the wells, thereby 

leading to a non-uniform steam chamber. 

 

A lot of work has been done in developing advanced wellbore completions, FCDs being one of them 

that promote uniform steam chamber development in the reservoir. Currently, there are three types 

of FCDs being used in thermal processes and specifically in SAGD projects: orifice or nozzle based 

restrictive FCDs, frictional FCDs and autonomous FCDs. Each of these FCDs is similar in basic 

functionality and mechanisms but varies from the other in its design and field applicability. The 

FCDs can be tubing deployed or liner deployed.  

 

After the installation of the liner deployed frictional type FCD in the Surmont SAGD project and 

seeing its success in improving SAGD well pair performance, interest in the use of FCDs was 

sparked across the Canadian heavy oil industry55.  

 

The FCDs can be installed as part of the initial completion of the wells and before start-up, or may 

be installed some time after SAGD operations. After monitoring the performance of a well pair, it 

may be found out that by running tubing deployed FCDs, the performance of the well pair may 
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improve. The level of understanding of the reservoir and completions performance is much more 

after the SAGD wells have been on circulation or SAGD operations for months. In the design process 

of FCDs, the following information should be reviewed: 

¶ Expected production and injection volumes. These may be obtained from performance modeling 

and/or actual field performance. 

¶ Reservoir quality and heterogeneity along the SAGD wells and between well pairs. Core, log 

and seismic data will give a better understanding of the reservoir parameters along the wells, 

between the wells and above and below the wells. Performing 3D geomodeling will help to better 

understand and predict the steam chamber development and how to influence it. 

¶ Temperature, pressure and fluid saturation at the SAGD and the observation wells. Temperature 

fall-off tests are a great source of information in identifying hot spots along the producers. Max 

et al.27 pointed out the significance of the number of temperature points along the horizontal 

section in fall-off tests. Figure 3.1 displays the fiber optic temperatures for a 46 hour fall-off test 

performed in a SAGD production well in Leismer27. The fiber optic log was run in parallel with 

the thermocouples in the well. Figure 3.2 displays the thermocouple temperatures during the 

same fall-off test. The temperatures from both sources match quite well along the well, 

reassuring the quality of the data27. However, a steep change in temperature data between the 

last two thermocouples close to the toe of the well was not captured in Figure 3.2 because no 

thermocouple was placed in that part of the well. Running high resolution fiber optic temperature 

data, the temperature change was captured.  

¶ Tubing, casing and liner size, trajectories (wellbore proximity) and thermal properties. 

¶ Artificial lift.  

¶ Sand control method, plugging and scale deposition. 
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The design of a FCD configuration and type is critical for optimum field performance. It costs 

hundreds of thousands of dollars to recomplete wells with tubing deployed FCDs. Therefore, it is 

very important to follow a solid workflow in the design process of the FCDs. Reviewing public 

information and technical papers, one cannot find much information on the real life FCD design case 

history. The following are some examples of FCD installations found on the AER reports and 

technical papers. The FCD installations are discussed in two categories, the cases where FCDs were 

installed before any thermal operations (warm up/start up or SAGD) and the cases where FCDs were 

installed as part of a recompletion or completion optimization in a pad or field.  

 

3.2 Pre-Start up/SAGD FCD Installation 

One of the well-known, if not the most well-known, FCD applications was the one reported by 

Stadler (ConocoPhillips)55. Stadler reported on a well pair in the Pad 102N of the Surmont SAGD 

project which was completed with liner deployed helical (frictional) FCDs. Figures 3.3, 3.4 and 3.5 

compare the cumulative bitumen production, cumulative SOR and steam chamber growth with 

seismic data for the Pad 102N of the Surmont. As one can conclude, the well pair 6, completed with 

the FCDs, outperformed all other well pairs in the pad, and has a more uniform steam chamber. No 

details are reported on the heterogeneity and FCD design in the Pad. However, it has been reported 

that the well pair 102-06 has similar geological characteristics to the well pairs 102-04 and 102-05. 

This has been regarded as a successful trial of FCDs in the Surmont field by ConocoPhillips.  

 

According to the CNRLôs in-situ progress report for the Kirby SAGD operations, dated October 

2014, with the exception of Well pair 1, all other five well pairsô injectors were completed with dual 

eccentric tubing. The well pair 1ôs injector was completed using a single string tubing with two 
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orifice based FCDs. Figure 3.6 compares the cumulative bitumen production and cumulative SOR 

of the well pair 1 with the average of the other five well pairs. As the figure shows, for a similar 

cumulative SOR, the well pair 1 produced 34% more oil than the average of the other five well pairs 

within the first 13 months of thermal operations.    

 

3.3 Post-Start up/SAGD FCD Installation 

Devon Canada Corp. has reported on their in-situ progress for their Jackfish SAGD operations that 

they recompleted a couple of their producers (CC1 and DD2) with tubing deployed FCDs57. The 

FCDs were installed during the August 2013 turnaround. No details have been reported on how the 

designs were done and what criteria were used to identify these wells as candidates for FCD 

application and recompletion. It is expected that the purpose was to eliminate/limit hot spot(s) in the 

producer well.  

 

Figure 3.7 compares the cumulative bitumen production and cumulative SOR of the well pair DD2 

with its neighboring well pairs DD1 and DD3 before and after the FCD installation in 2013. The 

figure suggests that the well pair DD2 produced bitumen at a rate higher than its neighborsô until the 

middle of 2012 when its oil production started to drop significantly. As one can see, installation of 

the FCD in August/September 2013 helped the well to recover. The well pair produced bitumen at 

higher rate and lower SOR after the recompletion of the producer with FCDs. Extrapolating the 

cumulative bitumen production before the FCD installation, it is estimated that the FCD helped to 

increase the oil production by 36%, fourteen months after the FCD installation. 
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Figure 3.8 compares the cumulative bitumen production and cumulative SOR of the well pair CC1 

with its neighboring well pair CC2 before and after the FCDs installation in 2013. The figure 

suggests that installing the FCD did not make difference on the performance of the CC1 well pair. 

The well continued to produce at a similar oil production rate and instantaneous SOR after the FCD 

was installed.  

 

Figures 3.9 and 3.10 compare the CC1 and DD2 well pairsô oil production rate and instantaneous 

SOR (iSOR), respectively.  As one can see, the drop in the oil rate and increase in iSOR before FCDs 

were installed were much more sever in DD2 compared with CC1. As the oil rate dropped at the 

DD2, iSOR increased significantly. These were followed by a decrease in the oil rate and iSOR. One 

explanation can be that due to steam breakthrough into the DD2 producer, the emulsion production 

was slowed down to limit/eliminate the hot spot(s) in the production wellbore. The increase in iSOR 

suggests lower thermal efficiency for the SAGD process that may have been caused by steam 

production in the producer. Recompleting the production well with FCDs aiming at choking steam 

production helped the well to recover and perform much better than pre-FCD deployment.  

 

It is evident that installation of FCDs at the DD2 has been a success. The other FCD installation at 

the CC1 was described by Devon as under-performing and caused by a generic inflow design that 

did not account for geology57. Comparing the pre-FCD performance of these two well pairs suggests 

that a sudden decrease in the oil rate and an increase in iSOR can be used as candidate selection 

criteria for recompleting SAGD wellbores with FCDs. It also signifies the importance and 

significance of understanding a well pairôs behavior before deciding to recomplete the wells and/or 

the importance of a solid workflow in identifying candidates and design of FCDs. A powerful 
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reservoir simulation model coupled with a wellbore model can be key in identifying recompletion 

candidates, FCD design and evaluation of the upside potential after recompleting with FCDs.  

 

Southern Pacific Resource Corp. (STP) provided more details in their AER reports on the 

performance of the two producers that they recompleted with FCDs and swellable packers58. They 

recompleted the wells 2P1 and 1P5 in January 2014. Figure 3.11 displays the STP McKay River pad 

layout and the wells with tubing-deployed FCDs.  

 

Figure 3.12 displays the liquid production and steam injection rates for the well 2P1. Figure 3.13 

displays the subcools calculated from thermocouple temperatures for the producer. Examining the 

data before and after the FCD installation suggests that oil production and steam injection demand 

increased significantly for the well pair. The calculated subcools suggest a much more uniform steam 

chamber post-FCD installation. The figures also suggest that by installing the FCDs, the well could 

be operated at much higher pressure differential and much lower subcool and still maintain 

conformance along the well. 

 

Figure 3.14 displays the liquid production and steam injection rates for the well 1P5. Figure 3.15 

displays the subcools calculated from the thermocouple temperatures for the producer. Examining 

the figures suggest that the improvement in SAGD performance and steam chamber conformance 

was not as significant as it was in the case of 2P1. Geological and completion data are required to 

further analyze the results. It is important to note that the FCDs are not designed to change the 

reservoir quality but to influence the reservoir behavior so that more oil at lower costs is produced. 
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3.4 Where are the FCDs Applicable? 

Due to wellbore hydraulics and reservoir heterogeneities, almost every SAGD well pair benefits 

from FCDs, even a SAGD well pair in a clean homogenous reservoir. However, the installation of 

FCDs should be economically feasible. In a typical dual tubing SAGD completion, the highest 

pressure in the injector wellbore and the lowest pressure in the producer wellbore are at the heel and 

toe (Figures 3.16 and 3.17).  This results in higher pressure differential at the toe and heel of the 

wellbores. The high pressure differential causes a reservoir to be drained faster at the heel and toe 

resulting in a dog-bone shape of a SAGD chamber. The high pressure differential also increases the 

potential of steam breakthrough at the heel and toe. Proper installation of FCDs in the horizontal 

section of the producer and/or injector will result in a more uniform steam chamber development 

(Figures 3.18).   

 

After a well pair has been converted to SAGD, the completions, pressure, temperature, production, 

injection and geological information should be reviewed to determine whether the well pair is a 

candidate for FCD or not. Application of FCDs at the producer and injector may improve the 

performance of an under-performing well pair significantly. The focus should be on determining 

how FCDs can improve the SAGD chamber development, eliminating/limiting hot spots and 

promoting flow at colder and high potential segments along the well pair. 

 

After discussions with several well experienced engineers, the application of FCDs has shown 

improvement in the SAGD wellsô performance in the following cases. 
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¶ Injector and producer wellbore proximity: Wellbores in a typical SAGD well pair are drilled 4-6 

meters apart. A key factor in SAGD performance is maintaining a column of liquid above the 

producer by choking back the fluid production at the producer. This prohibits steam from short-

circuiting into the producer and keeps the injected energy in the reservoir. The undulation in the 

wellbore trajectories, the reservoir heterogeneity and the wellbore hydraulics make maintaining a 

uniform liquid column on the producer wellbore very difficult, if not impossible. In cases, we may 

see steam breakthrough into the producer which may result in damaging a liner and long tubing. 

Figure 3.19 displays a schematic of a SAGD well pair where the wellsô proximity towards the end 

of the lateral section causes a hot spot to be created. In order to control the hot spot and avoid liner 

and tubing damage, in practice the production from the well is slowed down. This results in the 

slowdown of steam injection and emulsion production, and non-uniform steam chamber growth. 

Completing or recompletion the injector and/or producer with FCDs has proven the effectiveness 

of the FCDs in limiting/eliminating the hot spot (s) along the producer. 

 

¶ Low reservoir ceiling: Figures 3.20 and 3.21 display the possible reservoir low ceiling scenarios. 

The low ceiling along the wellbores can cause steam breakthrough from the injector into the 

producer. Using tubing deployed FCDs later on, during the SAGD life of the well pair, may help 

to eliminate/restrict the steam breakthrough and assist the well pair to perform at its higher 

potential. 

 

 

 



71 
 

¶ Mud channels in the middle of a SAGD well pair: This refers to Figure 3.22. In this case, the mud 

in the middle divides the well into two sections; each will develop its own steam chamber. By 

proper design of the FCDs in this situation, we may be able to operate two SAGD chambers along 

a SAGD well pair. Improper operations and completions design might cause steam breakthrough 

and liner damage in the mud channel neighborhood. 

 

¶ Shale barrier between SAGD wellbores: Presence of interbedded shale acts as a barrier for steam 

flow in the reservoir and hinders the progression of a steam chamber. Depending on how extensive 

the barriers are, they may impact the SAGD performance significantly. The geological description 

of the reservoir is based on seismic, log and core data from delineation wells and strip logs from 

drilling the SAGD wells. The detection of interbedded shale may be beyond the accuracy of all 

the data except core data. SAGD operations and monitoring, especially temperature monitoring, 

help to better understand the reservoir heterogeneity between the SAGD wellbores and above the 

injector. Figure 3.23 shows how the presence of shale can cause steam breakthrough along a SAGD 

well pair. Such a well pair is a candidate for recompletions and installing tubing deployed FCDs. 

 

¶ Bottom water and/or lean zone: If the producer is drilled too close to the bottom water or a lean 

zone in the reservoir, this will cause significant heat/steam loss during a warmup period. Extensive 

and detailed knowledge of the reservoir is key in proper well placement. High water saturation 

will act like a thief zone for the injected steam during start up. This will cause the steam chamber 

to grow more in the areas where water saturation is higher. Due to the very high viscosity of 

bitumen, the fluid/reservoir mobility depends very much on the water saturation. The higher the 

water saturation, the higher the reservoir mobility. A steam chamber grows mostly in the areas 
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with high mobility. A proper start up strategy, along with cautious operation practices both in start-

up and SAGD and proper application of FCDs, can significantly influence the performance of a 

SAGD well pair in such a reservoir. This may apply to the presence of top water in the reservoir 

and top gas in the reservoir as well. Figures 3.24 and 3.25 display the impact of a bottom water/lean 

zone and top gas on the steam chamber shape and growth. 

 

3.5 Summary and Conclusions 

¶ For a FCDs application to be economically feasible, it is critical to properly evaluate how much 

FCDs improve SAGD well pairsô performance in a reservoir. A solid workflow which includes 

economic evaluation and modeling the reservoir behaviour and wellbore dynamics in a coupled 

fashion is required to properly estimate the impact of FCD application. 

¶ Candidates for recompletion with FCDs should be chosen carefully. In the candidate selection 

process, the dynamic and static data, the deterioration in the well pair performance and the 

performance of the surrounding well pairs and pads should be considered.  

¶ FCD designs should be aimed at creating more uniform SAGD chambers and eliminating/limiting 

hot spots in the production wellbore. The FCDs are designed to influence the SAGD performance 

and not to change the reservoir quality. 
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Figure 3.1-Fiber Optic temperatures in the production well27. 

 

 

 

 
Figure 3.2-Thermocouple temperatures in the production well27. 
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Figure 3.3-Cum bitumen production versus synchronized time for Surmont Pad 102 well pairs55.  

 

 

 
Figure 3.4-Cum Steam Oil Ratio versus synchronized time for Surmont Pad 102 well pairs55.  
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Figure 3.5-4D seismic interpretation of steam affected regions for Pad 102N55.  

 

 

 
Figure 3.6- Cumulative SOR and Bitumen Production versus synchronized time for CNRLôs Kirby 

E Pad.  

cum SOR (cSOR) 

cum oil 
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Figure 3.7- Cumulative SOR and Bitumen Production for Devonôs Jackfish DD2 with its 

neighboring Well Pairs DD1 and DD3. 

 
Figure 3.8- Cumulative SOR and Bitumen Production for Devonôs Jackfish CC1 with its 

neighboring Well Pair CC2. 

FCD installed 

36% increase 

FCD installed 

cum SOR (cSOR) 

cum oil 

cum SOR (cSOR) 

cum oil 
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Figure 3.9-Oil production rate for CC1 and DD2 before and after FCD installation. 

 

 
Figure 3.10- Instantaneous SOR for CC1 and DD2 before and after FCD installation 

 
T

u
rn

a
ro

u
n
d
 a
n

d
 R

ec
o
m

p
le

tio
n 

 
T

u
rn

a
ro

u
n
d
 a
n

d
 R

ec
o
m

p
le

tio
n 



78 
 

 
Figure 3.11-STP McKay River Pads layout and Wells with tubing-deployed ICDs (modified)58. 

 

Figure 3.12-Production and injection rates for the well 2P1 before and after FCD installation58.  
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Figure 3.13-Thermocouple data and differential pressure between injector and producer for the 

well pair 2P1 before and after FCD installation58.  

 

Figure 3.14-Production and injection rates for the well 1P5 before and after FCD installation58.  
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Figure 3.15-Thermocouple data and differential pressure between injector and producer for the 

well pair 1P5 before and after FCD installation58.  

 

 

 

 

 

 

 

 

 

 

Figure 3.16-Pressure profile in the injectorôs horizontal section before and after installing FCDs. 

 

 

 

 

 

 

 

 

 

Figure 3.17-Pressure profile in the producerôs horizontal section before and after installing FCDs. 
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Figure 3.18-Steam chamber shape in a homogenous reservoir before and after installing FCDs.  

  

 

 

 

 

 

 

 

 

 

 

 

 

Figure 3.19-Steam breakthrough due to wellbore proximity. 

 

 

 

 

 

 

 

 

             

  

 

 

 

Figure 3.20-Steam breakthrough due to low reservoir ceiling at the toe/heel of the well pair. 
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Figure 3.21-Steam breakthrough due to low reservoir ceiling in the middle of well pair. 
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Figure 3.22-Steam breakthrough due to a mud channel in the middle of a well pair. 

 

 

 

 

 

 

 

 

 

Figure 3.23-Steam breakthrough due to shale barrier above the wellbores. 
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Figure 3.24-Steam breakthrough due to bottom water and/or lean zone. 

 

 

 

 

 

 

 

 

 

Figure 3.25-Non-uniform SAGD chamber with possible steam breakthrough due to Top Gas. 
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Chapter Four: A New Approach for Designing Flow Control Devices for the 

SAGD Process 
 

The classical SAGD involves drilling wells in parallel horizontal pairs. Steam is injected into the 

upper well (injector) to heat the reservoir and mobilize bitumen so that it drains to the lower well 

(producer) and can be lifted to the surface. In this process, steam distribution in the injector and a 

sustainable liquid level above the producer are key to achieve steam chamber conformance. The 

completion designs of these wells are critical in order to achieve optimal bitumen recovery and steam 

chamber development. 

 

Orifice based FCDs are being used in the injector and producer SAGD wellbore completions to 

customize steam distribution in the injector, and develop a uniform inflow along the horizontal 

wellbore in the producer. This chapter presents a method for determining the size and position of the 

orifice based FCDs in the producer and injector. This method can be used for both simple and 

complex reservoirs containing heterogeneous geology and hydraulic barriers and baffles. The 

method can also be modified to be used for the design of other types of FCDs. 

   

4.1 Introduction  

Orifice based FCDs on an injector, also known as Steam Splitters, are configured to distribute a 

customized steam rate at selected locations into a reservoir. These allow for multiple injection points 

within a single tubing along the horizontal liner section of a steam injector well. Using steam splitters 

reduces operating expenditures (OpEx) by improving thermal efficiency and reducing surface 

injection pressure requirements. Furthermore, steam splitters enhance production by helping to 

create uniform steam chamber growth and mitigating hydraulic barriers and baffles. 
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Application of orifice based FCDs, also known as production ports, is aimed at developing a uniform 

inflow along the horizontal wellbore. It aids in managing the interface between the injector and 

producer wellbores for efficient reservoir drainage, while reducing the tendency for steam 

breakthrough. Using production ports reduces OpEx by assisting in impeding steam breakthrough 

and creating a uniform or intentional pressure profile along the liner to maximize conformance. 

 

Both steam splitters and production ports reduce capital expenditures (CapEx) by simplifying 

wellhead design which allows for smaller wellbores and less tubing requirements.  

 

The size and number of orifices within steam splitters and production ports are determined from 

wellbore flow simulation. Numerical modelling for the steam splitters is required to optimize the 

placement of steam injection points and the steam rates to achieve a balanced energy influx into the 

reservoir. Moreover, for the case of production ports, wellbore flow modelling is completed to 

optimize the placement and inflow rates of FCDs to inhibit large pressure differentials along the 

production tubing. 

 

The physical difference between the steam splitters and production ports is a shroud. The shroud is 

an outer casing on a steam splitter which deflects steam and prevents it from damaging the liner. The 

production ports do not have a shroud. 

 

Both steam splitters and production ports are denoted as a Gravity Drainage Accessory (GDA) by 

Weatherford. A steam splitter is denoted as an Injection GDA and similarly, a production FCD, 
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Production GDA. For simplicity, these terms will be used from here on. A schematic of these GDAs 

are provided in Figure 4.1a. 

 

The SuperShiftableTM GDAs are an improvement of the standard GDAs with the functionality to 

operate at an óOpen or Closedô state while maintaining near full-bore ID. They have been specifically 

designed for multiple device deployment on a single injection or production string with the capability 

to selectively engage and operate any device located on the tubing. With this ability multiple devices 

can be operated óOpened or Closedô (or in combination) in one trip via coiled tubing. Figure 4.1b 

displays the SuperShiftableTM GDAs.  

 

 4.2 Senlac SAGD Project 

Southern Pacific Resource Corp. has owned and operated this SAGD project since November 2009; 

prior to this time it was owned by EnCana. One pad consisting of 2 to 3 SAGD well pairs is drilled 

every year. Southern Pacific Resource Corp. was operating Phases G, H and J at the time of this 

study. This study was completed for Phase J, well pair J1. 

 

Figure 4.2 displays the wellbore schematics for Senlac J1 well pair. All the wellbores in Phase J 

were completed with 7ôô liners, 4.5ôô tubings/scab liners and 1.5ôô instrumentation tubing. Electric 

Submersible Pumps (ESPs) are used in the producers. 

 

4.3 Model Description 

A Cartesian gridding method was used to generate a 1,225 m×71 m×24 m (i×j×k) volumetric region 

represented by a model discretization of 36×71×24 gridblocks, a total of 61,344 active cells.  The 
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dimensioning in the horizontal plane consisted of 35 m by 1 m grid sizes for the i and j cells, 

respectively. The vertical plane was represented by 1 m thick k layers. The grid block sizes were 

chosen based on grid block size sensitivity runs and recommendations received from CMG. A total 

of 5 formations (Shale, Cummings, Dirty Channel, Dina and Devonian) are represented in the 

reservoir model. The Shale and Devonian formations are overburden and underburden strata, 

respectively, for the oil bearing formations of Cummings, Dirty Channel and Dina units65. The Dina 

formation is more prolific and has higher reservoir deliverability than the Cummings and Dirty 

Channel strata. The poorer reservoir quality of Dirty Channel acts as a barrier for steam and liquid 

flow in the reservoir. Figure 4.3 displays the formations distribution along the well pair. Table 4.1 

summarizes the reservoir properties for the five formations in the simulation model. The formation 

properties were obtained from a number of core floods. 

 

The current reservoir pressure in the J phase is estimated at 2,600 kPa. The reservoir is about 750 m 

deep with a temperature of 29o C. The dead oil viscosity versus temperature data in Table 4.2, a gas 

specific gravity of 0.65, and a solution gas oil ratio of 5.4 m3/m3 at the bubble point pressure of 2,500 

kPa were used to generate PVT properties for oil and gas components using CMGôs PVT software, 

WinProp. Table 4.3 shows the water-oil and gas-oil relative permeability data used in the simulation 

models. CMGôs thermal simulator, STARSTM, was used to run the models. 

 

Since this reservoir has a high initial reservoir deliverability, steam is injected for approximately 

three weeks into the producer wellbore (bullheading).  After one week of shut-in to install ESP, 

SAGD operations start by injecting steam into the injector and producing from the producer. Table 

4.5 lists the operating constraints used for the producer and injector wellbores during the bullhead 



88 
 

and SAGD periods. All the constraints were assigned to the first grid block/perforation of the 

producer and injector tubings. 

 

Figure 4.4a displays how the total oil production potential, described in Chapter One, varies across 

the well pair. According to the plot, 50% of the oil production potential is on the first 38% of the 

well pair length and 35% of the oil production potential is on the last 26% of the well pair length. 

The remaining 15% oil production potential is on the middle 36% of the well pair length. Overlaying 

the initial oil production potential on the well pair, one can observe the close correlation between 

the oil production potential and reservoir quality. The initial oil production potential is higher where 

Dina, the formation with better reservoir quality, is thicker. 

 

4.4 Simulation Runs 

The design was performed in three steps. Step I involves investigating the impact of using Injection 

GDA and Production GDA on SAGD performance as well as the position and quantity of the GDAs 

required for the production and injection tubing strings. Furthermore, Steps II  and III  involved 

determining the number of ports for the injector and producer GDAs, respectively. 

 

Step I: Investigating the Quantity and Impact of GDAs on SAGD Performance 

In this step, nine models having different combination of Production and Injection GDAs were 

simulated (Table 4.4). The location of the Production and Injection GDAs are shown in Figure 4.3b. 

For scenarios with 1 Injection GDA, the GDA was located at 193 m from the ICP (Intermediate 

Casing Point), and contained 8 ports/holes, each with 10 mm diameter (or 8×10 mm ports). For the 

cases with 2 Injection GDAs, the 193 m location GDA had 6×10 mm ports and the other located at 
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858 m from the ICP had 8×10 mm ports. For the cases with 1 Production GDA, the GDA was located 

at 368 m from the ICP, and contained 4×10 mm ports. Similarly, for the cases with 2 Production 

GDAs, the first GDA had 4×10 mm ports and the second port at 858 m from the ICP had 3×5 mm 

ports. These GDA locations and the number of ports were determined by the production team, based 

on modelling and operational experience. 

 

Table 4.4 summarizes the production and injection data for the first year of SAGD performance. 

Figure 4.5 demonstrates that the largest impact of GDAs occurs in the first year of operation. A 

typical life time for these well pairs is 3 years. The computational run time for 1 year forecast was 4 

times shorter than the 3 year forecast runs and hence the GDA design was determined based on the 

first year forecast. 

 

Observations in Table 4.4 

1. In Cases 1, 4 and 5 where there is 1 Injector GDA, 45% of the steam exits the tubing through the 

GDA and the remaining 55% reaches the toe.  

2. Adding the second Injection GDA (Cases 2, 3 and 7) decreases the first GDAôs share to 36% and 

decreases the toe share to 43%. The share of the second injection GDA is 21% of the total steam 

in those cases. 

3. Having 1 Production GDA (Cases 1, 2 and 6), depending on the number of Injection GDAs, 60-

67% of the fluid will enter the production tubing through the GDA and the remaining 33-40% 

will enter through the toe. In these cases having 1 Injection GDA increased the total liquid 

production through the single GDA only by 3% of the total liquid compared to the cases where 
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there is no Injection GDA. The total liquid production increased by 7% of the total liquid in the 

case of using 2 Injection GDAs. 

4. Adding the second production GDA, 11-16% of the produced liquid will enter the production 

tubing through the GDA; 52-56% of the liquid will enter the production tubing through the first 

GDA. 

 

5. Comparing Cases 1 and 2, Cases 3 and 4 and Cases 5 and 7 shows that using 1 Injector GDA 

provides a better performance when compared to the case with 2 Injection GDAs (about 1% for 

cases with production GDA and 3% for cases without any production GDA). This is because a 

larger portion of the oil production potential is on the heel half of the well pair. Another 

conclusion would be: we can achieve the optimum wellbore dynamics in the injector wellbore 

using 1 Injection GDA. A second injection GDA was not required. 

6. Comparing Cases 0 and 5, having only 1 injection GDA with no production GDA increases oil 

production by about 38%. Conversely, having 2 injection GDAs with no production ports 

(comparing Cases 0 and 7) decreases oil production to 34% in the first year. 

7. Comparing Cases 0 and 6 indicates that having 1 production GDA with no injection GDAs 

increases oil production by 11.5%. Adding the second production GDA (comparing Cases 6 and 

8) marginally reduces production (less than 1%) as there is more oil production potential at the 

heel half of the well pair. Comparing Cases 2 & 3 and 1 & 4 shows that having only 1 production 

GDA provides slightly (less than 1%) better performance. Another conclusion is that we can 

achieve the optimum wellbore dynamics in the producer wellbore using 1 production GDA. A 

second production GDA is not required. 
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As it is shown in Figure 4.3b, the injector wellbore passes through the Dirty Channel which has poor 

reservoir quality and functions as a barrier to steam flow, thereby inhibiting oil production from this 

portion of the well pair. About 15% of the oil production potential at the middle 36% of the well 

pair length is likely not producible. By normalizing the oil production potential on the first 38% of 

the well pair length and last 26% of the well pair length, 59% of the producible oil is on the first 

38% and 41% of the producible oil is on the last 26% of the well pair length.  Table 4.6 displays the 

average convective heat transfer distribution after 6 and 12 months. Ranking the models based on 

how close the models are in terms of convective energy distribution to the normalized oil production 

potential, Cases 1, 2, 3 and 4 are the closest distribution. Taking Case 0 as the base case, Cases 1, 2, 

3 and 4 have the highest incremental oil production in the first year of SAGD operations. After these 

four cases, Cases 5, 7, 6, and 8 (from highest to lowest order) have the closest convective heat 

distribution to the normalized oil production potential distribution. The same order is seen in the 

incremental oil production column. 

 

Figure 4.6 demonstrates the initial oil production potential along the well pair versus the convection 

heat transfer along the injector after 6 and 12 months. Ranking the plots in terms of convective heat 

transfer distribution versus initial oil production potential follows the same ranking in terms of 

incremental oil production.   

 

Figure 4.7 demonstrates the lateral view of steam chamber growth after one year. The view is along 

layer 12 on the cross section in Figure 4.4b. The green area is the drained area/steam chamber, the 

red area is the Dina formation and the orange area is the Dirty Channel formation. As Figure 4.7 

shows, in terms of uniformity in steam chamber growth, the models follow the same ranking in oil 
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production. Therefore, injecting steam in proportion to the oil production potential across the well 

pairs will result in optimum steam distribution and oil production. 

 

Conclusions from Step I: 

1. Using GDAs in the injectors and producers in this particular part of the reservoir with this 

particular well pair configuration is beneficial. In the first year of SAGD operations, having 1 

production GDA with no injection GDA increases the production by 11.5%. Using only 1 

injection GDA with no production GDA increases oil production by 38%. Using both production 

and injection GDAs increases the oil production by 45% in the first year.  

2. Achieving optimum wellbore dynamics with one GDA in each of the producer and injector 

wellbores is possible. 

3. Optimizing steam distribution results in optimum oil recovery from the drainage area of a well 

pair. Optimum steam distribution can be defined as injecting steam proportion to where oil 

production potential is. 

 

Step II: Determining the Number of Ports for the Injector GDA 

Step I demonstrated that optimum wellbore dynamics can be achieved in the wellbores with one 

production GDA and one injection GDA. In this step, the number of injection ports was increased 

to 20 from 8 in the Base Case 1 using six more runs (Cases 9, 10, 11, 12, 13 and 14). The models 

were also run for a steam injection rate of 150 m3/d. This is the minimum steam injection rate 

expected for this well pair. The simulation results which are summarized in Table 4.6a demonstrate 

that increasing the number of injector GDA ports did not provide any significant changes in oil 

production/performance.  
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The number of producer ports for Cases 11 and 12 was increased to 6 and 8 to see if the lack of 

production improvement was due to the limited number of production ports. The simulation results 

summary is shown in Table 4.6b. These runs confirm that the number of production ports did not 

impede oil production. The conclusion is that using 8 to 20 injection ports does not significantly 

impact the first year production. Therefore, the convective heat transfer distribution and the change 

in the oil production potential distribution change in time should be used to find the optimal number 

of injection ports. 

 

Figure 4.8 is the initial oil production potential along the well pair versus the convection heat transfer 

along the injector after 6 and 12 months for a maximum steam injection rate of 350 m3/d. The results 

shown in this figure are similar suggesting that using injection GDAs with 8 to 20 ports provides 

similar convective heat transfer distribution in the first year.  

 

The initial oil production potential and the oil production potential after 6 and 12 months for both 

models with steam injection rates of 150 and 350 m3/d are overlaid in Figure 4.9.  Case 11 with 14 

injection ports provides slightly better conformance than other GDAs. Furthermore, in this case, the 

oil production potential distribution along the well pair after 6 and 12 months better matches with 

the initial oil production potential. Therefore, an injection GDA with 14 ports is recommended.  

 

Step III: Determining the Number of Ports for the Producer GDA 

Step II demonstrated that the optimum wellbore dynamics can be achieved using a GDA with 14 

injection ports. For Step III, the number of injection ports remained constant 14, and the number of 
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producer ports was increased from 0 to 8. The simulation results for Step III are presented in Table 

4.7.  

 

These simulation results indicate that an increase in the number of production GDA ports from 0 to 

8 does not significantly change the overall oil production and well pair performance. Therefore, the 

oil production potential change in time and convective heat distribution should be used to find the 

optimum producer GDA design. 

 

Figure 4.10 illustrates the initial oil production potential along the well pair versus the convection 

heat transfer along the injector after 6 and 12 months for Step III runs for a maximum steam injection 

rate of 350 m3/d. The results shown in this figure are generally similar; however, Case 19 containing 

4 production ports provides slightly better conformance than other GDAs. 

 

The initial oil production potential and the oil production potential after 6 and 12 months for both 

models with the steam injection rates of 150 and 350 m3/d are overlaid in Figure 4.11.   Case 19 with 

4 production ports provides slightly better conformance than other GDAs for a steam rate of 350 

m3/d, while Case 20 containing 5 production ports demonstrates slightly better performance for a 

steam rate of 150 m3/d. Since it is expected that the operational steam rates here are closer to the 

higher steam rate for most of the well pair life, a production GDA with 4 ports is recommended. 

 

4.5 Investigation of the Benefits of using Injection and Production GDAs 

The wellbore modeling tool in CMGôs STARSTM, FlexWellTM, can be used to investigate the 

benefits of using injection and production GDAs. In order to show these benefits, the Base Case 



95 
 

model where no GDA is used was compared to the optimal case containing an injection GDA with 

14 ports and a production GDA with 4 ports. 

 

Figure 4.12 compares the steam injection rates and pressure at the heel of the injection tubing 

between the Base Case model with no GDAs and the optimum case. As this figure shows, using 

injection GDAs, steam can be injected at higher rates with lower bottomhole pressures (BHPs). This 

is important for wells constrained by pressure. Moreover, using injection GDAs reduces surface 

pressure requirement, as lower BHPs translate to lower wellhead pressures. 

 

Figure 4.13 compares the pressure profile for the same pressure and steam quality at the heel of the 

injection tubing between the Base Case model with no GDAs and the optimum case. As shown in 

this figure, for the same pressure, temperature and steam quality at the heel of injection tubing, the 

cases without GDAs and with GDAs report the steam rates of 241 and 350 m3/d, respectively. Using 

an injection GDA, higher steam injection rates can be attained with a less pressure drop in the 

horizontal wellbore. In this case, 200 m3/d of steam exits the tubing through the injection GDA and 

the remaining 150 m3/d of steam flows through the toe. Therefore, there is a lower friction pressure 

drop from the GDA to the toe (slower slope). This results in thermal efficiency improvement, and 

the annulus in the case with an injection GDA will have a higher and more uniform temperature 

(Figure 4.14). 

 

Figure 4.15 compares the pressure profile in the producer wellbore after one year of SAGD between 

the Base Case model with no GDAs and the optimum case. The pressure difference along the 

producer annulus in the Base Case is 54 kPa, while this difference for the optimum case with a GDA 



96 
 

is 7 kPa.  Using a production GDA results in more uniform pressure in the producer annulus. This 

helps to avoid steam production and short-circuiting. 

 

Using a production GDA, 56% of the produced liquid enters the production tubing/scab liner through 

the GDA. Hence the pressure drop from the toe to the GDA location is much less in the case of using 

the production GDA compared with the case with no production GDA.  

 

4.6 Summary and Conclusions 

¶ A workflow for designing orifice based FCDs for the SAGD wells was presented. The OPP based 

approach includes both reservoir and wellbore flow modelling. The workflow is applicable to 

other types of FCDs. This method also can be used for both simple and complex reservoirs 

containing heterogeneous geology and hydraulic barriers and baffles. 

¶ The reservoir simulation results suggest that the optimum design is achieved when the injected 

energy is distributed in proportion to OPP along the horizontal section of the SAGD wells and 

the pressure profiles in the wells annuli minimize the risk of steam breakthrough into the 

producer. 

¶ The benefits of using orifice based FCDs in improving chamber conformance and oil production 

was explored using a reservoir model coupled with a wellbore model. The coupling is key in 

quantifying the impact FCDs make in improving SAGD performance. 
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kh kv ű Sw 

 [mD]  [mD]  [%]  [%]  

Shale  0 0 0 100 

Cummings 1,000 800 0.24 35 

Dirty Channel  100 80 0.2 35 

Dina 4,000 3,200 0.33 15 

Devonian 0 0 0 100 

Table 4.1- Reservoir properties for the five formations in the model. 

 

 

 

 

 

 

Temperature Dead oil Viscosity 

[oC] [cp] 

29 5,243.13 

49.6 1,066.78 

76 252.06 

102.4 89.92 

128.8 41.02 

155.2 21.69 

208 7.94 

247.6 4.68 

300.4 2.84 

326.8 2.36 

340 2.17 

Table 4.2- Dead oil viscosity versus temperature. 
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Sw krw krow  SL krg krog 

0.15 0.0000 1.0000  0.15 1.0000 0.0000 

0.20 0.0002 0.9500  0.20 0.9500 0.0000 

0.25 0.0016 0.8400  0.25 0.8400 0.0000 

0.30 0.0055 0.7200  0.30 0.7200 0.0000 

0.35 0.0130 0.6000  0.35 0.6000 0.0130 

0.40 0.0254 0.4700  0.40 0.4700 0.0254 

0.45 0.0440 0.3500  0.45 0.3500 0.0440 

0.50 0.0698 0.2400  0.50 0.2400 0.0698 

0.55 0.1040 0.1650  0.55 0.1650 0.1040 

0.60 0.1480 0.1066  0.60 0.1096 0.1480 

0.65 0.2040 0.0700  0.65 0.0750 0.2040 

0.70 0.2710 0.0400  0.70 0.0450 0.2710 

0.75 0.3520 0.0150  0.75 0.0270 0.3520 

0.80 0.4470 0.0000  0.80 0.0200 0.4470 

0.85 0.5590 0.0000  0.85 0.0100 0.5590 

0.90 0.6870 0.0000  0.90 0.0050 0.6870 

0.95 0.8340 0.0000  0.95 0.0000 0.8340 

1.00 1.0000 0.0000  1.00 0.0000 1.0000 

Table 4.3- Relative permeability tables. 

  

 

 

 

 

 
Table 4.4- Simulation results summary for Step I (Cases 0-8) 
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Producer Constraints During Bullhead 

Producer: Max Steam Injection Rate=400 m3/d CWE 

    Max BHP=8,500 kPaa 

 

Producer and Injector Constraints During SAGD  

Producer: Min BHP=2,200 kPaa 

   Max Steam Production Rate Allowed in the Wellbore= 0.5 m3/d CWE  

   Max Liquid Rate=900 m3/d 

 

Injector:  Max BHP=3,500 kPaa  

                Max Steam Injection Rate=350 m3/d CWE 

Table 4.5- Producer and injector constraints 

 

 

 

 

 
 

 

 
Tables 4.6a and 4.6b- Simulation results summary for Step II 
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Table 4.7- Simulation results summary for Step III 
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Figure 4.1a- Steam Splitter and Production Ports35 

 

 

 

 

 

 

 

 

 

 

 
Figure 4.1b- SuperShiftableTM GDAs35 
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Figure 4.2-Senlac J1 injector (left) and producer (right) wellbore schematics 

 

 

 

 

 

 

 

 

 
Figure 4.3-Model dimensions (a) and formation distribution in the model (b) 
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Figure 4.4-Oil production potential across the SAGD well pairs 

 

 

 

 

 

 
Figure 4.5-Three year oil production rate forecast for the simulation runs in Table 4.2. 

 

Impact of GDAs on performance is 

more significant in the first year.  
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Figure 4.6- Initial oil production potential along the well pair and convection heat transfer along 

the injector for Step I runs. 

 

 

 

 

 
Figure 4.7-Lateral steam chamber growth after one year of SAGD (Step I) 
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 Figure 4.8- Initial oil production potential along the well pair and convection heat transfer along 

the injector for Step II runs. 

 

 

 

 

 

 
Figure 4.9- Initial oil production potential overlaid on Oil Production Potential after 6 and 12 

Months for Step II runs. 

Steam rate: 350 m3/d                                                       Steam rate: 150 m3/d  
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Figure 4.10- Initial oil production potential along the well pair and convection heat transfer along 

the injector for Step III runs. 

 

 
Figure 4.11- Initial oil production potential overlaid on Oil Production Potential after 6 and 12 

Months for Step III runs. 


