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ABSTRACT 

Petroleum exploration and development comes with high risks and capital spending. It is an 

essential goal to balance capital and operational requirements for selecting an optimal field 

development plan. Understanding the origin of oil, condensate and gas, and the rocks where these 

fluids are stored helps to achieve that essential goal. This research addresses those issues as current 

optimization methods applied to field development problems are computationally expensive. Thus, 

the objectives of this research are to develop methodologies for (1) understanding petroleum 

generation through millions of years and its link with current reservoir rocks, and (2) devising 

algorithms and procedures for optimizing fast and at low cost the production efficiency of shale oil 

reservoirs.  

The first objective is met with the use of a modified Pickett plot that is extended from a snapshot 

in time (the time in which well logs are run) to millions of years of burial and maturation trajectory. 

The approach is explained with data of the Niobrara shale. The plot is further extended for the 

evaluation of Biot coefficient, which is important to solve drilling and completion problems. 

Porosity and permeability from drill cuttings are included in the analysis. 

The second objective is met with the development of an original algorithm, termed in this thesis 

climbing swarms (CS) algorithm, which is used for well control and design optimization problems. 

The CS is coupled first with a numerical simulator and next with a material balance. The CS 

converges faster to a higher quality solution and provides advantages over existing field 

development optimization methods. An application using Eagle Ford shale data is presented for 

optimizing oil recovery during Huff and Puff gas injection and re-fracturing operations. It is 

concluded that the methods developed in this thesis allow faster learning and at lower cost regarding 

possible field development plans for shale petroleum reservoirs, a task that would be time 

consuming, tedious and not as accurate, if carried out manually. 
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PREFACE 

In this work, optimization refers to objective function minimization with a structured and 

automated derivative-free algorithm that generates solutions vectors after conducting 

function evaluations and the best outcome is selected from the solution vectors under given 

circumstances. None of the input variables is modified or updated manually once the 

algorithm starts the optimization process. To accomplish this goal the algorithm runs 

directly the numerical simulator or the material balance model without human intervention. 

Optimization can also be taken to mean minimization since the maximum of a function can 

be found by seeking the minimum of the negative of the same function. 
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CHAPTER ONE:  INTRODUCTION  

1.1 Motivation and Justification 

There are more than 100 Huff and Puff gas (H & P) injection pilots going on at this moment 

in the Eagle Ford Shale. To the best of knowledge of the GFREE research team, many of 

the activities in the pilot wells have been performed by trial and error in order to learn as 

much as possible from the pilots. These include, for example, gas injection rates, duration 

during which gas should be injected, possible soaking times and duration during which oil 

should be produced.  

Thus, a key motivation of this research was to find means of improving the benefits of Huff 

and Puff gas injection quickly and at low cost by considering the optimal time periods of 

gas injection, gas rates, and oil production that maximize the net present value (NPV) of a 

given asset. 

At end of 2017 the total world proved oil reserves stood at 1,696.6 billion barrels (Figure 

1.1) and the total world proved natural gas reserves stood at 193.5 trillion cubic meters 

(Figure 1.2). These estimates amount to about 18.9 percent increase of proved oil reserves 

and 18.3 percent increase of proved natural gas reserves between 2007 and 2017. This 

reserves increase is largely due to contributions from unconventional reservoirs such as oil 

sands in Canada and shale petroleum reservoirs. Proved reserves of oil and natural gas are 

generally defined as those quantities that geological and engineering information indicate 

with reasonable certainty can be commercially recovered in the future from known 
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reservoirs under existing economic and operating conditions (BP Statistical Review of 

World Energy, June 2018). 

 

Figure 1-1τ Distribution of world proved oil reserves in 1997, 2007, and 2017 

(Adapted from BP Statistical Review of World Energy, June 2018). 
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Figure 1-2 ð Distribution of world proved natural gas reserves in 1997, 2007, and 

2017 (Adapted from BP Statistical Review of World Energy, June 2018). 

 

These proved reserves of oil and natural gas are huge even without considering the 

potentially recoverable volumes of oil and natural gas from contingent and propective 

resources, which may be re-classified in the future as reserves if all contingencies 

(technical and non-technical) are resolved. Producing these huge volumes of oil and natural 

gas will require a substantial number of wells, and adequate planning for field development 

and capital spending.  

 

These proved reserves of oil and natural gas represent the quantities found both in 

conventional and unconventional petroleum reservoirs (Figure 1.1 and 1.2). According to 

the United States (U.S.) Energy Information Administration (E.I.A), oil from 
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unconventional reservoirs is  expected to contribute the most to the oil production increase 

in the U.S. through 2040 providing a volume of more than 6 million barrels of oil per day 

in the coming decade (Figure 1.3). This production increase is largely driven by 

improvements in horizontal drilling and hydraulic fracturing technology that have reduced 

drilling and completion costs and improved well operations efficiency. With the clamor for 

green energy technologies, I anticipate that demand for oil may be somewhat impacted in 

the future especially in developed countries. This, however, will not likely be the case of 

developing countries. 

 

 

Figure 1-3 ð U.S. Oil production forecast including contribution from conventional 

and unconventional reservoirs (Adapted from the United States E.I.A. Annual 

Energy Outlook, February 2017). 
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Due to these technological improvements, the United States Energy Information 

Administration (E.I.A) recorded that hydraulically fractured horizontal wells accounted for 

69 percent of all oil and natural gas wells drilled in the United States and 83 percent of the 

total linear footage drilled. As shown in Figure 1.4, the well-count for hydraulically 

fractured horizontal wells is increasing while the well-count for wells drilled and 

completed using other techniques is gradually decreasing. 

 

 

Figure 1-4 ð Increase in horizontal and hydraulically fractured wells based on 

monthly crude oil and natural gas well-count by type between 2000 and 2016 

(Adapted from United States E.I.A. Annual Energy Outlook, December 2018). 

 

As evidenced in Figures 1.1 to 1.4, the quantity of proved oil and natural gas reserves 

continues to increase from year to year. Thus, improvements in reservoir characterization, 

field development planning, and optimization is justified because the number of wells 

required to drain these reserves will also continue to increase. However, significant 
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challenges remain especially in the quantitative and qualitative evaluation of 

unconventional petroleum reservoirs and in the determination of optimal field development 

plans. Some of the field development planning challenges include: (1) how to identify the 

right technology for shale reservoirs, some of which are carbonaceous, (2) when is the 

optimal time to perform improved oil recovery operations such as refracturing and/or huff 

and puff gas injection, (3) how to identify the optimal perforation depth, well length and 

spacing of horizontal wells, well orientation (honoring the direction of stress) and (4) how 

to learn faster about reservoir depletion strategies while considering all possible field 

development scenarios.  

 

In addition to these challenges, field development optimization is in general 

computationally demanding since the key objective functions (e.g. recovery factor, net 

present value (NPV)) necessitate reservoir simulation and/or material balance calculations 

at the field scale level, which for large petroleum fields require several wells. This 

computation time from reservoir simulation models can be worrisome requiring thus 

determination of the objective function through an alternative approach, which in this thesis 

is carried out with the use of material balance calculations. Therefore, this thesis 

concentrates on addressing these challenges and offering possible solutions.  

 

1.2 Research Objectives 

The primary goals of this research are to develop methodologies for linking the generation 

of oil, gas and condensate with characterization of shale reservoirs and to learn faster at 
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lower cost how to drive economic recovery enhancement in shale petroleum reservoirs 

penetrated by single or multiple wells. Included in the economic recovery is the 

implementation of huff and puff (H&P) gas injection. I summarise the work performed in 

this thesis under three main components: (1) petroleum origin and reservoir 

characterization, (2) field development optimization, and (3) huff and puff (H&P) gas 

injection. 

 

Presented below is a brief discussion of research objectives: 

 

 Petroleum Origin and Reservoir Characterization 

1. Carry out laboratory measurement on drill cuttings to determine porosity and 

permeability. 

2. Develop a modified Pickett plot for evaluating: (i) burial, maturation trajectories, 

and generation of oil, condensate and gas in shale petroleum reservoirs, (ii)  Biot 

poroelastic coefficient, and (iii) petrophysical properties of carbonaceous rock 

samples. 

 

 Field Development Optimization 

1. Develop a new derivative-free algorithm and new procedures for field development 

optimization. Couple the algorithm with a commercial reservoir simulator and/or 

material balance calculation. Field development optimization scenarios considered 
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in this thesis include wellbore placement, hydraulic fracturing design, and well 

control parameters for improved oil recovery (IOR) techniques.  

2. Combine the derivative-free algorithm, simulator and/or material balance 

mentioned in the previous paragraph with an economics module to complete the 

field development optimization based on an economic indicator as objective 

function e.g. net present value.  

 

 Huff and Puff (H&P) Gas Injection 

1. Use the derivative-free algorithm for optimizing well control variables for economic 

recovery during oil production operations in the Eagle Ford shale.   Evaluate IOR by 

huff and puff (H&P) gas injection. Optimize: (i) time for starting H&P operations, (ii) 

gas injection rates, (iii) time duration of each gas injection rate and oil production 

during each cycle, (iv) reservoir pressure at which the well should be switched from 

oil producer to gas injector.   

2. Repeat the previous step for the case in which the well is re-fractured (RF) previous 

to the beginning of H&P and at some time in the future when H&P is already being 

implemented.  

 

1.3 Thesis Organization 

The above topics are discussed in this thesis throughout nine chapters. Chapter One (this 

chapter) is the introduction to the thesis including the motivation, justification and 
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objective of this research. The chapter includes an overview of petroleum origin and 

reservoir characterization, field development optimization and huff and puff gas injection.  

 

Chapter Two is a literature review including an overview of work done by several 

researchers. The chapter is broadly grouped into four categories: (1) Field development 

planning and optimization, (2) Reservoir characterization, (3) Improved oil recovery and 

(4.) Derivative-free algorithms. 

 

Chapter Three discusses porosity and permeability of carbonaceous rocks from drill 

cuttings. The methodology was developed by the GFREE group at the University of 

Calgary. Application of results is also included in this chapter. 

 

Chapter Four discusses an original method developed in this thesis for analyzing, from a 

petroleum engineering point of view, burial and maturation trajectories in shale petroleum 

reservoirs with the use of modified Pickett plots. These topics are routinely handled by 

geoscientist. However, the direct integration with petroleum engineering developed in this 

thesis is important as this will help with location of sweet spots, and optimization of well 

locations and completions. The Chapter also develops a new method that incorporates in a 

Pickett plot, in addition to the customary petrophysical evaluation, the Biot poroelastic 

coefficient. This is important as Biot coefficient plays an important role in solving many 

practical petroleum engineering problems, including for example, design of hydraulic 

fracturing jobs and estimation of in-situ closure stress on proppant. Finally, the Pickett plot 
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is used to evaluate porosity and permeability data estimated from Carbonaceous drill-

cutting samples. 

 

Chapter Five presents the development and application of the new algorithm developed in 

this thesis, which has been named ñClimbing Swarms (CS)ò and is coupled with a 

numerical simulation commercial model. It is a hybrid of Particle Swarm Optimization 

(PSO) and Hill Climber (HC) optimization methods. These algorithms coupled with the 

simulation model are used for solving problems related to optimal placement of wellbore 

trajectories, and number of hydraulic fractures along the horizontal well. 

  

Chapter Six presents the development of a new methodology that integrates derivative-free 

algorithm, material balance calculations and undiscounted net present value (NPV) at the 

scale of field operations. The objective is to learn faster and at a low cost how to plan field 

development, and how to improve oil recovery and NPV from shale petroleum reservoirs.  

The methodology is explained with the use of H&P gas injection and RF operations 

conducted in multiple wells.  

 

Chapter Seven presents the integration of derivative-free algorithms and material balance 

calculations to investigate actual Eagle Ford H & P gas injection conducted in a horizontal 

well. Key cases include: (1) optimum performance going forward from the last operation 

date of the H&P operation, and (2) an evaluation of what the performance of the H&P pilot 
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would have been by carrying out the procedure proposed in this work as compared to what 

actually was done in the field.  

 

Chapter Eight presents an application of Climbing Swarms (CS) and PSO for well control 

production optimization of an H&P pilot operation and compares the performance of 

standalone PSO against the CS proposed in this thesis. 

 

Chapter Nine contains a summary of the thesisôs finding, conclusions and 

recommendations. 

 

1.4 Technical Publications 

Parts of this research have been presented at the following international conferences: 

¶ Olusola, B., and Aguilera, R. 2018. Determination of Thermal Maturity and 

Maturation Trajectories in Shale Petroleum Reservoirs with the Use of Modified 

Pickett Plots. Society of Petroleum Engineers. doi:10.2118/189791-MS 

¶ Olusola, B., and Aguilera, R. 2018. Optimization of Horizontal Wellbore 

Trajectory and Placement of Hydraulic Fracturing Stages in Tight Heterogeneous 

Gas Condensate Reservoirs Using Derivative Free Algorithms. Society of 

Petroleum Engineers. doi:10.2118/190071-MS 

¶ Olusola, B., Nahla, B. and Aguilera, R. 2017. ñLocalized Reservoir 

Characterization Model for Hydraulic Fracturing Design in Tight Reservoirs,ò 

paper SPE-185031-MS prepared for presentation at the SPE Unconventional 

Resources Conference held in Calgary, Canada (15ï16 February, 2017).  

 

The following papers are being prepared for presentation at international conferences: 

¶ Olusola, B. and Aguilera, R. 2019. Climbing Swarms (CS): A Derivative-Free 

Algorithm for Optimizing Development of Shale Petroleum Reservoirs. 

¶ Olusola, B. and Aguilera, R. 2019. Optimizing Oil Recovery by Huff and Puff Gas 

Injection and Refracturing in Multi-Well Shale Petroleum Reservoirs: How to 
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Learn Faster and at Lower Cost. 

¶ Olusola, B. and Aguilera, R. 2019. Integration of Biot Coefficient on Pickett Plots. 
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CHAPTER TWO:  LITERATURE REVIEW  

2.1 Overview 

This chapter presents an overview of relevant work done by several researchers and is 

broadly grouped into four categories: (1) Field development planning and optimization of 

shale petroleum reservoirs, (2) Reservoir characterization of petroleum reservoirs, (3) 

Improved oil recovery, and (4.) Derivative-free optimization algorithms. Although, there 

are interdependencies between each of these four categories, this chapter treats each 

category as a distinct topic in order to provide the reader with a basic overview of the 

impact of each category on shale petroleum reservoirs. 

 

2.2 Field Development Planning and Optimization 

Petroleum exploration and development involves high risks and significant capital 

expenditures.  Thus, the need to balance capital and operational requirement with a view 

to selecting an optimal field development plan. This optimal field development plan 

requires technical solutions that would mitigate risks and capital expenditure in each 

planning phase such that business objectives (for example, net present value (NPV) or 

cumulative oil recovery) are maximized. 

 

Figure 2-1. ð Field Development planning to mitigate risks and control capital 

expenditure. 
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As shown in Figure 2-1, field development planning is an important phase in the energy 

industry where significant amounts of technical resources are deployed to mitigate risks. 

This phase involves first characterization of the reservoir, then field development studies, 

and next the presentation of recommendations for an optimum field development plan. 

Therefore, the focus of this thesis is on (1) field development optimization and (2) how to 

learn faster and at lower cost the economic drivers leading to improved recovery from shale 

petroleum reservoirs. To achieve these research objectives, reservoir simulation (e.g. 

numerical or semi-analytical material balance) forecasts, economic evaluations (e.g. NPV), 

derivative-free optimization algorithms, and improved oil recovery techniques are 

integrated in this thesis to solve field development optimization problems as shown in 

Figure 2-2. 

 

Figure 2-2 ð Integration of reservoir simulation, material balance forecast, 

derivative-free optimization algorithms, net present value and improved oil recovery 

techniques to learn faster at lower cost, field development optimization strategies. 
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The better the shale reservoir is understood, the easier it is to optimize its lifetime 

performance. Thus, detailed reservoir characterization is needed for generating field 

development planning and optimization strategies.  

 

Numerical reservoir simulation is one of the petroleum industry most accepted ways of 

conducting field development studies.  A typical step in conducting numerical reservoir 

simulation involves using field data to create an accurate geological model that contains 

rock and fluid properties. The model is used for different tasks, for example designing wells 

based on the completion strategy, for developing depletion strategies, and for incorporating 

improved (IOR) and enhanced oil recovery (EOR) schemes. An extensive history match of 

the production data may be performed to validate and modify input data, as needed. Once 

this step is complete, the reservoir model can be taken as a base case, and numerous field 

development optimization scenarios can be undertaken. These include, for example, 

number of wells, time to start IOR or EOR schemes, well design and control constraints 

affecting well performance. The challenge here is that geoscientists and reservoir 

simulation engineers can spend several hours and sometimes months to complete these 

reservoir simulation studies and model accuracy is still not guaranteed, especially if the 

operator is considering more drilling locations, which is the case for most shale oil fields. 

 

But in addition to the long times mentioned above, accuracy of the simulation model might 

be a problem.  An example has been presented by Firoozabadi and Thomas (1989) who 

used ten dual-porosity simulators from different operating and service companies to study 
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the physics of multiphase flow in fractured porous media and the influence of fracture 

capillary pressure on reservoir performance. They concluded that further development of 

the physics and numerical modeling of naturally fractured petroleum reservoirs was 

required as results from each simulator were noticeable different.  

 

Despite the significant time spent on building numerical reservoir models, the ultimate test 

of the accuracy of its prediction is its ability to reproduce the historical production data. 

This is good but it is time-consuming. Conducting reservoir simulation studies to make 

field development decisions for one well can be time-consuming; even more so when 

conducting field development plans for 100 or more wells. In this case many weeks and 

months would be required to deliver reasonable results. Thus, it makes sense to seek semi-

analytical models that can reproduce historical production data reasonably well within 

shorter time frames. This would provide opportunities to make field development decisions 

on time and on budget. This is a key objective of this thesis.  

One key field development question with a view to improve economic oil recovery in shale 

petroleum reservoirs is identifying the right technology fit for such reservoirs; perhaps the 

effectiveness of IOR or EOR (e.g. huff and puff gas injection), well control (e.g. gas 

injection rates), and design variables (e.g. number of fracture stages) on production 

performance. 
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2.3 Reservoir Characterization of Petroleum Reservoirs 

To understand shales, reservoir characterization is an essential part of the optimization 

process that must be conducted. Therefore, reservoir characterization work is included in 

this thesis. Some of the methods are available in the petroleum engineering literature and 

some have been developed as part of the research conducted in this thesis. The original 

work along these lines includes the use of modified Pickett plots for evaluating, in addition 

to water saturation, thermal maturity and maturation trajectories, critical porosity and the 

corresponding permeability, pore throat aperture (rp35), Biot coefficient and compressional 

slowness. I also generated a Pickett plot that includes for the first time Biot coefficient. 

This is an effort for integrating petrophysics and rock mechanics. 

 
 Thermal Maturity and Maturation Trajectories 

A summary of thermal maturity and maturation trajectories, and their integration with 

petroleum engineering, which should prove valuable during drilling, completion and 

development operations is included in this section. This new methodology uses a modified 

Pickett plot.  

 

Estimates of oil saturation index (OSI) and a comparison with Rock-Eval Pyrolysis 

measurements for determining maturity, as well as estimates of organic and inorganic 

porosities in shale oil reservoirs, have been presented by Piedrahita and Aguilera (2017a, 

b). ñMaturation is the process of a source rock becoming capable of generating oil or gas 

when exposed to appropriate temperatures and pressureò (Schlumberger Oilfield Glossary, 
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2017). Maturation develops through millions of years; through processes of diagenesis, 

catagenesis and metagenesis (Figure 2-3).  

 

Diagenesis is the physical, chemical or biological change of sediments into sedimentary 

rock, or alteration of the rockôs original mineralogy and texture. Diagenesis (as opposed to 

metamorphism) occurs in the outer crust at temperatures less than 50o C (Tissot and Welte, 

1984). 

 

Catagenesis is the physical and chemical alteration of sediments and pore fluids at 

temperatures in the range of 50 to 150o C and at pressures higher than those of diagenesis. 

Liquid hydrocarbons are generated at this temperature. At the highest temperature, 

secondary cracking of oil molecules can generate gas molecules (Tissot and Welte, 1984). 

 

Metagenesis is the last stage of maturation and conversion of organic matter to 

hydrocarbons. Metagenesis occurs at temperatures of 150 to 220o C. At the end of 

metagenesis, methane or dry gas is evolved along with non-hydrocarbon gases such as 

CO2, N2 and H2S, as oil molecules are cracked into smaller gas molecules. 

 

In standard procedures, geochemical models are used to characterize organic matter by 

determining their (i) quantity or richness, (ii) quality and (iii) thermal maturity. The organic 

matter quantity is evaluated from total organic carbon (TOC). The quality of organic matter 

depends on the type of kerogen present, which can be analyzed combining several 

techniques such as petrographic organic analysis, van Krevelen diagrams, hydrogen index, 
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HI, and S2/S3 ratio determined in the laboratory from a Rock-Eval pyrolysis test. S2 is 

hydrocarbon obtained during thermal pyrolysis of a sample during a Rock-Eval pyrolysis 

test in mg HC/g rock, and S3 is CO2 formed during pyrolysis stage during a Rock-Eval 

pyrolysis test in mg CO2/g rock. 

 

 
 

Figure 2-3 ð A comparison of maturity and relative yields of oil and gas from Type 

I and II kerogen (Hunt, 1996). Vitrinite reflectance (Ro) and Tmax (oC) values are 

compared with typical hydrocarbon (HC) products and maturity windows, though 

these comparisons are highly generalized (Ness, 2001). 
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Thermal maturity can be evaluated from vitrinite reflectance or other parameters such as 

Tmax or thermal alteration index, TAI. Tmax is the maximum oven temperature in °C in 

associated with S2 peak during a Rock-Eval pyrolysis test. Examples of some of the 

geochemical data mentioned above are presented in Figure 2-4 (Finn and Johnson, 2005), 

which shows plots of data from Rock-Eval analysis of kerogen in 28 Niobrara Formation 

samples extracted from the USGS Organic Geochemistry Database. The samples are from 

drill cuttings from northwestern Colorado and south-central Wyoming (the samples from 

northwestern Colorado are from the Sand Wash Basin and the northern part of the Piceance 

Basin). Figure 2-4 (a) shows a crossplot of S2 vs. total organic carbon, Figure 2-4(b) 

shows the maturation trajectories for, respectively, Type I to Type III kerogens in a 

crossplot of hydrogen index vs. Tmax, and Figure 2-4(c) shows a modified van Krevelen 

diagram. Most samples indicate a Type-II oil -prone kerogen with some Type-III. Black 

dots represent samples with a Tmax < 435 oC, red dots represent samples with a Tmax Ó 435 

oC.  

 

In this thesis I develop a new procedure for evaluating maturation trajectories with the use 

of modified Pickett plots. The standard Pickett plot (log-log crossplots of true resistivity 

vs. porosity) has been used historically as a powerful tool for petrophysical analysis of well 

logs. Since its inception (Pickett, 1963), the plot has been shown to be very powerful for 

determining water saturation through a pattern recognition approach (Pickett, 1973), and 

for estimating values of the porosity exponent, m, and water resistivity, Rw, at reservoir 

temperature. An example is presented in Figure 2-5 
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Figure 2-4 ð Plots of data from Rock-Eval analysis of kerogen of 28 Niobrara 

Formation samples extracted from the USGS Organic Geochemistry database. Black 

dots represent samples with a Tmax < 435 oC, red dots represent samples with a Tmax 

Ó 435 oC. Vitrinite reflectance ranges from 0.60 to 1.35 in the oil window and from 

1.36 to 2.00 in the gas window (Finn and Johnson, 2005). 



   

50 

 

 

 

Figure 2-5 ð Conventional Pickett plot (Aguilera, 1990a). 

 

The Pickett plot has been extended throughout the years for evaluation of water saturation 

deterministically (Pickett, 1966, 1973) and also using the P1/2 statistical technique (Porter 

et al, 1969; Aguilera, 1974, 1976; Etnyre, 1982), and for determination of other parameters 

of practical importance including, for example, permeability (Aguilera, 1990a), bulk 

volume of water (BVW) (Greengold, 1986), process or delivery speed (k/f) (Aguilera, 

2002), and pore throat apertures, rp and rp35 (Aguilera and Aguilera, 2002). The plot has 

also been used successfully for evaluation of naturally fractured reservoirs (Aguilera, 1974, 

1976) and for evaluation of shaly formations (Aguilera, 1990b).  
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More recently the plot has been used for evaluation of shale petroleum reservoirs (Yu and 

Aguilera, 2011; Wu and Aguilera, 2012; Lopez and Aguilera, 2016), including 

determination of total organic carbon (TOC) and level of organic metamorphism (LOM). 

Figure 2-6 shows an example of a modified Pickett plot for the Niobrara shale (Lopez and 

Aguilera, 2015). Note that the constant water saturation lines are not straight as in the case 

of a conventional Pickett plot, and tend to become nearly vertical at larger resistivities, 

something that is quite unconventional. The lines of constant BVW are not straight either. 

The open black circle in Figure 2-6 was used by Lopez and Aguilera (2015) to demonstrate 

a detailed example calculation for the Niobrara shale.  

 

Another example of the modified Pickett plot, in this case for the Eagle Ford Shale is shown 

in Figure 2-7, notice that at low porosities there is a significant difference in the signature 

of the water-saturation lines compared with the Niobrara well shown in Figure 2-6 (Lopez 

and Aguilera, 2015). Production and huff and puff gas injection data are shown later in this 

report for illustrating the use of derivative free algorithms. 

 

The Pickett plot represents a snapshot in time, which corresponds to the time when the well 

logs are run. In this thesis, the Pickett plot is extended in Chapter 4 from representing a 

snapshot on time to representing millions of years of burial and maturation trajectories. 

The new method is explained with data from 226 Niobrara wells and maturation trajectories 

published originally by Devine (2014).  



   

52 

 

 

 

 
 

Figure 2-6 ð  Modified Pickett plot for Niobrara well, Denver Julesburg (DJ) Basin 

including lines of constant water saturation, flow units A, B and C (dependent on the 

ratio of permeability over porosity), Knudsen number (flow regime) at rp35 and Bulk 

Volume Water (BVW). Neutron-Density (ND) total porosity is the total porosity 

estimated from the combination of neutron and density logs. Niobrara data taken 

from Devine (2014). Crossplot developed by Lopez and Aguilera (2016).  
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Figure 2-7 ð  Modified Pickett plot for Eagle Ford well, Denver Julesburg (DJ) 

Basin including lines of constant water saturation, Knudsen number (flow regime) 

at rp35 and Bulk Volume Water (BVW). Neutron-Density (ND) total porosity is the 

total porosity estimated from the combination of neutron and density logs. Eagle 

Ford data taken from Devine (2014). Crossplot developed by Lopez and Aguilera 

(2016).  

 

2.4 Improved Oil Recovery 

Generally, improved oil recovery (IOR) refers to any activity that increases the recovery 

factor. It encompasses activities such as enhanced oil recovery (EOR) methods (e.g. huff 
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the injection of fluids into the reservoir with the aim of supplementing the natural energy 

present in the reservoir and also interacting with the reservoir rock/petroleum system to 

create favorable conditions for displacing the oil to the producing well. These interactions 

might result in for example lower Interfacial or Surface Tension (IFT), oil swelling, oil 

viscosity reduction, and wettability alteration (Green and Willhite, 1998). It is likely that 

oil recovery might also be increased by gas expansion due to pressure decline during 

production and gravity segregation with counter-flow through vertical or sub-vertical 

hydraulic fractures. 

 

 Re-fracturing 

Remarkable progress made in hydraulic fracturing technology has resulted in significant 

increase in petroleum production from shale reservoirs. Wells that were hydraulically 

fractured using older technologies or stimulated using low proppant concentrations are 

usually candidates for re-fracturing. The type and size of proppant has shown to have a 

great impact on achieved fracture conductivity and ultimately on the well performance 

(Fleming, 1992). Reese et al. (1994) suggests that when choosing between two wells that 

underwent similar initial fracturing treatment, the good well should be selected first for re-

fracturing due to its tendency to yield higher productivity. Their work also demonstrated 

that increasing fracture half-length is the more effective means of improving productivity 

in low permeability formations, while increasing the fracture conductivities is the more 

effective means of improving productivity in permeable formation. They further showed 

that re-fracturing wells in depleted low permeability formations is probably not 
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economically viable as the job may not payout before reaching the economic limit.  

Therefore, knowing whether a reservoir is depleted or not helps to plan when to re-fracture 

a well. Otherwise, it is important to increase reservoir pressure previous to conducting a 

refracturing job (Fragoso et al., 2018c). Extending the fracture half length (Xf) and 

dimensionless fracture conductivity (FCD) are key to a successful re-fracturing operation. 

Figure 2-8 shows a schematic of a wellbore with fracture half-length (Xf) and fracture 

width (Wf). The fracture half-length is the distance between the well and the tip of the 

fracture and depends on the size of the fracture treatment. In analytical and numerical 

models used in this thesis, Xf is assumed to extend equally on each side of the wellbore as 

shown in Figure 2-8. 

 

 

 

 

 

Figure 2-8 ð Fracture properties in hydraulically fractured petroleum reservoirs 

(Adapted from www.fekete.ca, 2018). 

 

The dimensionless fracture conductivity can be defined as the ratio of the fractureôs ability 

to flow fluids through a fracture to the wellbore, to the ability to flow fluids from the 

reservoir to the fracture (Reese et al., 1994), as defined in Equation 2-1: 

╕╒╓
▓█Ȣ◌█

▓Ȣ●█
            Equation 2-1 

Wellbore 

X f 

W f 
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where kf.wf is the fracture conductivity, k is the reservoir permeability, kf is the hydraulic 

fracture permeability, and xf is the fracture half length. 

 

 Huff and Puff Gas Injection 

Typical H&P operations in shale petroleum reservoirs involve injecting gas into an oil 

production horizontal well. This will lead to diffusion of gas components in the oil and to 

aeration of the oil present in the tight matrix. The result will be reduction of oil density and 

viscosity. Next, the same well is returned back to production; this operation can be repeated 

in the same order as many times as possible depending on operational or economic 

constraints. Due to re-pressurization effects stemming from gas injection, it is more 

practical to start H&P after few years (2 to 5 years) of primary production to allow the 

average reservoir pressure to decline below the initial reservoir pressure. If H&P is started 

too early in the life of the well, a large pressure will be required (probably above the initial 

pressure), which might lead to undesired fracturing.   

 

Kong et al. (2016) demonstrated that oil recovery from shale reservoirs is more sensitive 

to the duration of gas injection and oil production in each cycle, compared to the soaking 

time; and that the incremental oil recovery derived from each H&P cycle in the long term 

becomes smaller as more cycles are conducted. Therefore, a good H&P operation should 

optimize these H&P cycles. Fragoso et al. (2018c) performed four cases to show the 

importance of optimizing injection and production cycles during H&P operations. As 

shown in Figure 2-9, their results indicated that the efficiency of constant length cycles 
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between injection and production periods can be reduced over time as more gas is required 

to restore the depleted reservoir pressure. However, with increasing periods of production 

and injection cycles over time; the performance of the H&P operation can be improved 

leading to higher oil recovery in the long run.   

 

Orozco et al. (2018) history matched production data from an Eagle Ford pilot well using 

reservoir simulation and material balance forecasts independently. The novelty of their 

work is the ability to conduct a quick evaluation of production performance of a well under 

H&P gas injection with the use of material balance calculations; saving thus time spent to 

build and run a reservoir simulation model. Figure 2-10 shows a comparison between their 

material balance forecast and field data from an Eagle Ford pilot well. Figure 2-10 also 

highlights the quantified benefits of high gas injection rates in terms of recovery factor, as 

decreasing gas injection rates results in lower oil recovery. In this work, material balance 

calculation procedures by (Orozco et al., 2018a and 2018b) are used for optimization runs 

involving H&P gas injection and re-fracturing operations. These references should be 

consulted for full details on the procedure. 
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Figure 2-9 ð Oil recovery by huff and puff gas injection using different injection and 

production schedules (Fragoso et al., 2018c). 
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Figure 2-10 ð Oil recovery forecast using different gas injection rates and 

comparison between field data and material balance forecast (Orozco et al., 2018). 

 

 Huff and Puff Gas Injection and Re-fracturing 

Fragoso et al. (2018c) investigated the combined benefits of using huff and puff gas 

injection and hydraulic fracturing to improve oil recoveries from shale petroleum 

reservoirs. They concluded that low productivity wells caused by inefficient fracturing 

treatment would not benefit significantly from H&P gas injection since the gas would not 

penetrate the tight matrix pores to mobilize the oil some distance away from the wellbore, 

in this situation, conducting a re-fracturing operation would be required to benefit from 

increased pressure by H&P gas injection. Therefore, in field operations where re-fracturing 
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or H&P gas injection does not provide the desired results independently, combining the 

two operations could deliver the expected high oil recoveries, as shown in Figure 2-11. 

 

 

Figure 2-11  ð Implementation of huff and puff gas injection prior to a re-fracturing 

job (Fragoso et al., 2018c). The red line indicates the impact of H &P and re-

fracturing on oil recovery while the blue solid line indicates the effects of only re-

fracturing on oil recovery. 

 

2.5  Derivative-free Optimization Algorithms 

Extensive literature exists on several topics covering algorithms used for field development 

planning, well design and well control optimization. Here, I discuss mainly derivative-free 

optimization algorithms, which are the types of algorithms developed in this thesis. 
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 Field Development and Well Control Optimization Problems 

Presently, optimization algorithms are used to improve field development planning. 

However, in the past, it was a common practice in the petroleum industry to solve this 

problem using a manual approach, where engineers based on field experience, selected 

certain well locations and number of hydraulic fracturing stages, among others, to run a 

reservoir simulation forecast. Engineers generally considered this simulation run as their 

base case and then modified input parameters, re-run the reservoir simulation model, and 

repeated this process for as many times as they deemed reasonable. Engineers compared 

then their results to determine the optimal field development plan. This is a tedious and 

time-consuming process that does not necessarily lead to the best development plan. This 

is so because in practice, engineers generally work under a limited time frame to present 

their results to management; therefore, they may not consider all possible development 

plans before arriving at their conclusion. This may be problematic, as not considering all 

possible field development plans might lead to results that may be either too conservative 

or too optimistic. This will result in underestimating or overestimating the field 

development cost.  

 

Some authors have done work on field development planning and well control optimization 

for petroleum fields using optimization algorithms such as Particle Swarm Optimization 

(PSO). For instance, Minton and Archer (2014) used genetic algorithms (GA), simulated 

annealing, PSO, and variants of the hill climbing (HC) algorithms to solve the well 

placement optimization problem. They compared the performance of these methods based 
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on convergence and stability. They concluded that PSO, when initialized with educated 

guesses, performed better than the other methods and recommended PSO for industrial 

implementation, as some idea of optimality would exist through intuition and experience. 

Unlike GA, PSO does not need complex encoding and decoding processes and special 

genetic operators like crossover and mutation. PSO uses real numbers as particles, and the 

particles update themselves with internal velocity (Dong et. al, 2005), making PSO easy to 

implement. PSO is a heuristic global search method that have been used to successfully 

optimize field development plans for conventional reservoirs (Onwunalu, 2010; Isebor, 

2013). The benefit of PSO is that it can globally explore the solution search space; 

therefore, chances of it getting trapped in some unsatisfactory local optima are limited 

(Isebor, 2013).  

 

An optimization framework that solves the generalized field development problem for 

conventional oil reservoirs was presented by Isebor (2013). His framework can determine 

the optimal number and type of new wells, the sequence in which they should be drilled, 

and their corresponding location. He employed the following algorithms: (1) the branch 

and bound (B&B) method, which is a rigorous global-search method, (2) PSO, (3) mesh 

adaptive direct search (MADS), which is a local pattern search method, and (4) PSO-

MADS hybrid algorithm. He also assessed the effectiveness of each algorithm and 

concluded that the PSO-MADS algorithms outperformed the standalone PSO and MADS 

search methods. He also found that the PSO-MADS approach delivered comparable results 

to the B&B search method but using less computational cost. Cherry (2016) extended the 
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use of PSO-MADS by Isebor (2013) to find optimal tuning parameters required to create 

surrogate models from shale gas reservoir models and optimize the field development plan 

by considering well location, lateral length, number of hydraulic fracture (HF) stages, 

bottom hole pressure and decision to drill or not drill a well. Xiaodan (2013) applied the 

simultaneous perturbation stochastic approximation (SPSA) and covariance matrix 

adaptation-evolution strategy (CMA-ES) algorithms to solve the hydraulic fracture 

placement and design optimization in unconventional gas reservoirs. He concluded that for 

larger dimensional problems that combine wellbore and HF stages placement, SPSA and 

CMA-ES do not produce results close to the global optimization solutions and show results 

with uncertainty range, opening thus the chance of the algorithms being stuck at some local 

minima. Plaksina (2015) extended the work of Xiaodan (2013) and presented an automated 

optimization strategy for horizontal wellbore and hydraulic fracturing stages placement in 

unconventional gas reservoirs using GA algorithms. 

  

Computation time is one parameter that needs to be reduced to the barest minimum when 

using any global stochastic algorithm. To solve this issue, many authors including Yeten 

et al. (2003), and Isebor (2013) have combined two algorithms (one global search 

optimization method and one local search optimization method) to generate a hybridized 

version of the stochastic search method. This approach has proven to accelerate 

convergence of the global stochastic search methods when solving optimization problems, 

thereby reducing computation time and cost.   
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Detailed study of the literature indicates that a hybrid approach which combines the global 

stochastic PSO method with hill climbing (HC) optimization (local search) method is yet 

to be applied for optimization of field development planning in shale reservoirs. These 

findings provide a key motivation for the research presented in this thesis, where a 

hybridized PSO-HC algorithm is used for solving field development, well design, and well 

control optimization problems in unconventional reservoirs. Hybridized PSO-HC 

algorithm is referred to as Climbing-Swarms (CS) in this thesis. 

 

 Local Derivative-free Algorithm: Hill Climber (HC) 

HC algorithm is a deterministic local derivative-free optimization algorithm. The HC 

algorithm developed by Hooke and Jeeves (1960) is used in this thesis.  The Hooke and 

Jeeves pattern search method takes certain steps along each coordinate direction separately, 

altering one base point at a time and checking if the objective function is improved with a 

view to determine the optimal solution. To accomplish this, the algorithm combines 

exploratory moves and pattern moves. The exploratory moves find the best point in the 

local environment of the current point, while the pattern move find the best point in the 

direction of desired change identified during the exploratory move. If a better solution is 

discovered with this pattern move, the HC algorithm proceeds to seek the solution in that 

direction; otherwise it reduces the step length by a factor and continues with an exploratory 

move. The optimization procedure continues until the step length is reduced below a set 

tolerance value or the algorithm reaches a maximum number of function evaluations at 

which point the optimization process terminates. This method usually accelerates 
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convergence by remembering previous successful steps and attempting a new step in the 

same direction (Yeten et. al, 2003). The implementation of the HC algorithm is further 

explained in Figure 2-12. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 



   

66 

 

 

Initialization: Let x0 be the initial guess such that Ὢὼ   is finite with initial step length Ў > 

0 and stopping tolerance Ў  > 0. The maximum number of iterations in the algorithm 

is Ὧ . 

For k = 0,1, 2,éé., Ὧ  do: 

1. Ὢ ᴺ Ὢὼ  

2. Ὢ ᴺ Ὢὼ  

3. Ў  NЎ 

4. While Ў Ў  do: 

5.       Ὢ    ὉȢὓȢ Ὢ  

6.      If  Ὢ   Ὢ  then 

7.           Ὢ ὖȢὓȢ Ὢ ȟὪ  

8.      else: 

9.           Ў  ɻ  
10.    

11.   If  Ὧ  Ὧ    

12.   Terminate 

13.  

14. function Exploratory Moves Ὢ  

15.     Ὢ  Ὢ  

16.     for all ὼ in ὼ do: 

17.          If  Ὢ ὼ  Ў Ὢ  then 

18.                 Ὢ   Ὢ ὼ  Ў  

19.          else: 

20.                 return   Ὢ  

21.                 break     

22.   
23. function Pattern Moves Æ ȟÆ  

24.       while Ὢ  Ὢ  do: 

25.             Ὢ ‍  Ὢ  Ὢ    

26.            Ὢ ὉȢὓȢ Ὢ  

27.            If Ὢ Ὢ   

28. then 

29.                     Ὢ Ὢ  

30.                    Ὢ  Ὢ  

31.             else: 

32.                   return  Ὢ  

33.                   break 

¶ Set the initial value for Ὢ  

¶ Set the initial value for Ὢ  

¶ Set the initial step length 

¶ Iterate while the Ў Ў   

¶ Do exploratory moves (E.M) 

¶ Found a better position 

¶ Do pattern moves (P.M) 

¶ Unable to find a better solution 

¶ Reduce step length by a reduction 

factor (ɻ). 
 

 

 

 

 

      

¶ Found better value while changing 

ὼ 

 

 

¶ Return the new position 

 

 

 

 

¶ Increment factor ‍ 

¶ Do exploratory moves 

¶ If E.M. found a better solution 

 

 

 

¶ return the current best solution 

 

Figure 2-12 ð Details of Hooke-Jeeves HC pattern search algorithm (Modified from 

Møller, 2016). 
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 Global Derivative-free Algorithm: Particle Swarm Optimization (PSO)  

PSO is a stochastic derivative-free optimization algorithm essential in cases where the 

problem formulation has multiple local optima like field development problems. The PSO 

algorithm is based on the behavior of a colony or swarm of insects or flock of birds and 

mimics the behavior of these social organisms. PSO algorithm was originally introduced 

by Kennedy and Eberhart (1995). The word óparticleô represents a bee in a colony or a bird 

in a flock and each particle in a swarm uses its own intelligence and the group intelligence 

of the swarm to navigate through the search spaces. For instance, if one particle discovers 

a good path to food, the rest of the swarm will also be able to follow the good path instantly 

even if they are located some distance away in the search space (Rao, 2009). Since each 

particle can communicate with its neighbors, smaller neighborhoods (all particles in the 

swarm) provide better global behavior and avoid local optima, while larger neighborhoods 

provide faster convergence as more search space will be explored by each particle per 

generation (Kennedy and Eberhart, 1995). The movement of particles through search space 

is the essence of PSO and the key difference between PSO and other evolutionary 

algorithms (EA). Each particle in PSO has some inertia and velocity that can change as it 

moves through the search space because the particle can remember its best position in the 

past and would like to change its velocity to return to that position or change its velocity 

because it knows the best position of its neighbors at the current generation. Most other 

EAs are more static because they model candidate solutions and their evolution from one 

generation to the next and not the dynamics of the movement of the candidate solution 

through the search space (Simon, 2013).  
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In each iteration, PSO algorithm can evaluate the objective and constraints functions for 

all particles simultaneously thereby making it naturally parallelizable (Isebor et. al, 2014).  

In cases where optimization variables in the reservoir simulation model will only accept 

integer (discrete) values, I round the positions of particles at each iteration to the nearest 

integer value before evaluation. In our implementation of PSO, I have used the random 

variable neighborhood topology, as in Simon (1995), Onwunalu (2010) and Isebor (2013). 

In Onwunalu (2010) and Isebor (2013) work, each particle is connected to some of the 

particles in the swarm but not to the remaining particles. This provides better global 

behavior and avoid local optima.  

 

As in Rao (2009), the PSO algorithm can be implemented through the following 

summarized steps: 

1. Assume the size of the swarm (number of particles) is N. 

2. Randomly generate the initial population of X in the range ὼὰ to ὼό, where ὼὰ  and 

ὼό indicate the lower and upper bounds on X for particle j, respectively. Equation 

2-2 can be used for this purpose: 

                ὼ   ὼὰ ὶ  ὼό  ὼὰ                                                             Equation 2-2 

where ●░
▒  is particle j in i iteration, and  ὶ is a uniformly distributed random 

number in the range 0 and 1. 

3. Initialize the velocity of each particle to zero. 

4. Evaluate the objective function values corresponding to the particles. 
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5. Find the historical best value of X, ὼ in the current iteration, with the highest value 

of the objective function encountered by particle j in all the previous iterations.  

6. Find the historical best value of X, ὼ with the highest value of the objective 

function, encountered in all the previous iterations by any of the N particles. 

7. Find the velocity of particle j in iteration i +1 using: 

 

             ὺ ‫ὺ
 

ίὶὼ ὼ

 

ίὶὼ ὼ

 

Ƞ              Equation 2-3     

Ὦ ρȟςȟȣȣȣȣȣȢȢȟὔ                                                   

   

where ‫ȟί and ί are the inertia weight, cognitive (individual), and social(group) 

learning rates, respectively, and  ὶ and ὶ are uniformly distributed random 

numbers in the range 0 and 1. ί and ί of 1.494 have been used in this thesis, 

further details about the selection and tuning of these parameters can be found in 

Clerc (1999) and Onwunalu (2010). 

 

               ‫  ‫                                                               Equation 2-4 

 

The inertia weight (in Shi and Eberhart (1999) often decreases from about 0.9 (‫ 

at the first iteration to about 0.4 at the last iteration (Ὥ ). Therefore, maximum 

inertia weight (‫  = 0.9 and minimum inertia weight ‫  = 0.4 are 
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commonly used. Larger values of allow global search while smaller values of ‫ 

allows local search. Therefore, an inertia weight whose value decreases linearly ‫ 

with the iteration number helps to slow down the velocity of each particle, which 

speeds up convergence to the true optimum. 

8.  Find the new position of particle j in iteration i +1 assuming time increment, Ўὸ

ρ using: 

 

        ὼ  ὼ ὺ ЎὸȠὮ ρȟςȟȣȣȢȟὔ                                                Equation 2-5 

9. Evaluate the objective function values corresponding to the particles. 

10. Check for convergence and termination criteria. If not satisfied, the process is 

repeated from step 5 to 9 until the convergence or termination criteria is satisfied. 

 

 Constraints Handling Techniques 

Direct application of optimization algorithms to solve field development problems may 

cause some generated optimization parameters to leave the feasible region of the search 

space; therefore, optimization parameters are usually subject to boundary constraints. To 

satisfy boundary constraints and align our work with reservoir engineering concept and 

design, the absorb technique by Helwig and Wanka (2008) was used to set invalid 

optimization parameters on the nearest boundary (Equation 2-6) and all affected velocity 

components are reset to zero in PSO (Equation 2-7). For instance, in PSO, if the algorithm 

has a particle with a well location outside the reservoir model, it will be reset to the value 

on the nearest boundary for acceptable wellbore placement. Among the constraint handling 
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methods studied by Helwig and Wanka (2008), this technique was found to successfully 

keep the particles inside the search space and was applied successfully by Onwunalu (2010) 

for well placement optimization. Other constraints handling techniques were discussed by 

Hu and Eberhart (2002), Zhang et. al (2004), Isebor (2013), Rao (2009) and Jesmani et. al 

(2016). The absorb technique used for PSO, HC and CS is expressed as: 

 

For PSO, HC and CS: 

ὼὯ ρ  

ὼὰ           ὭὪ  ὼὯ ρ  ὼὰ 

ὼό          ὭὪ  ὼὯ ρ  ὼό

ὼ                           έὸὬὩὶύὭίὩ

                                         Equation 2-6 

For PSO and CS: 

ὺὯ ρ = 0   ὭὪ  ὼὯ ρ  ὼὰ  έὶ ὭὪ  ὼὯ ρ  ὼό                Equation 2-7 

 

where ὼὰ and ὼό indicates the lower and upper bounds of the j th component of the search 

space, ὺ is the velocity of jth particle and Ὧ is the iteration counter. 

 

 Optimization Modules 

The optimization procedure consists of three major modules: (i) a reservoir simulator 

module for generating production data for function evaluations. This can either be a 

numerical reservoir simulator or a semi-analytical reservoir simulator such as the material 

balance, (ii) an optimization algorithm module for data transfer between modules, 
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optimization, and continuous iteration until the stop criteria is satisfied, and (iii) an 

economics module to calculate the objective function e.g. NPV.  

2.5.5.1 Economic Module 

In this work, I have used two different equations for the economic module depending on 

whether the production profiles are generated from a numerical simulator or semi-

analytical simulator (material balance forecast). The primary use of the economic module 

is to determine the objective function e.g. Net Present Value (NPV). Calculations are as 

follows: 

 

(1) NPV is the standard manner for calculating the net present value for a summation of 

values that is periodic as shown in Equation 2-8. 

ὔὖὠ В                                                                                      Equation 2-8 

(2.) Net total economic value (NTEV) is a yardstick I am introducing in this thesis for 

calculating the net present value for a summation of values that is not periodic as shown in 

Equation 2-9.  

ὔὝὉὠ
В

                                                                                            Equation 2-9 

The primary difference between NPV and NTEV is that NPV discounts the values per 

period (e.g. yearly) unlike NTEV that discounts the cumulative value at the end of the 

period. Tables 2-1 and 2.3 show a comparison between NPV and NTEV. NTEV at zero 

(0) percent discount rate is equal to undiscounted NPV, while at 10 percent discount rate, 
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NTEV gives a more conservative estimate. The values in Equation 2-8 and 2-9 can be 

represented as an example by Equation 2-10. 

 

ὺὥὰόὩί ὗȢὖ Ȣρ Ὑ   ὅȢρ Ὕ                                             Equation 2-10 

In Equations 2-8 to 2-10, kt is time step, K is the total number of time steps, ὗ  is the 

cumulative volume of oil produced (STB), ὖ is price of oil ($/STB), R is the royalty rate, 

C is the total expenditure which includes capital (e.g. original hydraulic fracturing cost and 

re-fracturing cost) and operating costs, T is the tax rate, D is discount rate, and t is the 

cumulative time periods simulated (years). 

 

Table 2-1 ð Comparison between undiscounted NPV and NTEV. Percentage 

difference between NPV and NTEV is 0.0 % at discount rate of 0.0%. 

Discount Rate 0.0     

Period Value (M$) NPV (M$) NTEV (M$)      

1 4000.00 4000.00 
 

2 500.00 500.00 
 

3 500.00 500.00 
 

4 5000.00 5000.00 
 

5 5000.00 5000.00 
 

TOTAL  15000.00 15000.00 15000.00 
    

 

 

 



   

74 

 

 

Table 2-2 ð Comparison between NPV and NTEV. Percentage difference between 

NPV and NTEV is 15.0 % at discount rate of 10.0%. 

Discount Rate 0.10 
    

Period  Value (M$) NPV (M$) 
NTEV 

(M$) 

0    

1 4000.00 3636.36  

2 500.00 413.22  

3 500.00 375.66  

4 5000.00 3415.07  

5 5000.00 3104.61  

TOTAL  15000.00 10944.92 9313.82 

 

 

 Climbing Swarms Procedure 

The entire optimization process developed in this thesis using Climbing Swarms (CS) is 

automatic without any manual input once it starts. Thus, the CS algorithm runs directly the 

numerical simulator or the material balance model until the optimization job is completed. 

The optimization process starts with the particle swarm optimization (PSO) algorithm, 

which is executed with an initial guess of optimization parameters (e.g. number of 

hydraulic fractures and wellbore trajectories) generated based on engineering experience. 

These parameters are subject to boundary constraints and are transferred to the reservoir 

simulator. After the simulator runs, the production data is passed to the economics module 

to calculate the objective function e.g. NPV. Based on the NPV value, the PSO algorithm 

checks if the new calculated NPV is an improvement over the previous NPV. If it is an 
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improvement, the PSO algorithm accepts the new optimization parameters and continues 

the optimization process until the NPV fails to improve in the next couple of iterations. 

Then, the hill climber (HC) algorithm follows the PSO to improve the NPV and continue 

the optimization process until the NPV fails to improve in the next couple of iterations. 

Then, the PSO algorithm follows to improve the NPV. This process, shown in Figure 2-

13, continues until the maximum number of allowable iterations is reached or other 

termination criteria are satisfied (e.g. the maximum NPV value is reached).  

 

This optimization procedure is quite general and can treat any appropriate objective 

function such as recovery factor, cumulative oil recovery and net present value, among 

others.  

 

 

Figure 2-13 ð Flow chart of optimization process with the CS optimization 

algorithm, economics module, and reservoir simulator. 

1. CS 
Optimization 

Algorithms

2. Reservoir 
Simulator

3. 

Economic 
Module 
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CHAPTER THREE:  POROSITY AND PERMEAB ILITY OF  CARBONACEOUS 

ROCKS 

3.1 Introduction  

This work presents porosity and permeability measurements of carbonaceous drill cuttings 

ranging in size from 2 to 4 mm using previous methods published by the Author of this 

dissertation as part of his masterôs degree (MSc) requirements (Olusola, 2013). The 

application of porosity and permeability data for determining Buckleôs number (Buckles, 

1965), pore throat aperture and capillary pressure is also discussed. 

 

3.2 Experimental Work and Results 

 Porosity Measurement of Drill Cuttings 

Ortega (2012) and Olusola (2013) presented detailed steps for measuring porosity from 

drill cuttings by adapting the laboratory procedure outlined in the American Petroleum 

Institute recommended practice 40 (API RP-40). In this work similar procedure was 

adopted for measuring porosity of carbonaceous drill cutting samples (Figure 3.1). 

 

Figure 3-1 ð Sample of carbonaceous drill cuttings used for porosity measurement. 

Sizes range from 2 to 4 mm. 
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According to API RP-40, porosity is generally defined as the ratio of void space volume to 

the bulk volume of the whole rock. Porosity measurements are important for estimating the 

storage capacity of petroleum reservoirs and for input in reservoir simulation studies, 

among others. Equations 3.1, 3.2 and 3.3 were used to determine the pore volume, bulk 

volume and porosity values for drill cuttings presented in Table 3.1. For detailed 

description of the experimental steps, refer to Olusola (2013). 

 

ὖέὶὩ ὠέὰόάὩ ὖὠ
  

  
                                        Equation 3-1 

ὄόὰὯ ὠέὰόάὩ ὄὠ
 

   
                                             Equation 3-2                  

ὖέὶέίὭὸώ ὪὶὥὧὸὭέὲ
 

 
                                                               Equation 3-3        

 

 Experimental Data Results - Porosity of Carbonaceous Rock Samples     

Results of the experimental work on drill cuttings up to the determination of porosity are 

presented in Table 3.1. The table includes in column 1 the identification of the rock-

cuttings samples, column 2 shows the top depth of rock-cuttings samples, column 3 shows 

the measured dry weight, column 4 contains the measured saturated weight, column 5 has 

the measured immersed weight, column 6 shows the calculated pore volume, column 7 

includes the calculated bulk volume, and column 8 contains the determined porosity. 
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Table 3-1 ð Experimental data results - porosity of carbonaceous rock-cuttings 

samples. 

1 2 3 4 5 6 7 8 

SN 

# 

Top 

Depth,

m 

Dry 

Weight, 

grams 

Saturated 

Weight, 

grams 

Immersed 

Weight, 

grams 

Pore 

Volume, 

cc 

Bulk 

Volume, 

cc 

Porosity, 

fraction 

1 2465 3.807 3.922 1.787 0.112 1.747 0.064 

2 2470 4.306 4.484 2.064 0.174 2.018 0.086 

3 2475 5.065 5.272 2.183 0.202 2.134 0.095 

4 2490 9.915 10.282 4.047 0.359 3.956 0.091 

5 2495 10.164 10.535 4.165 0.363 4.071 0.089 

6 2505 13.381 13.769 5.236 0.379 5.118 0.074 

7 2515 15.165 15.678 5.995 0.501 5.860 0.086 

8 2520 13.638 14.078 5.266 0.430 5.148 0.084 

9 2525 13.656 14.136 5.290 0.469 5.171 0.091 

10 2620 8.397 8.745 3.310 0.340 3.236 0.105 

11 2625 8.028 8.450 3.224 0.413 3.152 0.131 

12 2650 7.759 7.961 3.243 0.197 3.170 0.062 

13 2675 8.523 8.764 3.269 0.236 3.196 0.074         
     

AVERAGE 0.087 

 

 Permeability Measurement of Drill Cuttings 

The Darcylog apparatus patented by CYDAREX (France) was used for measurements of 

permeability of drill cutting samples. Ortega (2012) and Olusola (2013) presented detailed 

steps for using the Darcy Log apparatus in the laboratory. In this work a similar procedure 

was adopted. For detailed description of the experimental steps, refer to Olusola (2013). 

Figure 3.2 shows the use of DarcyLog equipment. Working principles are as follows: (1) 

the rock cuttings are placed inside the cuttings cell containing liquid (Glycerol) that can be 

pressurized, (2) the pressure cell located between entrance valve 1 and pressure valve 2 

contains a bellow and a spring with liquid under pressure (10 bars) that can be injected into 

the cuttings cell; the decline in pressure is recorded by a pressure sensor, (3) the volume of 

liquid that enters the pressure cell is determined as a function of pressure (Darcy Log 
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Manual, 2013).  Prior to this measurement, bellow calibration is performed to ensure that 

the apparatus is working properly and the volume calculation is accurate. 

 

 

 

 

Figure 3-2 ð The left side shows a diagram of the spring and bellow system. The 

right side shows the DarcyLog apparatus (Adapted from Lenormand and Fonta, 

2007). 

 

  Bellow Calibration  

The relationship between pressure and volume is established by calibrating the volume of 

the bellow as a function of pressure (Figure 3.3). The author performed bellow calibration 

using the following procedure:  

1. Open all valves and let the liquid circulate for a few minutes. 

2. Close Valve 2 and put the pressure cell at a pressure, P. 

3. Close Valve 1 and let the pressure equilibrate in the pressure cell for a few minutes 

(record this pressure). 

4. Open Valve 2 and measure the weight of the liquid that is expulsed from the outlet 
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Valve 3. 

5. Using the density of the liquid (water + glycerol = 1.23 g/cc), calculate the 

corresponding volume. 

6. Repeat the experiment with lower pressures for about five or more times. 

7. Plot a graph of pressure versus volume (Figure 3.3), fit a regression line to this 

curve and input the regression parameters into CYDAR software. These parameters 

are now used to calculate the corresponding volume as a function of pressure during 

the experiment. 

 

 

Figure 3-3 ð Bellow calibration; pressure and volume relationship used to convert 

analog pressure signal during measurement to volume. 

 

 Experimental Data Results - Permeability of Carbonaceous Rock Samples 

Results of the experimental work on drill cuttings up to the determination of permeability 

are presented in Table 3.2. The table includes in column 1 the identification of the rock-
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cuttings samples, column 2 shows the top depth of rock samples, column 3 shows the dry 

weight of the rock samples, column 4 contains the initial gas saturation value, which reflect 

the gas trapped inside the cuttings fragments, column 5 has the outside gas volume, which 

represents the volume of gas in the outer side of the cuttings fragments or gas trapped 

between the rubber seals and Darcy Log valves, and column 6 contains the determined 

permeability for the carbonaceous rock samples. Appendix A shows screenshots of the 

best fit between simulated and experimental data. 

 

Table 3-2 ð Experimental data results - permeability of carbonaceous rock-cuttings 

samples  

1 2 3 4 5 6 

SAMPLE 

# 

Top 

Depth, 

m 

Dry Weight, 

grams 

Initial Gas 

Saturation, 

fraction 

Outside Gas 

Volume, 

mm3 

Permeability, 

md 

1 2465 3.787 0.086 119.0 0.025 

2 2470 4.295 0.112 100.0 0.045 

3 2475 4.918 0.025 34.0 0.014 

4 2490 5.468 0.043 130.0 0.024 

5 2495 6.297 0.027 28.0 0.016 

6 2505 6.034 0.040 32.1 0.027 

7 2515 5.839 0.042 46.0 0.028 

8 2520 6.791 0.024 47.5 0.051 

9 2525 6.242 0.030 34.0 0.031 

10 2620 6.986 0.035 93.0 0.110 

11 2625 5.333 0.034 93.0 0.109 

12 2650 6.749 0.088 110.2 0.108 

13 2675 6.733 0.027 15.0 0.020       

    
AVERAGE 0.040 

 



   

82 

 

 

  Application of Porosity and Permeability Data 

The porosity and permeability data from the carbonaceous rock samples provided an easy 

approach to determine other rock properties that would have been more expensive to 

measure in the laboratory.  

3.2.6.1 Buckles Number 

Porosity, permeability and Buckles number (Buckle, 1965) are presented in Figure 3-4. 

Assuming that the reservoir is at irreducible water saturation, the increasing Buckles 

number (product of water saturation and porosity) in the plot is indicative of increasing 

reservoir heterogeneity and not moveable water. 

 

Figure 3-4 ð Buckles plot. The red circles represent porosity and permeability data 

from carbonaceous rock-cutting samples.  Lines of constant permeability are 

represented by solid lines. The dashed lines represent the constant values of the 

product of porosity and irreducible water saturation also known as Buckles number 

(Buckles, 1965).   
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3.2.6.2 Pore Throat Aperture 

Aguilera (2003) developed the template presented in Figure 3.5, which includes pore 

throat apertures (ὶ ) as a function of porosity and permeability. The triangles in the graph 

correspond to porosities and permeabilities from the rock-cutting samples evaluated in this 

study.  

 

Figure 3-5ð Chart for estimating pore throat apertures on the basis of permeability 

and porosity. The red triangular symbols represent data obtained from cuttings of 

carbonaceous rocks considered in this chapter. Flow units are dominated by 

microports. Pore throat apertures was determined using Equation 3-4. Source of 

template: Aguilera (2003). 
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The crossplot indicates that flow units of the carbonaceous rock samples are dominated by 

micro pore throats (microports). In this case, hydraulic fracturing stimulation is required to 

attain commercial production. Pore throat aperture (ὶ ) can be calculated with the use of 

Equation 3.4 developed by Aguilera (2014). The pore throat aperture represents an 

average number for a given flow unit and is estimated at 35% cumulative pore volume or 

at 35% mercury saturation during a mercury injection capillary pressure test (Aguilera, 

2014). 

ὶ ςȢφφυ
Ȣ

                                                                                   Equation 3-4 

 

3.2.6.1 Capillary pressure  

Capillary pressure is generally defined as the difference in pressure across the interface 

between two phases. It is given by Equation 3.5 (Aguilera, 2014): 

ὖ ρωȢυὛ Ȣ Ὧ
ρππה

Ȣ
                                                                  Equation 3-5 

where Pc is the mercury/air capillary pressure in psi, k is permeability in md, ה  is porosity 

(fraction) and Ὓ  is water saturation (fraction). 

 

Equation 3.5 was developed empirically with published data from more than 2,500 

sandstone and carbonate samples from 30 formations in North America (Aguilera and 

Aguilera, 2002). In order to extend Equation 3.5 to this study, I replaced the water 

saturation (Sw) with irreducible water saturation (Swi). The trend line fit between the 
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capillary pressure and irreducible water saturation was performed using the power 

regression option in excel (Figure 3-6).  

 

 

Figure 3-6ð Plot of capillary pressure (Pc) versus irreducible water saturation (Swi) 

The black symbols represent data obtained from cuttings of carbonaceous rocks 

considered in this chapter.  
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CHAPTER FOUR:  PICKETT PLOTS  - BURIAL AND MATURATION 

TRAJECTORY IN SHALE PETROLEUM RESERVOIRS  

4.1 Introduction  

This chapter introduces a new method to explain how a snapshot in time (the date when 

the well logs were run) represented by a Pickett plot can be extended to represent millions 

of years of geologic time starting with sedimentation and going through generation of oil, 

condensate and dry gas. This allows integrating basic principles of geochemistry, 

geoscience, petrophysics and petroleum engineering in a single plot. 

 

The method developed in this chapter for determining burial maturity and maturation 

trajectories of shale petroleum reservoirs with the use of a modified Pickett plot is original. 

However, I want to give full credit to Devine (2014) for advancing the idea used in this 

study that ñBVW is the only parameter that shows an unrelenting, unidirectional reduction 

during burial history.ò His concept is valuable and is corroborated in this chapter with the 

use of a modified Pickett plot. The plot also determines changes in pore throat size in 

different parts of the basin as well as process or delivery speed, bulk volume hydrocarbon 

(BVH), and Lopatinôs time-temperature index (TTI). These data in turn help with the 

location of sweet spots. Although the methodology is explained with data of the Niobrara 

shales, it should have application in other shale petroleum reservoirs, as it is based on sound 

mathematical models, which the reader can reproduce easily with the examples presented 

in this chapter. I also extend the use of Pickett plot to the evaluation of Biot poroelastic 
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coefficient and petrophysical evaluation of carbonaceous rock samples presented in 

Chapter Two. 

 

4.2 Modified Pickett Plot 

A summary chart of the Niobrara TPS and a generalized comparison with a modified 

Pickett plot depicting geologic time through millions of years is presented in Figure 4.1.  

The upper part of Figure 4.1 shows an events-chart depicting the relationship of essential 

geological elements and processes for the Niobrara TPS and assessment units, including 

Cretaceous Niobrara Formation (Kn), Cretaceous Mancos or Steele Shale (Km), 

Cretaceous Mesaverde Group (Kmv), Cretaceous Lewis Shale (Kle), Cretaceous Lance 

Formation (Kl), Turonian Fort Union Formation (Tfu), Turonian Wasatch and Green River 

Formations (Twgr), and undifferentiated Oligocene or Miocene deposits (undiff.) (Finn 

and Johnson, 2005).  

 

Notice in the upper part of Figure 4.1 that the TPS events include rock unit, source rock, 

reservoir rock, seal rock, overburden rock, trap formation, generation, migration and 

accumulation of hydrocarbons. The source rock considered in this study (Niobrara shale) 

originates in the late Cretaceous. Essentially all the TPS events related to source, reservoir, 

seal and overburden rocks occur within the late Cretaceous. On the other hand, trap 

formation in other rocks (not the shale) occurs throughout several million years during the 

Laramide orogeny and the Neogen extension. Also included in the list of TPS events are 

indications of preservation and critical moment.  
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The modified Pickett plot presented in the lower half of Figure 4.1 helps to explain 

deposition, burial, compaction, changes in resistivity, pressure, temperature and values of 

porosity exponent (m); maturation trajectories, decrease in BVW signaling the generation 

of hydrocarbons accompanied by expulsion of water and the corresponding increase in 

formation resistivity; and finally, expulsion of oil accompanied by an increase in water 

saturation and the corresponding decrease in resistivity. How to build the modified Pickett 

plot and to interpret the data quantitatively is presented in the last section of this chapter 

dealing with óDetailed Calculation Examplesô. The necessary equations are presented in 

Appendix B. 

 

The bold large numbers in the modified Pickett plot shown in Figure 4.1 represent our 

interpretation of the different stages leading to the generation of hydrocarbons in the 

Niobrara shale. Pressure and temperature increase throughout these stages, which can be 

summarized as follows (numbers below at the beginning of each paragraph correspond to 

each one of the stages): 
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Figure 4.1 ð Niobrara TPS (top graph, modified from Finn and Johnson, 2005) and 

schematic of modified Pickett plot (bottom) depicting geologic time through about 90 

million of years and generation of hydrocarbons in the Niobrara shale starting with 

sediments in the Western Interior Seaway (sea water) during the Late Cretaceous. 
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1. Beginning of sedimentation. The initial water resistivity would be that of surface 

environment, for example sea water, as the Niobrara was in the middle of the 

Western Interior Seaway during the Late Cretaceous. The first stage of burial is 

represented by the yellow arrow line in Figure 4.1, which points to an initial 

porosity of approximately 30%. If the grains are round and have a rhombohedral 

distribution, then the initial porosity during sedimentation would be theoretically 

equal to approximately 26%. If the distribution of the grains is cubic or wide-

packed the theoretical porosity would be equal to approximately 47.6%. These 

theoretical values compare with empirical studies indicating that the porosity of 

loosely consolidated sands fall in the range of about 35% to 50% (Stone and Siever, 

1996). Loose clays tend to have a higher porosity than loose sands. Porosity at the 

end of the yellow arrow (approximately 30%) corresponds to critical porosity (fc). 

which has been defined by Nur et al. (1995) as ñthe porosity at which the system 

changes or transforms from iso-stress to solid-load bearing.ò Above the critical 

porosity the sediments behave as a suspension. Biot coefficient (a) equals 1.0 at 

critical porosity. My hypothesis is that if there is a critical porosity there must also 

be other critical parameters that can be estimated starting with that critical porosity. 

For example, it is possible to make estimates of critical pore throat aperture (rp35c), 

critical permeability (kc) and critical compressional slowness (Dtc) at critical 

porosity. I start by calculating critical rp35c from Li et al.ôs (2019) correlation 

(Equation 4.3),  rp35c = Exp[(a-0.60685)/0.08258] = Exp[(1-0.60685)/0.08258] = 

118.8 microns. Next, if critical porosity is for example 40%,  I calculate critical 
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permeability with the use of Equation 4.4 (Aguilera, 2002), kc = 100 f (rp35c / 

2.665)^(1/0.45) = 40 (118.8 / 2.665)^(1/0.45) = 178,000 md. Next, if for example, 

fluid transit time Dtf = 189 msec/ft and matrix sonic transit time Dtm = 65 msec/ft, I 

calculate critical compressional slowness using Willie time average equation, Dtc = 

f (Dtf ï Dtm) + Dtm = 0.4 (189 ï 65) + 65 = 114.6 msec/ft (compressional or P wave 

velocity = 8,726 ft/sec). When the system changes or transforms from iso-stress to 

solid-load bearing, there is a reduction in porosity and other properties mentioned 

above starting at fc due to increases in overburden load and compaction. There are 

also continuous changes of water resistivity as properties of the water change, as 

well as pressures and temperatures. The water saturation throughout is 100%.  

2. An average value of m starts to be established. Burial and compaction continue 

leading to porosity reduction and water expulsion from the shale, but the water 

saturation is still 100%. This is represented by the continuous blue line.  

3. Burial and compaction continue. Appropriate temperature and pressure are reached 

to start an incipient generation of oil, which is represented by the maturation 

trajectory shown by the continuous black arrowhead-line (other arrowhead-line 

maturation trajectories are also shown in the graph). This leads to deviation from 

the 100% water saturation toward larger values of resistivity. However, the shale is 

not yet mature (or it is marginally mature), the value of water saturation is very 

high, and the BVW is larger than 0.05. Diagenesis (generally temperatures of 50o 

C or less, Tissot and Welte, 1984) and may be an incipient catagenesis (see Figure 

2.3) might be active at this stage. This happens near the end of the Late Cretaceous.  
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4. Porosity continues to decrease due to compaction, but natural fractures are formed 

as a result of oil generation, which starts about 67 million years ago (Finn and 

Johnson, 2005). Permeability of the fractures, however, is very small and has low 

connectivity, which does not permit migration of oil to a permeable trap. Thus, most 

of the oil remains within the Niobrara shale making it preferentially oil-wet; this is 

likely one of the reasons most shales are oil-wet. Maturity continues increasing as 

shown by the maturation trajectory (black continuous arrowhead-line). The 

continued oil generation leads to additional expulsion of water, and consequently 

reductions in water saturation and BVW. The maturity increases, and generation of 

oil occurs when the BVW is smaller than 0.05 (Devine, 2014). This combined with 

the increase in oil saturation and oil wettability of the shale leads to continuous 

increases in formation resistivity. This happens during the Paleogene. At this stage 

catagenesis (see Figure 2.3) is fully active at temperatures in the range of 50 to 

150o C and pressures higher than those of diagenesis (Tissot and Welte, 1984).  To 

account for natural fractures filled partially or totally with minerals such as quartz 

or calcite during burial and compaction, porosity has to be modified as explained 

by Piedrahita and Aguilera (2017c). 

5. Compaction and reduction in porosity continue. The maturation trajectory and oil 

generation continue, leading to smaller values of water saturation and BVW, and 

to some moveable oil. When the pores cannot accommodate any additional oil, the 

peak oil saturation and irreducible water saturation are reached (approximately 25% 

water saturation in Figure 4.1). The BVW at this stage is 0.005 marking the 
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approximate beginning of metagenesis (Figure 2.3). Below this BVW the oil is 

very mature (Devine, 2014), and it is cracked leading to the generation of dry gas. 

Metagenesis occurs at temperatures of 150 to 220 oC (Tissot and Welte, 1984). At 

the end of metagenesis, in addition to dry gas, non-hydrocarbon gases such as CO2, 

N2 and H2S evolve, as oil molecules are cracked into smaller gas molecules.    

6. Compaction and porosity reduction continue. Having dry gas and water in the 

formation tend to make the rock preferentially water-wet leading to a decrease in 

formation resistivity. This reduction in resistivity has been observed in the Niobrara 

shale (Al Duhailan and Cumella, 2014). Theoretically, the end point of the 

maturation trajectory at deeper burial depths would take the curve to very small 

porosities and nearly 100% water saturation (Devine (2014) as shown by the 

arrowhead end of the maturation trajectory curves.    

7. The dashed blue line shows the 100% water saturation line. The slope of the water 

saturation lines is totally unconventional. Notice that as opposed to conventional 

Pickett plots, the modified Picket plot on Figure 4.1 shows a line of 100% water 

saturation, which is nearly vertical at the larger formation resistivities. The same is 

true for the 25% water saturation line. This verticality, however, is not true in all 

shales. To avoid fiascos in the interpretation and possible major financial losses, 

each shale reservoir must be considered as research project by itself. 

8. The 100% water saturation blue dotted line extrapolation to 100% porosity leads to 

a water resistivity of 0.06 ohm-m at reservoir temperature, which is used for the 

petrophysical interpretation. 
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4.3 Niobrara Shale Evaluation 

An excellent data set for the Niobrara shale as well as maturity trajectories published by 

Devine (2014) are used for illustrating the methodology developed in this chapter. Using 

published data, available in the literature, offers the significant advantage of transparency 

and allows the reader to weight the validity of the interpretation method proposed in this 

chapter as well to reproduce the results easily.  

 

The graph shown in Figure 2.5 displays the curvature of the 100% water saturation line 

stemming from different values of m in the Niobrara shale. Notice that Figure 2.5 uses a 

total porosity taken from the combination of neutron and density logs. Preparing the plot 

in that fashion follows the philosophy advocated by Coates et al. (1983). Their chapter is 

practical and ñintentionally avoids theoretical areas and concentrates instead in what can 

be observed from log data with respect to the conductivity and porosity of shales, shaly 

sands, and sandsò, Coates et al. (1983) state that ñthe familiar Pickett plot (log-log plot of 

conductivity vs. porosity) is a convenient form for making this evaluation because it allows 

a relative pure look at the dataò. This purity is of significant value in the pattern recognition 

approach used in the modified Pickett (Lopez and Aguilera, 2018).  

 

The interpretation of the modified Pickett plot presented in this chapter uses effective 

porosity (rather than total porosity from neutron and density logs) as at this stage we are 

interested in considering the effective pore spaces with potential to contribute movable 
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hydrocarbons. Effective porosity was obtained from well log interpretation and defined as 

the total porosity not influenced by clay content. 

 

 Water Saturation, BVW and BVH in 226 Niobrara Wells   

The 226 Niobrara wells considered in this study are shown in the structural map presented 

in Figure 4.2. The Map corresponds to a west-dipping monoclinal flank and includes 

updip, basin flank and downdip wells. Some of these wells are discussed in detail later in 

this study in the section dealing with ñNet Pay in Individual Niobrara Wells.ò  

 

The modified Pickett plot presented in Figure 4.1 is now a template that can be 

complemented with the addition of average effective porosity and resistivity data of 226 

Niobrara wells (open black circles) as shown in Figure 4.3. The data of some of the wells 

fall on top of data points of other wells. Note that the data points fall within the maturation 

trajectories represented by the arrowhead-lines extracted from Devine (2014).  

 

The plot shows that most of the wells fall in the catagenic region where there is a 

continuous increase in maturity, and where the water saturations ranges between 

approximately 25 and 50%. However, there are some wells that approach the BVW line of 

0.05. These wells have a higher porosity than other wells but in general they might stand 

higher probabilities of producing some formation water and consequently smaller oil rates. 

Another possibility for small oil production is that the larger porosities in this case might 

be associated with micropores.   
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Some of the data points in Figure 4.3 fall below the line of BVW equal to 0.005. Wells 

represented by these data points are in the metagenesis region and stand reasonable 

probabilities of producing dry gas. The black arrowhead line shows a decrease in resistivity 

at this stage. 

 

To the best of our knowledge values of BVH have not been shown in the past in Pickett 

plots. However, they are powerful as they highlight the regions with the largest 

hydrocarbon potential. Figure 4.3 shows most BVH data points falling between 

approximately 0.005 and 0.02. 
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Figure 4.2 ð Structural map showing measured depth to the base of Niobrara 

Formation. Colored bubbles show the locations of contoured data. Hot colors in both 

the grid and bubbles at the right of the map indicate shallower depths. Map 

corresponds to a west-dipping monoclinal flank with two synclinal centers to the west. 

Circles correspond to 226 wells considered in this study. Map includes data of Silo 

(Wyoming), Jake and Wattenberg (Colorado) fields. Weld County is in Colorado, 

United States (Source: Devine, 2014).  
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Figure 4.3 ð Modified Pickett plot for the Niobrara shale including average effective 

porosity and resistivity data of 226 wells (open black circles) published by Devine 

(2014) and lines for constant values of BVH. Data of some of the wells fall on top of 

data points of other wells. Note that the data points fall within the maturation 

trajectories represented by the arrowhead-lines. Data points fall within BVH values 

of 0.005 and 0.02. 

 
 Process Speed and Pore Throat Radii of 226 Niobrara Wells 

The modified Pickett plot with data from 226 Niobrara wells presented in Figure 4.3 is 

now complemented with the addition of lines of constant process (or delivery) speed (k/f), 
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pore throat radii (rp) and flow units as shown in Figure 4.4. Process (or) delivery speed is 

the ratio of permeability divided by porosity (shown in the figure as k/phi) and is related 

directly to pore throat aperture. The term was coined by Chopra et al. (1987) and Gunter et 

al. (1997a, b) as a relative indication of how quickly fluids can move through porous media. 

The same ratio had been used previously by Pickett and Artus (1970) for predicting 

recoverable hydrocarbon volumes from Ordovician carbonates in the Williston basin based 

on crossplots of ɆSoøh vs recoverable oil. Pore throat radius r35 refers to the size of pore 

throats at 35% non-wetting phase saturation as determined from mercury injection capillary 

pressure tests. The r35 equation was developed originally by H. D. Winland of Amoco 

(Kolodzie, 1980). It is explained in detail by Hartmann and Beaumont (1999, p. 9-31 to 9-

33). The equation was extended by Aguilera (2004) who termed it rp35. Flow (or hydraulic) 

unit is a stratigraphically continuous reservoir subdivision characterized by a similar pore 

type (Hartmann and Beaumont, 1999).   

 

In general, it can be said that the process speed (k/f) of the 226 wells considered in this 

study falls within a range of 3E-6 to 5E-3 md. Delimiting pore throats (rp) range between 

3E-6 and 1E-2 microns. Although these rock properties are poor, the wells should be able 

to produce from horizontal wells following hydraulic fracturing. The level of productivity 

of each well, however, would be different depending on the net pay and the relative position 

of each well in the basin as discussed in the next section. 
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Figure 4.4ðModified Pickett plot for the Niobrara shale including average data of 

226 wells (open black circles also included in Figure 4.6) and lines for constant values 

of process (or delivery) speed (k/phi) and constant pore throat radii in microns (rp). 

The data points are limited by process speeds ranging between 3E-6 and 5E-3, and by 

pore throats ranging between 4E-4 and 1E-2 microns. The red bold circle is used later 

in this chapter for explaining the quantitative evaluation of Niobrara shale in the 

section dealing with ñDetailed Calculation Examplesò. 

 
 Net pay in Individual Niobrara Wells 

Previous plots were built using average effective porosity and resistivity data of 226 

Niobrara wells. This section interprets Niobrara net pay of three individual wells: one 

updip, one downdip and one in the basin flank. Original data were published by Devine 
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(2014). Updip Niobrara wells are represented by the red bright circles in NE Weld County 

shown to the right in Figure 4.2. Flank Niobrara wells are represented by yellow and light 

green circles. Some of the basin flank wells are shown inside the blue dotted line. Downdip 

wells are represented by the dark green circles. 

 

 
 
Figure 4.5 ð Modified Pickett plot for the Niobrara shale including net pay data of a 

downdip well (blue squares), an updip well (open brown triangles) and a basin flank 

well (open green circles). Distribution of net pay in the basin flank well is distinctively 

different from the distribution of net pay in both the downdip and updip wells.  

 

Net pay data of one updip, one downdip and one basin flank well are presented in Figure 

4.5. Blue squares correspond to net pay in the downdip well. Brown triangles represent net 

pay in the updip well. Green circles correspond to net pay in a basin flank well. Also 
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included are lines for constant values of process speed (k/f) equal to 5E-7 and 5E-2 md, 

and lines of pore throat radii equal to 1E-4, 1.5E-2 and 5E-2 microns. 

 

 Observation 

A few observations are in order: 

(1) the updip well (brown triangles) has intervals with effective porosities that reach up to 

approximately 0.06. However, the well also has high water saturations in some cases going 

above 50%. Thus, some water might be produced from these intervals, which would 

penalize the oil rates.  

(2) The downdip well (blue squares) has about the same signature as the updip well.  

(3) Process or delivery speed (k/f) and pore throat apertures for the downdip and updip 

well fall approximately within the same range.  

(4) The basin flank well (green circles) displays in general larger values of true resistivity 

and smaller values of water saturation.  

(5) Process (or delivery) speed (k/f) fall within the same range for all three wells.  

(6) The intervals with the larger porosities in the updip and downdip wells have larger pore 

throat radii (0.015 to 0.005 microns) than the basin flank well. This, however, is not an 

advantage in this case (actually, it is a disadvantage) as those larger pore throats are in 

intervals with water saturations larger than 50%. 
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Figure 4.6 ð Modified Pickett plot for the Niobrara shale grouping net pay data of 

the downdip (blue squares) and updip wells (open brown triangles) inside an open 

arrow (UD = updip and downdip wells) show less potential than the basin flank well 

(open green circles) that points toward larger resistivities and smaller values of water 

saturation (open arrow, F = flank).  

 

Figure 4.6 shows the same net pay from Figure 4.5. In Figure 4.6, however, the net pay 

data have been grouped inside distinctive open arrows that form an approximate X. The 

right-hand side of the X (net pay of basin flank well represented by green circles inside the 

open arrow, F = flank) points toward smaller values of water saturation. The left-hand side 
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of the X is an open arrow (UD = updip and downdip), which points toward water 

saturations of 50% or larger. The conclusion is reached that the net pay hydrocarbon 

potential of basin flank wells is better than the potential of updip and downdip wells. 

 
 Lopatin Time-Temperature Index (TTI) 

Lopatin (1971) introduced a TTI that considers time and temperature as important factors 

in the thermal maturation of kerogen (Waples, 1980). The method is an additional useful 

tool for studying hydrocarbon maturation. For example, Schmoker (1984) developed an 

empirical relation between carbonate porosity and TTI that proved useful for estimating 

regional porosities in various formations including the Niobrara shale considered in this 

study.  

 

Based on Schmokerôs (1984) Niobrara work, porosity (fraction) can be calculated from 

Equation 4.1. 

 

f πȢσπψz44)Ȣ                                                                                   Equation 4-1                                                             

 

Schmoker published the same type of equation for other formations as shown on Figure 

4.7. These equations allow estimating TTI values for the porosities included in the modified 

Pickett plot or vice versa.  
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In subsequent work, using data from the Bakken formation in North Dakota and the 

Woodford shale in Oklahoma, Schmoker and Hester (1990) demonstrated that it was 

possible to distinguish mature from immature shales with the use of log-log crossplots of 

porosity vs. TTI. An example for the lower member of the Bakken formation is presented 

in Figure 4.8.  

 

Combination of Schmoker (1984) and Schmoker and Haster (1990) methodologies allows 

building in the modified Pickett plot regions of not mature, mature and very mature shales 

in the Niobrara formation as shown in Figure 4.9. For the limiting Niobrara porosity values 

shown in the figure, the TTI values are as shown in Table 4.1. The selected resistivity 

values that limit the TTI are shown in Figure 4.9. 

 
Table 4-1 ð Lopatinôs Time-Temperature Index for the Niobrara shale based on 

this study.   

Porosity TTI  Lopatin Maturity  

0.13 7.2 Not mature 

0.07 29.9 Not mature 

0.07 29.9   Mature to oil 

0.01 2,594 Mature to oil 

0.01 2,594 Very mature 

0.005 12,721 Very mature 
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Figure 4.7 ð Porosity vs. Lopatinôs TTI for various U.S. formations including the 

Niobrara shale (discussed in this chapter) in the upper left-hand side of the graph 

(Schmoker, 1984). 

 

 

 

Figure 9. Porosity vs. LopatinΩs TTI for various U.S. formation (Schmoker, 1984). 
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Figure 4.8 ð Lopatinôs TTI vs. formation resistivity for lower member of Bakken 

Formation (Schmoker and Hester, 1990).  

 

Schmokerôs equation for the Niobrara shown on Figure 4.6 permits calculating porosity, 

and thus introducing immature and mature areas in the Modified Pickett plot shown in 

Figure 4.9. 

 

Figure 10. LopatinΩs TTI vs. formation resistivity for lower member of Bakken Formation (Schmoker and 

Hester, 1990). 
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Figure 4.9 ð Modified Pickett plot for the Niobrara shale grouping not-mature, 

mature and very mature areas based on Lopatinôs method. 

 

 
4.4 Biot Poroelastic Coefficient in Pickett Plots 

The objective of this section is to demonstrate a new method that incorporates in a Pickett 

plot, in addition to the customary petrophysical evaluation, the Biot poroelastic coefficient 

(Biot coefficient). This is important as Biot coefficient plays an important role in solving 

many practical petroleum engineering problems, including for example, design of 
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hydraulic fracturing jobs and estimation of in-situ closure stress on proppant as shown in 

Equation 4.2  

„   ὖ  θȢὖ                                                                                        Equation 4-2 

where „╪●
▄██

 is the effective stress in axial direction, ╟□░▪ is the closure pressure or 

minimum horizontal stress , ╟▬ is the pore pressure and  θis the Biot coefficient (Qi et al., 

2019)   

 

Figure 4.10 ð Fluid saturated rock. Microscopic view of the fluid-solid contact area 

(Acfs) in which the fluid-solid force exchange may occur, Acss  is the solid to solid 

contact area, At is the total area and F is the fluid (Qi et al.,2019).  

 

The method uses a correlation developed by Qi et al. (2019) for estimating Biot coefficient 

as a function of process speed (the ratio of permeability and porosity) and pore throat 

aperture (rp35). The correlation is given by the equation:   

 θ πȢπψςυψÌÎὶ πȢφπφψυ                                                                    Equation 4-3 

where θ    is the Biot coeffficient, ὶ  is the pore throat aperture and can be determined 

with the use of Equation 4.4 by Aguilera (2002):  
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ὶ ςȢφφυ
Ȣ

                                                                                   Equation 4-4 

Inserting Equation 4.4 into Equation 4.3 I obtain: 

 θ πȢπψςυψÌÎςȢφφυ
Ȣ

πȢφπφψυ                                              Equation 4-5 

Thus, Biot poroelastic coefficient (a) is a function of process speed (ὯȾה), which is also 

included in Equation 4.5 (Aguilera, 2002). 

ὰέὫ Ὑ σὲ ά ὲȾς ὰέὫה  ὰέὫὥὙ ςυπ            Equation 4-6 

Thus, the Pickett plot can readily incorporate Biot coefficient. Pickett plots permit 

consequently quick simultaneous estimation of different parameters of interest for a given 

interval including Biot coefficient, water saturation, porosity, and permeability as shown 

in Figure 4.11. Biot coefficient is represented in that graph by the letter B. Key 

observations based on the Pickett plot shown in Figure 4.11 include: (1) there is a tendency 

for Biot coefficient to get larger as porosity increase, (2) there is a general tendency for 

Biot coefficient to decrease as water saturation increases. In summary, it can be said that 

the Biot coefficient of this carbonaceous rock sample falls within a range of 0.5 to 0.6.  
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Figure 4.11 ð Pickett plot including lines of constant water saturation, constant Biot 

coefficient, and constant pore throat radius. Black dots correspond to data 

determined from cuttings measurements. 

 

The novelty of this work is the development of an integrated Pickett plot that incorporates 

for the first time petrophysical analysis and geomechanics via the Biot poroelastic 

coefficient. This contribution should prove of value to help in the solution of practical 

petroleum engineering problems, including drilling and completion. 

 

4.5 Petrophysical Evaluation of Carbonate Rock Samples Using Pickett Plots 

The construction of the Pickett plot is extended next to include lines of constant mercury-

air capillary pressure (psi) using Equation 4.7 (Aguilera, 2002). Results are shown in 

Figure 4.12.  
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ὰέὫ Ὑ ά ςȢψρςυὲὰέὫה  ὰέὫὥὙ τȢππτυὖ Ȣ             Equation 4-7 

Lines of constant pore throat radius (r, microns) can also be included in the Pickett plot as 

shown on Figure 4.13. Equation 4.7 that was used for constructing lines of constant 

capillary pressure (psi). The equation can be modified by introducing the Washburn (1921) 

pore throat equation, leading to Equation 4.8: 

ὰέὫ Ὑ ά ςȢψρςυὲὰέὫה  ὰέὫὥὙ τȢππτυ
Ȣ Ȣ

   Equation 4-8 

In general, it can be said that the pore throats (r) of the carbonaceous rock samples 

considered in this study fall within a of range of 0.04 and 0.8 microns and capillary pressure 

falls within a range of 320 to 10240 psi. The very large value of capillary pressure is typical 

of samples of very low permeability.  

 

 

Figure 4.12 ð Pickett plot including lines of constant water saturation, constant 

permeability, and constant capillary pressure. 
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Figure 4.13 ð Pickett plot including lines of constant water saturation, constant 

permeability, and constant pore throat radius. 

 

4.6 Construction of Modified Pickett Plot 

This section shows details on how to construct the modified Pickett plot and how to 

perform the quantitative evaluation of the Niobrara shale. All required equations are 

included in Appendix B. Figure 4.14 summarizes the workflow used to build the modified 

Pickett plot. The steps can be summarized as follows: 

 

1. Draw the 100% water saturation line (broken blue line in Figure 4.4), and the 50 

and 25% water saturation lines (broken red lines in Figure 4.4) using Equation 

A1. This is done by first calculating the porosity exponent (m) with the use of 

Equation A2, using the following information: aRw = 0.06 ɋ.m at reservoir 

temperature, ‰2 = 0.005, mb = n = 2, and Vtker = 0. Pattern recognition helps to 
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estimate unknown input data by providing a good match of the log data on the 

modified Pickett plot. 

2. Draw lines of constant BVW (the product of porosity and water saturation). The 

required data are calculated with the use of Equation A3. The lines of BVW are 

equal to 0.005 and 0.05 in Figure 4.4.  

3. Draw lines of constant process speed (k/f). The required data are calculated with 

the use of Equation A4 and the values of m are calculated as shown in step 1. In 

Figure 4.4, values of (k/f) are equal to 3E-6 and 5 E-3 md. 

4. Draw lines of constant pore throat radii (rp). The required data are calculated with 

the use of Equations. A4, A5 and A6, and the values of m are calculated as shown 

in step 1. In Figure 4.4, values of (rp) are equal to 4E-4 and 1 E-2 microns. 
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Figure 4.14 ð Workflow for the construction of the modified Pickett plot used for the 

quantitative evaluation of the Niobrara shale reservoir. Equations are presented in 

Appendix B. 

 

4.7 Detailed Calculation Examples 

 

The data point represented by the red dot in Figure 4.4 is used to illustrate the quantitative 

evaluation of the Niobrara shale (equations are presented in Appendix section). The red 

dot data point is located below the BVW = 0.005 line implying that it is in a very mature 

zone (metagenesis). Calculations for the red dot data point are as follows: 

Draw lines of constant 

Sw with Eq. A1 (100, 

50, 25%) 

 

Given Data:  

aRW, mb, ūb
, n, ū2 

Calculated Data with 

Draw lines of constant 

BVW with Eq. A3 

 

Draw lines of constant 

(K/phi) with Eq. A4 

 

Draw lines of constant 

pore throat with Eq. 

A4, A5 and A6. 
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1. The resistivity and porosity of the red data point are: Rt = 134 ɋ.m, ‰ = 0.0124. 

Other required data were already mentioned above while explaining how to build 

the modified Pickett plot:  ‰2 = 0.005, mb = 2.0, and Vtker = 0.0. These data allow 

calculating the value of m for the red data point with the use of Equation A2 as 

follows: 

    

i. ‰m = ‰ - ‰2 = 0.0124 ï 0.005= 0.0074 

ii. ‰b = ‰m / (1- ‰2) = 0.0074/ (1- 0.005) = 0.00744 

iii.  m = 1.2044 (using Equation A2 in Appendix B) 

 

2. Water saturation is calculated with the use of Equation A1 to be 0.30 using m from 

the previous step and n = 2, a = 1, and Rw = 0.06 ɋ.m. 

 

3. Permeability is calculated with Morris and Biggs (1967) equation:  

k = (79 x f3/Sw)2 = (79 x 0.01243/0.30)2 = 2.52 E-07 md. 

Morris and Biggs (1967) recommended using constant 79 for dry gas and constant 

250 for medium gravity oil. A key assumption was that water is at irreducible 

conditions. The optimum is to calibrate the permeability equation with core data 

from the reservoir under study. 

  

4. BVW = 0.0124 X 0.30 = 0.0037. BVH = 0.0124 X (1-0.30) = 0.0087. 
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5. Process speed (k/f) = 2.52 E-07/0.0124 = 2.031 E-05. 

 

6. Pore throat aperture (rp) of the red dot data point at 0.30 water saturation is 0.0007 

microns using Equation A6 as follows: 108.1/[(19.5 x 0.30(-1.7)) x (2.031 E-

05/100)(-0.45)] = 0.0007 microns. 

 

7. Pore throat aperture at 35% cumulative pore volume (rp35) or equivalently at 65% 

water saturation is calculated from Equation A7 as follows: rp35 = 2.665 x (2.031 

E-05/100)0.45 = 0.0026 microns . 

 

4.8 Eagle Ford Shale 

The methodology developed previously for the Niobrara shale using the modified Pickett 

plot can also be used in the case of the Eagle Ford shale although the signatures of the 

water saturation lines are different as shown in Figure 2.6 and Figure 2.7 (Lopez and 

Aguilera, 2016). However, there are some similarities on the geological origin of these 

shales that allow to make some useful comparisons. 

 

Figure 4.15 shows a map of the Late Cretaceous Turonian (approximately 91.1 million 

years ago) and the Western Interior Seaway (Adapted from Scotese, 2014). It is at 

approximately this time that deposition of the Niobrara and Eagle Ford shales (both in 

Texas and Mexico) starts. There is a major marine transgression that favors carbonate 
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deposition. Details of the use of the modified Pickett plot are explained for the Niobrara 

shale with the use of Figure 4.1. The same principles apply in the case of the Eagle Ford 

shale in Texas and Mexico. The difference is that the structural geology tends to be more 

complex in Mexico than in Texas (Cruz Luque and Aguilera, 2018). It is likely that the 

same principles also apply in La Luna shale in Colombia and Venezuela. 

 

The Eagle Ford shale modified Pickett plot shown in Figure 2.7 is used as a basis for 

building the graph shown in Figure 4.16.  The segment with BVW between 0.05 and 005 

corresponds to the conditions where oil was likely generated (catagenesis). There are no 

data points below BVW = 0.005 suggesting lack of generation of dry gas, which compares 

well with actual data as this is strictly an oil well. The graph shows BVH lines ranging 

between 0.004 and 0.115. 

 

The modified Picket plot for the Eagle Ford shale is shown to provide a link between this 

characterization, and Eagle Ford production data, huff and puff gas injection and derivative 

free algorithms,  which are discussed later in this thesis. 

  



   

119 

 

 

 

Figure 4.15 ð Western Interior Seaway and approximate location of Niobrara, Eagle Ford 

and La Luna shales (Adapted from Scotese, 2014). 

 

 

Figure 4.166 ð Eagle Ford shale modified Pickett plot showing the BVW limits 

between 0.05 and 0.005 where oil has been likely generated (Catagenesis). The graph 

shows BVH lines ranging between 0.004 and 0.115. 
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CHAPTER FIVE:  WELL DESIGN OPTIMIZA TION  

5.1 Introduction  

In this Chapter, I develop a new algorithm, Climbing Swarms (CS), for well design 

optimization problems involving placement of a horizontal wellbore and hydraulic 

fracturing stages in a tight or shale condensate reservoir. Results from this chapter 

motivated us to further use derivative-free algorithms for subsequent field development 

optimization problems as discussed in subsequent chapters. 

 

Aguilera (2014) used the concept of Total Petroleum System (TPS) and data from different 

basins around the world to demonstrate that there is a continuum between conventional, 

tight gas, shale gas, tight oil, and shale-oil reservoirs. In consideration of the TPS, I 

demonstrate the robustness of CS algorithm using a tight gas condensate reservoir as a case 

study. Tight petroleum reservoirs are very complex, some can be found in basin-center or 

continuous gas accumulations (Smocker, 2005). Others can occur in low-permeability 

reservoirs in conventional structural, stratigraphic or combination traps (Shanley et. al, 

2004) that are usually referred to as ñsweet spots.ò Irrespective of the location where these 

tight petroleum reservoirs can be found, well design optimization has been a common 

technical challenge. This is so because different types of decisions, including determination 

of the optimal location of new wells (wellbore trajectory optimization) and placement of 

hydraulic fracturing stages need to be made. The term ñnumber of hydraulic fracturing 

stagesò means the number of perforated locations in a horizontal well that has received 

hydraulic fracturing treatment.  
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5.2 Problem Formulation for Well Design Optimization  

To solve the well design optimization problem in tight heterogeneous gas condensate 

reservoirs, I use a general single-objective optimization problem, stated as: 

 

ÍÉÎ
ᶰ Ṓ

ὐὼȟίόὦὮὩὧὸ ὸέ Ὣὼ π                                                                Equation 5-1 

Where ὐὼ  is the objective function to be optimized (e.g. negative net present value (-

NPV)), ὼɴ Ὑ  is the vector of ὲ design variables (e.g. number of hydraulic fracture stages, 

and location of horizontal well). Bound and linear constraints (e.g. reservoir boundary 

constraints) are included in the set ɱṒὙ , and g: Ὑ ᴼὙ  represents the vector of ά 

nonlinear constraints in the problem (e.g. simulation-based constraints). These constraints 

ensure the governing reservoir simulation equations are satisfied since the objective 

function is computed using production data from a commercial reservoir simulator. The 

relationship between these well design variables, objective function and reservoir model 

constraints are in general nonlinear (Ciaurri et al., 2011).  The economic indicator I have 

used in this work is the NPV which considers oil and gas revenue, operating and capital 

costs, royalty and tax obligations, among others. NPV is used to analyze the profitability 

of a project and a positive NPV indicates that the projected earnings generated from the 

petroleum field exceeds the anticipated field development costs (Investopedia, 2017). 

Table 5.1 lists some assumed economic parameters used for the NPV calculation. 

Maximizing NPV is equivalent to minimizing negative NPV using the formulation in 

Equation 5.1. The NPV is expressed generally as: 
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                                                       Equation 5-2  

 

In Equation 5.2, kt is time step, K is the total number of time steps, ὗ  and ὖ are the oil 

production volume and price of oil, respectively, ὗ  and ὖ are the gas production volume 

and price for gas, respectively, R is the royalty rate, C is the total expenditure which 

includes capital (drilling, and completion) and operating costs, T is the tax rate, D is annual 

discount rate, and kt is the number of time periods. By incorporating reservoir engineering 

experience into the problem formulation, the well orientation is aligned in a manner that 

prevents it from extending outside the boundary of the reservoir model. Therefore, to 

optimize wellbore trajectories, the well coordinate in the J direction is set as constant, but 

I and K directions could change subject to reservoir boundary constraints. This allows the 

wellbore trajectory to move horizontally and vertically within the reservoir during the 

optimization process. In the next section, I will explore the algorithms used to solve this 

problem and how I solved the problem. 

Table 5-1 ð Economic parameters for NPV calculation 

Oil price 

Gas price 

$50/STB 

$2.5 per MSCF 

Well-drilling cost/ft $500 /ft 

Completion cost per fracture stage $150,000 

Variable operating cost 

Fixed operating cost 

$2 per MSCF/$8 per barrel 

$150,000/Well/Month 

Royalty  15 % 

Tax 

Discount rate 

15% 

10% 
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5.3 Optimization Methods and Procedures 

In this section, I present the optimization methods and procedure followed to solve the well 

design optimization problem. This problem entails determining the optimal placement for 

wellbore trajectories, and number of hydraulic fractures along the horizontal well. Each of 

these optimization parameters is treated as a variable in the problem formulation and is 

rounded to integer-values for use in the reservoir simulator.  To solve the optimization 

problem, I used the CS algorithm developed in this thesis, which incorporates the global 

search (PSO) and local search (HC) algorithms. This allows me to globally explore the 

solution space and to avoid being stuck at local optima at the beginning of the optimization 

process with the PSO. Furthermore, this permits me to improve the optimization process 

with the HC algorithm enabling a quick convergence to best possible solution. Since the 

reservoir model is heterogeneous in nature, I randomly generate initial variables which are 

passed to the PSO algorithm. This allows the particles to be distributed across the search 

space (reservoir model); each particle, ὼ contains a set of variables and is represented as 

follows: 

 

ὼ  Ὅȟὑȟὔ                                                                                                  Equation 5-3 

In Equation 5.3, I and K represent the well location at I and K index in the reservoir model, 

respectively, and Nf is the number of hydraulic fractures placed in the horizontal well. I 

coupled a reservoir simulator to an optimization algorithm that determines the parameters 

that maximize the economic value of the tight gas condensate field. Following the CS 

optimization procedure explained in Section 2.5.6 of Chapter Two, I illustrate the 
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implementation of the CS hybrid optimization algorithm to solve a well design 

optimization problem using the flowchart presented in Figure 5.1. In the standalone PSO 

(Swarm size of 10) and HC, a maximum of 10 and 3 function evaluations, respectively, 

was conducted per iteration, respectively. 

 

 

Figure 5.1 ð Flow chart of CS implementation for optimizing well design 

optimization and estimating NPV (Red lines are for PSO while the blue lines are for 

HC algorithm). N = Total number of function evaluations per iteration (N = 10 for 

PSO and N = 3 for HC). 



   

125 

 

 

 Reservoir Model - Case Study 

I constructed a conceptual tight heterogeneous gas condensate reservoir model, a three-

dimensional reservoir model with 37 x 38 x 30 grid blocks (I x J x K) using CMG IMEX 

simulator. Gas condensate reservoirs produce significant quantities of liquids along with 

gas. Condensate consists mainly of methane (C1) and other short-chain hydrocarbons, and 

long-chain hydrocarbons (heavy ends) (Fan et. al., 2006). Table 5.2 displays the fluid 

composition in the reservoir model. The relative permeability curves used in the reservoir 

model for gas/liquid and water/oil saturations are shown in Figure 5.2 without preference 

for wettability i.e. oil-wet or water-wet. All reservoir simulations tasks were conducted 

with a commercial reservoir simulator for unconventional reservoir modelling. 

 

Table 5-2 ð Composition of reservoir fluids for gas condensate reservoir 

Components CO2 N2 C1 C2 C3 IC4-

NC5 

C6 -

C10 

C11-

C14 

C15-

C31 

Sum 

Mole 

Fractions 

0.02 0.001 0.66 0.13 0.05 0.05 0.046 0.033 0.01 1.00 

 

The porosity and permeability distribution were generated using Gaussian geostatistical 

simulation. An example of the porosity distribution for layer 1 is shown in Figure 5.3. I 

used the planar fracture stage option in the simulator to model the hydraulic fracturing 

cases, such that all fractures have the same direction, spacing and perforation settings in 

the reservoir simulator. In practice, the direction of the horizontal wells remains 

approximately the same for a given area of the reservoir, but other properties might change 

as the operator goes through its learning curve. Other important reservoir properties 
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assumed and used in this study are listed in Table 5.3. The goal is to maximize the 

discounted NPV at the end of 5 years of production using the objective function 

formulation in Equations 5.1 and 5.2 while satisfying all specified constraints.  

 

Figure 5.2  ð Relative permeability curves used in for the reservoir model. 

 

 

Figure 5.3 ð Top view of porosity distribution in layer 1 of the tight heterogeneous 

gas condensate reservoir model used in the simulation study. 
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Table 5-3 ð Reservoir and hydraulic fracture (HF) parameters. 

Parameter Value 

Porosity, fraction 0.04 - 0.07 

Permeability ï I, J, and K, md 0.00024 - 5.000 

Initial reservoir pressure, psi 4400 

Reservoir temperature, deg. F  

Simulation time, years 

Fracture half-length, ft 

Fracture width, ft 

Effective H.F. permeability, md 

194 

5 

250 

0.001 

5 

 

5.4 Optimization Results  

A total of 66 optimal optimization parameters were determined automatically by the CS 

algorithm before the termination criteria was satisfied; this implies 66 optimal well design 

plans were considered. For complex reservoir models with multiple wells in fault blocks 

or undergoing an IOR or EOR scheme, thousands of different well design plans may be 

required before I reach the optimum result. But for our research objective 66 iterations 

were enough which is a minimum of 600 simulations based on (i) 10 function evaluations 

per iteration for PSO and (ii) 2 function evaluations for HC if previous iterations with same 

optimization parameters have been saved and re-used. The optimization process evaluated 

various possible well design plans involving different wellbore trajectory (Figure 5.4 and 

5.5) and different number of hydraulic fracturing stages (Figure 5.6). The final optimal 

wellbore trajectory and number of hydraulic fractures determined by CS are shown in 

Figure 5.7.  
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Figure 5.4 ð Various optimal well locations. I - trajectories considered in the well 

design optimization process are shown in the ordinate. The locations are generated 

by the CS algorithm developed in this thesis; 66 iteration runs were conducted. 

 

 

 

Figure 5.5 ð Various optimal well Locations. K - trajectories considered in the well 

design optimization process are shown in the ordinate. The locations are generated 

by the CS algorithm developed in this thesis; 66 iteration runs were conducted. 
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Figure 5.6 ð Various optimal number of hydraulic fractures considered in the well 

design optimization process. The locations are generated by the CS algorithm 

developed in this thesis; 66 iteration runs were conducted. 

 

 

Figure 5.7 ð Reservoir model showing the final optimal wellbore trajectory and 

number of hydraulic fractures along a horizontal well determined by the CS 

algorithm proposed in this study. The figure also shows the reservoir pressure (psi) 

distribution during gas and oil production. 
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The maximum NPV ($1,958 M) for these results occurs with total number of hydraulic 

fractures = 18, well location at I = 20 and well location at K = 19 (Figure 5.8). Using NPV 

as our objective function helps to determine a hydraulic fracturing stimulation design that 

maximizes recovery of oil and gas from the reservoir. This is important as the maximum 

NPV does not necessarily come from the well design with the largest number of hydraulic 

fractures or from a centralized wellbore trajectory especially when dealing with 

heterogeneous reservoirs. This study further shows that the wellbore trajectory and number 

of hydraulic fractures are both important as they influence the contact area and the quantity 

of oil and gas in the reservoir exposed to the horizontal well. Figure 5.8 shows the impact 

of the optimization parameters on the NPV per iteration run.  

 

 

Figure 5.8 ð Impact of optimization parameters on NPV values per iteration. The 

maximum NPV = 1,958,000 USD (Red bar) with number of hydraulic fractures = 18, 

well location at I = 20 and well location at K = 19, occurs at iteration 65. Algorithm 

terminated upon reaching satisfied termination criteria. 
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5.5 Verification of Optimization Results 

Considering the drainage area of the reservoir model and reservoir engineering experience, 

it is expected to have best solution at or near the center of the reservoir model whereby the 

fractures can be fed equally from both sides of  the wellbore; therefore, a base case reservoir 

model using 18 hydraulic fracturing stages, equally spaced along the horizontal wellbore 

was constructed to verify the optimization result; the same number of hydraulic fracture 

stages was determined by the CS algorithm. However, in the base case simulation I 

positioned the wellbore at the center of the reservoir model. Notice that this assumed its 

position was different from the position determined by the optimal case using the CS 

algorithm. Positions for the base and optimal case are shown in Figure 5.9.  

 
 

 
 

Figure 5.9  ð Comparison of base case with optimal case obtained with CS algorithm 

developed in this study.  

Well Location - I Well Location - K # H.F. NPV, MM$

Optimal Case 20 19 18 1.958

 Base Case 19 16 18 1.949
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In addition, the direction of the horizontal well in the base case is also in the J horizontal 

direction just like the optimal case. Figure 5.10 presents the comparison between the base 

case and the optimal case in terms of production performance. Likewise, the CS algorithm 

determines the best NPV to be $1.958 million and the base case NPV is equal to $1.949 

million dollars, the fact that the cumulative oil production and NPV of the optimal case is 

only slightly higher than the base case shows that our implementation of CS algorithm is 

reasonable and can determine higher quality solution. This is also proof of the accuracy of 

the CS algorithm proposed in this study, and of its robustness for solving well design 

optimization problems. Other important finding from our verification results is that the CS 

algorithm has good capabilities for handling reservoir heterogeneity and for positioning the 

wellbore in a trajectory that will maximize the value of the field.  This is much more 

effective from the point of view of condensate recovery and provides a larger NPV as 

compared with positioning the wellbore at the center of the reservoir model. 
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Figure 5.10  ð Comparison of base case with optimal case obtained with CS 

algorithm developed in this study. Crossplots of oil rates and cumulative oil 

production versus time. Green solid lines represent the base case and red dashed lines 

represent the optimal case. 
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CHAPTER SIX:  OPTIMIZATION PROCEDURES FOR SINGLE AND MULTI -

WELL FIELD DEVELOPMENT  

6.1 Introduction  

Recent developments to improve oil recovery from shale petroleum reservoirs include 

combining huff and puff gas injection (H&P) and refracturing (RF) (Fragraso et al., 2018c). 

Investigating the technical and economic impact of these technologies for one well is 

challenging and time consuming. Even more so when the operating company is planning 

to perform the same type of investigation in multiple wells.  

 

In this Chapter, I apply an optimization procedure described previously in Chapter Two for 

solving field development optimization problems that involve single and multiple wells. 

The procedure integrates derivative-free algorithms, material balance calculations for 

quick production forecasts, and undiscounted net present value (NPV) at the scale of field 

operations with the ultimate objective of improving oil recovery from shale petroleum 

reservoirs. The possibility of performing H&P and RF in 100 wells is evaluated in this 

Chapter and a ranking is established based on undiscounted NPV. However, the ranking 

could also be established based on any other selection criteria. Some of the questions that 

are addressed include the optimum time at which H&P and RF operations should be 

performed, and the impact of productivity index on H&P and RF success. 
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6.2 Oil Field Development for Single Well  

Prior to conducting H&P and RF on multi-wells, a simple but realistic reservoir simulation 

model was constructed to illustrate the impact of H & P and RF on a single well. Table 6.1 

shows the reservoir, fluid and hydraulic fracture properties used in this reservoir simulation 

study. Figure 6.1 shows the assumed fracture permeability and number of hydraulic 

fractures stages in the single well reservoir model. The simulation lasted ten years and the 

results are shown in Figure 6.2 and 6.3. 

 

Table 6.1 ï Average reservoir, fluid and HF parameters. 

Grid dimension, ft 125 X 50 X 8.86 

Net pay, ft 98.00 

Porosity, fraction  

Matrix permeability ï I, J, and K, md 

5.97E-03 

1.576E-03 

Fracture permeability ï I, J, and K, md 0.315 

Initial reservoir pressure, psi 6000 

Bubble point pressure, psi 2400 

Water saturation 0.45 

Fracture half-length, ft 

Fracture width, ft 

Effective H.F. permeability, md 

Number of H.F. stages 

150 

0.001 

5 

26 
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Figure 6.1 ð Layer 6 of reservoir model showing the  hydraulically fractured 

horizontal well, the number of hydraulic fracture stages (26) and fracture 

permeability distribution in the I direction . 

 

Figure 6.2 shows the comparison of single well performance using different gas injection 

rates (crossplots of oil rates and cumulative oil production versus time). In Figure 6.2, 

green dashed lines represent the case without gas injection (base case), the blue dashed 

lines represent the case of injecting gas at 0.05 MMscf per day, the red dashed lines 

represent the case of injecting gas at 1.0 MMscf per day and the black line represent the 

case of injecting gas at 3.0 MMscf per day. Methane gas was injected in all applicable 

cases.  
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Figure 6.2  ð Comparison of single well performance using different gas injection 

rates.  Green dashed lines represent the case of no gas injection (base case), the blue 

dashed lines represent the case of injecting gas at 0.05 MMscf per day, the red dashed 

lines represent the case of injecting gas at 1.0 MMscf per day and the black line 

represent the case of injecting gas at 3.0 MMscf per day. Methane gas was injected in 

all the applicable cases. 

 

If I rank the cases based on production performance as shown in Figure 6.2, I can conclude 

that the case with gas injection at 3.0 MMscf per day performs the best, followed by the 

case with 1.0 MMscf per day, followed by the case with no gas injection and lastly the case 

with gas injection rates at 0.05 MMscf per day. The reason behind this performance is that 

higher gas injection rates increase the cumulative volume of injected gas into the reservoir. 

This larger volume of gas will have more contact with the oil in the reservoir; causing oil 
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swelling, the corresponding increase in average reservoir pressure, and viscosity reduction 

(reducing the interfacial tension between oil and gas creating, thus, favorable relative 

permeability to oil enabling more efficient movement of oil to the wellbore). However, 

injecting at low rates of 0.05 MMscf per day does not have significant impact on average 

reservoir pressure; but rather deprives the well of continuous production; leading to lower 

oil recovery. 

Figure 6.3 shows crossplots of oil rates and cumulative oil production versus time for 

primary recovery and a combination of H&P gas injection and RF strategies. Green dashed 

lines represent the base case (no H&P gas injection and no RF). The blue dashed lines 

represent case 2 in which  RF operations are performed after 4 H&P cycles. The red dashed 

lines represent case 3 where refracturing is carried out previous to the initiation of the first 

H&P gas injection cycle. Methane gas was injected at 1.0 MMscf per day in cases 2 and 3. 

Results indicate that performing an RF operation before the initiation of huff and puff gas 

injection (case 3) is very important, as the refracturing operation helps to increase fracture 

conductivity and/or increase fracture half length (depending on the size of the fracturing 

job). This creates favorable path ways for the injected gas to reach more oil and improve 

thus the EOR mechanism (e.g. oil swelling, viscosity reduction, gas expansion and gravity 

segregation with counter flow).  
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Figure 6.3 ð Comparison of single well performance using different depletion 

strategies.  Green dashed lines represent case 1 (no H&P and no RF (base case)), blue 

dashed lines represent case 2 (RF after completing four (4) H& P Cycles), and red 

dashed lines represent case 3 (RF before the beginning of H&P). Methane gas was 

injected at 1.0 MMscf/day in both cases involving H & P. 

 

A closer look at the time indicated by a black arrow on Figure 6.3, although same amount 

of gas (1 MMscf of gas per day) was injected in both cases ( red dashed lines (RF before 

H &P) and the blue dashed lines (RF after H &P) in Figure 6.3), the impact of RF on the 

production performance became apparent immediately making the cumulative production 

to climb higher than the case with RF after H & P gas injection. 

Case 1: 

No RF or H &P 

Case 2: 

RF after H &P 

Case 3: 

RF before H &P 
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Review of the above simulation results suggests that higher oil recovery will be obtained 

by optimizing: (1) time to re-fracture a well, (2) gas injection rates, and (3) duration of gas 

injection. Before addressing how to optimize gas injection rates and gas injection duration, 

I decided to show how to determine the time to re-fracture a well for the benefit of the 

reader as this procedure will be applied to multiple wells in the next section simultaneously.  

 

 Example - Productivity index and time to re-fracture  

To demonstrate the impact of productivity index and time to re-fracture a well, a general 

single objective function optimization problem is set up and stated as: 

 

ÍÉÎ
ᶰ Ṓ

ὐὼȟίόὦὮὩὧὸ ὸέ Ὣὼ π                                                                 Equation 6-1 

Where ὐὼ  is the objective function to be minimized (e.g. negative net present value (-

NPV)), ὼɴ Ὑ  is the vector of ὲ design variables (i.e. productivity index multiplier and 

average reservoir pressure), bound and linear constraints (e.g. reservoir boundary 

constraints) are included in the set ɱṒὙ ; and g: Ὑ ᴼὙ  represents the vector of ά 

nonlinear constraints in the problem (e.g. simulation-based constraints). These constraints 

ensure the governing reservoir simulation equations are satisfied since the objective 

function is computed using production data from a commercial reservoir simulator. Table 

6.2 presents the key reservoir, wellbore and economic parameters used for generating a 

production forecast using material balance and NPV calculations. I have adopted material 

balance in this work due to its ability to generate quick production forecasts in less than 
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one-minute compared to numerical reservoir simulation that requires much larger times to 

generate one production forecast.  

 

Table 6.2 ð Key reservoir, wellbore and economic parameters used for material 

balance and undiscounted NPV calculations. 

Parameter  Value 

Total original oil-in-place, MMSTB  1.150 

Initial water saturation, fraction 0.338 

Residual oil saturation, fraction 0.100 

Water compressibility, psi-1  3E-06 

Oil compressibility, psi-1   1E-06 

Matrix compressibility, psi-1   1E-06 

Matrix water saturation, fraction  0.500 

Fracture water saturation, fraction  0.100 

Matrix porosity, fraction 0.063 

Fracture porosity, fraction  5.52E-04 

Initial reservoir pressure, psi 6050 

Bubble point pressure, psi 2400 

Reservoir temperature, Deg. R  683.67 

Reservoir thickness (net pay), ft. 100 

Well drainage area, Acres  50 

Wellbore horizontal length, ft. 5500 

Fracture half length, ft.  200 

Matrix permeability, md 1.76E-3 

Permeability of natural fractures, md 0.15 

Oil price $70/STB 

Cost per xhf $210 

Hydraulic fracture cost $150,000 + (nstage*(x hf * cost per xhf)) 

Refracturing cost $100,000 + (PIM * 1.0MM$) 

Variable operating cost $0.5 per MSCF/$10 per barrel 

Royalty  15 % 

Tax 15% 

Note : xhf  = fracture half length (ft) (200ft), nstage = number of hydraulic fracture 

stages (25) and PIM = productivity index multiplier. 
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Since re-fracturing is usually performed after a well has been on production for some time, 

I decided to select pressure boundaries that allow the well to produce for at least 18 months 

before being considered for re-fracturing. Therefore, instead of optimizing time to re-

fracture, I decided to optimize the average reservoir pressure instead, such that the trigger 

to inform the algorithm to re-fracture the well is when the reservoir pressure declines below 

a certain pressure generated by the algorithm.  Likewise, the productivity index multiplier 

which is a measure of the size of the re-fracturing job and directly related to re-fracturing 

cost was generated by the algorithm during the optimization process. 

 

Therefore, the optimization parameters are (1) productivity index multiplier, and (2) 

average reservoir pressure to initiate RF and H &P operation (PTI ). In this example, the 

lower and upper bounds for the productivity index multiplier are 0.5 and 1.5, respectively. 

For the PTI, the lower and upper bounds are 2300 and 2500 psi, respectively. During the 

optimization process, different productivity index multipliers and PTIs were 

simultaneously considered by the algorithm to trigger the re-fracturing operation and to 

calculate the NPVôs. After performing the optimization task, the best solution has the 

highest NPV (3.063MM$). Figures 6.4, 6.5 and 6.6 show that the best time selected by 

the algorithm to re-fracture the well was approximately 20.10 months.  At this time the PTI 

reached 2450 psi and a productivity index multiplier of 0.5, applied by the algorithm, led 

to an increase in oil production rate from 30 to 140 barrels of oil per day. The corresponding 

cumulative oil production and recovery factor were 109 MSTB and 9.5%, respectively. 
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Figure 6.4 ð Plot of average reservoir pressure and oil production rate versus 

production time (best result). Result of the re-fracturing job is indicated by the 

increased oil production rate from approximately 30 to 140 barrels of oil per day due 

to the impact of the productivity index multiplier on well performance. The blue solid 

line shows the declining average reservoir pressure due to oil production, the orange 

line indicates the time to re-fracture and the red line is the oil production rate. 
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Figure 6.5 ð Plot of average reservoir pressure and cumulative oil production versus 

production time (best result). The blue solid line shows the declining average reservoir 

pressure due to oil production, the orange line indicates the time to re-fracture. The 

red line is cumulative oil production. 

 

 

Figure 6.6 ð NPV distribution for the last 20 simulations following 600 function 

evaluations. Best Solution indicated by red bar. 
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Figures 6.7, 6.8, 6.9 and 6.10 show the last iteration prior to optimization process 

termination, 20 profiles are indicated on each figure and the best result is indicated by a 

red dashed line. Some key observations from the figures indicate that early re-fracturing 

helps to accelerate oil recovery. On the other hand, re-fracturing, even of a large size, is 

not beneficial when the job is done at a very low reservoir pressure. The technical limit to 

stop production for performing a re-fracturing job was set at an average reservoir pressure 

of 2000 psi in this example.  

 

 

Figure 6.7 ð Impact of productivity index multiplier and time to re -fracture on well 

performance. Oil production rate versus production time based on 20 optimization 

results using derivative-free algorithms. Production forecast terminates when the 

production rate reaches technical limit. The production forecast was generated using 

a swarm of 20 particles and material balance calculations. 
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Figure 6.8 ð Impact of productivity index multiplier and time to re -fracture on well 

performance. Oil recovery factor rate versus production time based on 20 

optimization results from derivative-free algorithms. Production forecasting 

terminates when the production rate reaches technical limit. The production forecast 

was generated using a swarm of 20 particles and material balance calculations. 

 

 

 

Figure 6.9 ð Impact of productivity inde x multiplier and time to re-fracture on well 

performance. Cumulative oil production rate versus production time based on 

optimization results from derivative-free algorithms. The production forecast 

terminates when the production rate reaches technical limit. The production forecast 

was generated using a swarm of 20 particles and material balance calculations. 
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Figure 6.10 ð Impact of productivity index multiplier and time to re -fracture on well 

performance. Average reservoir pressure versus production time based on 20 

optimization results from derivative-free algorithms. The production forecast 

terminates when the production rate reaches technical limit. The production forecast 

was generated using a swarm of 20 particles and material balance calculations. 

 

The next section discusses the procedures adopted for conducting field development 

planning on multiple wells and how reasonable interpretations of results and decisions can 

be made within short time frames. 

 

 

6.3 Oil Field Development for Multiple Wells 

In the previous section (6.2) I demonstrated that combining H&P gas injection with RF at 

the appropriate time would lead to more oil recovery. However, extending our knowledge 

from the previous studies to multiple wells using a numerical reservoir simulator for 

generating production forecast and NPV calculation would be challenging because 

multiple numerical reservoir simulation runs for use in derivative-free algorithms are 

computationally very expensive. To solve this problem, I use for the first-time material 
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balance calculations to generate production forecasts and their corresponding NPVs. To 

the best of my knowledge this is the first time that tank material balance calculations are 

combined with derivative-free algorithms for optimizing petroleum engineering problems.  

Orozco et al. (2018a and 2018b) have explained the material balance methodology in detail. 

Except when stated otherwise, Tables 6.2 and 6.3, and published reservoir rock and fluid 

data from Orozco et al. (2018a and 2018b) has been used as analog data for the wells 

considered in this Chapter.  

  

 Study Area 

The study area is the Eagle Ford Shale in South Texas (Figure 6.11). Eagle Ford shale is 

carbonate-rich making it a good candidate for well stimulation (Cash et al., 2016). This 

chapter considers 10 groups, each one of 10 wells, for a total of 100 horizontal wells that 

penetrate the Eagle Ford Shale. The 10 groups were selected based on geographic area, 

reservoir rock and fluid properties including porosity, permeability, gross thickness, 

reservoir size, approximate depth, initial reservoir pressure, drilling and completion 

strategy (e.g. well length). Porosities range from 0.053 to 0.076, initial water saturations 

range from 0.19 to 0.37, thicknesses range from 90 to 110ft, initial reservoir pressures 

range from 5900 to 6500 psi, matrix permeabilities range from 1399 to 2208 nd, and 

effective horizontal well lengths range from 5000 to 7000 ft. All horizontal wells are 

hydraulically fractured in multiple stages. Data for the 10 groups considered in this Chapter 

are listed in Table 6.3. The first column is the group number, the second column is the well 

count per group, the third column contains the initial average reservoir pressure, the fourth 
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column shows the reservoir thickness, the fifth column contains the porosity, the sixth 

column contains the initial water saturation, the seventh column has the effective wellbore 

horizontal well length, the eight column has the calculated well drainage area, the ninth 

column contains the formation volume factor and the last column contains the OOIP 

determined using volumetric method.  

 

 

Figure 6.11 ð Eagle Ford Shale, South Texas (US E.I.A., 2010. legacy.lib.utexas.edu, 

2019). 
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Table 6.3 ð Data for 10 groups of wells that penetrate the Eagle Ford Shale. The 10 

groups were selected based on geographic area, reservoir rock and fluid properties. 

1 2 3 4 5 6 7 8 9 10 

Group  
Well 

Count 

Pi, 

psia 
h,ft PHI Swi 

Le, 

ft 

Drainage 

Area, 

Acres 

FVF 

(RB/STB) 
OOIP,STB 

1 10 6050 95 0.063 0.338 5500 49 1.384    1,085,052.30  

2 12 6000 90 0.056 0.270 7000 62 1.385    1,272,718.70  

3 6 6500 90 0.076 0.271 5000 44 1.377    1,246,038.24  

4 10 5950 110 0.053 0.313 6000 53 1.385    1,197,147.85  

5 9 6500 105 0.063 0.260 6000 53 1.377    1,463,498.12  

6 18 5900 100 0.059 0.367 5500 49 1.386    1,013,610.05  

7 8 6100 90 0.054 0.297 6000 53 1.383    1,008,534.88  

8 10 6000 95 0.066 0.192 6500 57 1.385    1,619,443.33  

9 10 6200 110 0.068 0.242 5500 49 1.381    1,546,972.64  

10 7 6000 90 0.073 0.270 6500 57 1.385    1,547,975.33  

Pi = Initial reservoir pressure, h = Reservoir thickness, PHI = Porosity, Swi = Initial water 

saturation, Le= Effective wellbore horizontal length, FVF = Formation volume factor and OOIP 

= Original oil in place per well. 

 

 

 Application of PSO features to Optimize Multiple Wells   

The stand alone PSO algorithm presented in Chapter 2 will now be applied to solve a well 

control (WC) optimization problem for H&P and RF operation for multi-wells. The size of 

the swarm for PSO is 30 and each particle ( ὼ) in PSO contains a selected set of well 

control (WC) variables for production optimization. This is represented for one group of 

wells by Equation 6-2: 

ὼ  ό
 

ȟὺ
 

ȟᾀ
  

                                                                                   Equation 6-2 

where όȟὺȟ and ᾀ are the sets of well control (WC) variables to be optimized for all groups.  
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 Objective Function Formulation 

To solve the field development optimization problem for conducting H&P and RF 

operations in multi-wells that penetrate the shale reservoir, ten (10) objective functions, 

each representing a group must be considered. This leads to a multiple objective 

optimization problem. According to Rao (2009), solving for multiple objectives can lead 

to conflict between objective functions. This happens especially when one design or control 

variable that worsens one objective, improves the other. One simple way to handle the 

problem is to construct an overall objective function as a linear combination of the 

conflicting multiple objective functions (Rao, 2009).  Therefore, I used an overall objective 

function that sums each groupôs NPV. When running the optimization and checking for 

NPV improvements between successive iterations, all objective functions are equally 

important, and the multi-objective formulation can be stated as: 

ÍÉÎ
ᶰ Ṓ

ὐ  В
Ȣ Ȣ    Ȣ

ȟ
  

ίόὦὮὩὧὸ ὸέ Ὣὼ πȟ
 

                          Equation 6-3 

where *ὼ  is the overall objective function to be optimized and is equal to the overall 

undiscounted NPV (sum of NPV per group per well), N is the total number of group NPVôs 

considered for determining the overall NPV,  ὼɴ Ὑ  is the vector of ὲ control variables 

(e.g. gas injection rates ); bound and linear constraints (e.g. reservoir boundary constraints) 

are included in the set ɱṒὙ ; and g: Ὑ ᴼὙ  represents the vector of ά nonlinear 

constraints in the problem (e.g. simulation-based constraints). These constraints ensure the 

governing reservoir simulation equations are satisfied, since the objective function is 
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computed using production data from a material balance forecast. In Equation 6.4 ὗ  and 

ὖ are the cumulative volumes of oil produced (STB) and price of oil ($/STB), respectively, 

R is the royalty rate, C is the total expenditure which includes capital (original hydraulic 

fracturing cost and refracturing cost) and operating costs, ὅ ὼ is the cost used to penalize 

the result if the average reservoir pressure after gas injection exceeds ninety percent of the 

initial reservoir pressure, this ensures that function evaluation does not make it to become 

the best solution and that our final solution selects optimization parameters below the 

formation fracturing pressure, T is the tax rate, D is discount rate (0%), and t is the 

cumulative time periods simulated (years). The maximum allowable simulation time is 10 

years. Table 6.2 lists the assumed field development economic parameters used for the 

undiscounted NPV calculation. 

 

 Optimization Methods and Solution Approaches  

The optimization methods and formulations described in previous sections of this Chapter 

and Chapter Two will now be applied to solve a well control optimization problem for 

multi-wells undergoing H&P gas injection and RF operations. The approach I adopted 

optimizes all well control variables simultaneously. The three well control variables 

considered for optimization are (1) gas injection rate, (2) gas injection duration and (3) 

average reservoir pressure at which RF and H&P operation (PTI) should be initiated. I have 

used bound constraints in the optimization process, shown in Table 6.4, to enable a more 

efficient search. These constraints served to limit the generation of optimization parameters 
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that might lead to infeasible solutions e.g. parameters that will result in average reservoir 

pressure that will be above formation fracturing pressure. 

 

Table 6.4 ð Optimization boundary parameters for re-fracturing and H&P gas 

injection. 

Optimization parameters Lower Bound Upper Bound 

Gas Injection rate, MMscf per day 2 4 

Gas Injection duration, days 40 90 

PTI, psi 2300 3000 

Note: At the re-fracturing stage, productivity index (PI) is restored to the 

original productivity index value. PTI is the average reservoir pressure to 

initiate RF and H&P. 

 

The optimization results are summarized in Table 6.5, and Figures 6.13, 6.14, 6.15, 6.16, 

and 6.17. A total of 300 simulations per iterations were conducted to generate the results 

presented in Table 6.5. Column one is the group number, column two contains the number 

of wells in the group, column three is the gas injection rate, column four is the gas injection 

duration, column five is the pressure to initiate RF and H&P, column 6 contains the 

cumulative oil production, column 7 has the oil recovery factor, column 8 has the 

cumulative gas production, and column 9 has the NPV per well (multiply NPV per well 

times  the well count for that group to determine the NPV per group).  

Due to the inherent complexity of field development optimization problems and stochastic 

nature of the algorithm, there are possibilities of obtaining different answers for every new 

optimization run started with different initial guesses. But the qualitative interpretation of 

results between different runs is the same. Figure 6.12 presents results of the established 

ranking, which is used for determining the group of wells to be completed first based on 



   

154 

 

 

oil production and cash flow generation. For instance, group nine (9) displays the best 

economic performance (12.603 MM$), while group six (6) shows the worst economic 

performance (5.95 MM$). Table 6.5 emphasizes the essence of using an economic 

indicator such as NPV as a performance index. This is so because the relationships between 

production performance (technical) and economics are often non-linear. For example, more 

gas injection or higher recovery factor does not necessarily lead to higher NPV if more gas 

processing costs are incurred. It is therefore very important to optimize well control 

variables for economic recovery of oil during production operations. 

Finally, grouping the wells by analogy and combining material balance with derivative-

free optimization algorithms help to generate all possible field development options using 

H&P and RF technology on multiple wells within a shorter time-frame. Based on economic 

ranking of these groups of wells, the operator can make a reasonable decision about how 

to prioritize the development of these assets. 
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Figure 6.12 ð Ranking of undiscounted NPV per well per group.  

 

Table 6.5 ð Optimization results for each group of wells. There are 100 wells in the 

10 groups.  

1 2 3 4 5 6 7 8 9 

Group 

Number 

Well 

Count 

Gas Inj. 

Rate, 

MMscf/d 

Gas Inj. 

Duration, 

days 

PTI, psi 

Cum. oil 

prod., 

MSTB. 

Oil 

Rec. 

Factor 

(%) 

Cum. 

gas 

prod., 

MMscf 

NPV 

per 

well 

($MM) 

1 10 2.12 40.00 3000 318.14 29.32 756.82 10.912 

2 12 2.12 40.00 3000 308.44 24.23 541.20 10.844 

3 6 2.12 40.00 3000 331.00 26.56 665.88 11.605 

4 10 2.12 40.00 3000 334.47 27.94 732.93 11.662 

5 9 2.12 40.00 3000 341.95 23.37 580.74 12.232 

6 18 2.12 40.00 3000 324.17 31.98 896.68 5.950 

7 8 2.12 40.00 3000 307.33 30.47 766.77 10.431 

8 10 2.12 40.00 3000 323.94 20.00 445.10 11.727 

9 10 2.12 40.00 3000 349.89 22.62 566.13 12.603 

10 7 2.12 40.00 3000 300.58 19.42 407.55 10.800 

Note: PTI = The pressure to initiate RF and H & P. 
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Figure 6.13 ð Plot of oil production rate per well in each group vs. production time. 

 

 
Figure 6.14 ð Plot of oil recovery factor per well for each group vs. production time. 
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Figure 6.15 ð Plot of cumulative oil production per well in each group vs. production 

time. 

 

 
Figure 6.16 ð Plot of cumulative gas production per well in each group vs. time. 



   

158 

 

 

 

 
Figure 6.17 ð Plot of average reservoir pressure per well in each group vs. time. The 

pressure to initiate RF and H&P (PTI) is 3000 psi and 2800 psi is the pressure for 

continuous switching of cycle from production to injection status for all groups. 
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CHAPTER SEVEN:  PRODUCTION OPTIMIZAT ION OF EAGLE FORD HUFF 

AND PUFF GAS INJECTION PILOT WELL  

7.1 Introduction  

Typical oil recoveries from shale petroleum reservoirs stand at about 6 to 10 percent of the 

original oil-in-place (OOIP), leaving behind more than 90% of the OOIP. Improved and 

enhanced oil recovery (IOR and EOR) methods are being piloted by various companies in 

efforts to increase oil recovery from shale petroleum reservoirs such as the Eagle Ford 

shale in Texas. Huff and Puff Gas Injection (H&P) is the method that is most piloted at this 

time. IOR occurs when miscibility between the injected gas and oil in the reservoir is not 

reached. In the case of EOR miscibility is reached.  Based on a publication by EOG 

Resources (Figure 7.1), H&P could lead to between 30 to 70 % more recovery than 

primary recovery. But a disadvantage of H&P according to Rassenfoss (2017) is that 

production has to stop for gas injection to follow, leading to loss of production time and 

revenue. An advantage is that the same horizontal well is used for gas injection and oil 

production leading to savings as no gas injection wells have to be drilled. Fragoso et al., 

(2017) have indicated that both IOR and EOR can lead to improved oil recovery in shale 

reservoirs. 

In the description that follows in this chapter a cycle is made up of a period of gas injection 

followed by a period of oil production. There can be many cycles of H&P gas injection, 

and the periods of gas injection and oil production can be changed as dictated by the 

derivative-free optimization algorithms. 
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Figure 7.1ð EOG Resources prediction for H&P gas injection EOR in the Eagle Ford 

(Rassenfoss, 2017).  H&P  leads to 1.3x (30%) to 1.7x (70%) more oil recovery than 

using primary recovery. 

 

Ramirez and Aguilera (2016) did a study on fluid containment and concluded that IOR and 

EOR gas injection works in shale reservoirs because the injected gas is contained in the 

shale matrix. This ócontainmentô means that the injected gas during a H&P gas injection 

project does not generally leak outside the stimulated reservoir volume (SRV); therefore, 

the injected gas can penetrate the tight matrix and interact with the oil. According to EOG, 

key factors required for successful implementation of their EOR depletion strategy are as 

follows: (1) the reservoir can hold injected gas especially near the producing well, (2) the 

wellbore is exposed to the most productive area of the reservoir, and (3) the completion 

operation maximizes the fractured area close to some limited region around the wellbore 

(Rassenfoss, 2017).   
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H&P operations in shales conducted through horizontal hydraulically fractured wells 

require repeated cycles of gas injection and oil production. I present an improved approach 

to this technique using real data from an Eagle Ford H&P gas injection pilot well. I propose, 

with the use of material balance and derivative-free optimization algorithms (Particle 

Swarm Optimization (PSO) and Hill Climber (HC)) a depletion strategy that allows 

optimizing the duration of the gas injection and oil production cycle during H&P, gas 

injection rates, and the reservoir pressure at which H&P gas injection should be initiated. 

The result is a faster and more economic recovery of oil. 

 

The next sections explain work performed to history match real data of a H&P pilot well 

in the Eagle Ford shale and how to optimize production from this well to achieve faster 

and more economic recovery of oil. 

 

7.2  History Match: Eagle Ford Huff and Puff Pilot Well  

To have greater confidence on material balance calculations and prediction of H&P, 

historical production data from an Eagle Ford pilot well was matched. The reservoir rock 

and fluid properties used in this history match were published by Orozco et al. (2018a and 

2018b). Table 7.1 shows some of the key reservoir and wellbore parameters used in this 

Chapter. Orozco et al. (2018a and 2018b) developed a material balance equation and 

presented a history match of the pilot data. Their material balance is used in this chapter 

for quick function evaluation, enabling us to learn faster at lower computing cost. The 
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essence of performing a history match in this section is to gain confidence on the 

performance predictions presented in the next sections using derivative-free optimization 

algorithms. 

 

 Figures 7.2, 7.3 and 7.4 show the results of the history match after applying some 

reservoir engineering experience to identify a potential average reservoir pressure at which 

to switch from oil production to gas injection status, and vice versa. For instance, the first 

gas injection period starts when the average reservoir pressure declines below the reservoir 

bubble point pressure (2400 psi). History matching this first change in the life of the well 

is significant as it helps to identify when, later cycles of gas injection and oil production 

will happen during history matching. The quality of the history matchings shown in 

Figures 7.2, 7.3 and 7.4 is reasonable and consequently acceptable for making reservoir 

performance predictions for the Eagle Ford pilot well.  

 

Following history match of H&P in the pilot well, this chapter integrates derivative-free 

algorithms and material balance calculations to investigate what the performance of the 

H&P gas injection pilot would have been by carrying out procedure proposed in this work 

as compared to what actually was done in the field.  
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Table 7.1 ð Key reservoir and wellbore parameters used for material balance 

calculations in this chapter (Orozco et al., 2018a and 2018b). 

Parameter  Value 

Total original oil-in-place, MMSTB  1.295 

Matrix original oil-in-place, MMSTB 1.274 

Fractures original oil-in-place, MMSTB 0.021 

Initial water saturation, fraction 0.496 

Residual oil saturation, fraction 0.100 

Water compressibility, psi-1  3E-06 

Oil compressibility, psi-1   1E-06 

Matrix compressibility, psi-1   1E-06 

Matrix water saturation, fraction  0.500 

Matrix oil saturation, fraction  0.500 

Fracture water saturation, fraction  0.100 

Fracture oil saturation, fraction 0.900 

Matrix porosity, fraction 0.060 

Fracture porosity, fraction  5.52E-04 

Initial reservoir pressure, psi 6000 

Bubble point pressure, psi 2400 

Reservoir temperature, Deg. R  683.670 

Reservoir thickness (net pay), ft. 97.500 

Well drainage area, Acres  73 

Wellbore horizontal length, ft. 6240 

Fracture half length, ft.  150 

Matrix permeability, md 1.58E-3 

Permeability of natural fractures, md 0.315 
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Figure 7.2ð Plot of oil production rate vs. time and history match of huff and puff 

gas injection in an Eagle Ford shale pilot well. 

 

 

Figure 7.3ð Plot of oil recovery factor vs. time and history match of huff and puff 

gas injection in an Eagle Ford shale pilot well. 
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Figure 7.4 ð Plot of cumulative oil production vs. time and history match of huff and 

puff gas injection in an Eagle Ford shale pilot well. 

 

7.3  Production Optimization of Huff and Puff Pilot Well  

This section assesses the incremental impact of future H&P operations in the pilot well and 

how a change in field depletion strategy can optimize the oil recovery from the Eagle Ford 

shale. The first case (Case I) considers optimizing gas injection duration, gas injection 

rates, and the pressure to switch cycle (PTSC) from oil production to gas injection status. 

The second case (Case II) considers PSO for optimizing gas injection duration, gas 

injection rates, and pressure to switch cycle (PTSC), close to the bubble point pressure. I 

have used two derivative-free algorithms for production optimization: (1) PSO for 

optimizing the gas injection duration, gas injection rates and the reservoir pressure to 

switch from oil production to gas injection, (2) HC for determining the average reservoir 

pressure after gas injection. Details about these optimization algorithms were explained in 
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Chapter Two. In there I focus on derivative-free optimization algorithms due to their 

applicability to problems where gradients of objective functions are either expensive to 

obtain, not available or cannot be properly defined. This is the case of field development 

problems, which often have non-linear relationships. As I am considering automatic 

combination of different parameters at different stages in the life of the well, it is important 

to mention that careful consideration is given to the combination of gas injection rates and 

duration of gas injection periods to ensure that enough volume of gas is injected to 

permeate through the tight matrix, to interact with the oil, and to increase the average 

reservoir pressure. In essence, function evaluation results (field development scenario or 

option) with very low cumulative gas injection volume cannot make it to become the best 

optimum solution. As such, this scenario would lead to low oil recovery. Likewise, options 

that would increase the average reservoir pressure above ninety percent of the initial 

reservoir pressure were considered as infeasible solution and are therefore penalized. As 

such, this scenario would lead to lower economic value.  

 

Due to the stochastic nature of derivative-free algorithms and chances of having multiple 

optima for different runs, three runs were conducted starting from different initial guesses 

and their average was determined. The initial guesses were randomly generated from a 

uniform distribution within the bounds of the problem. These bounds were selected based 

on reservoir engineering experience, and the bounds are mentioned in each case study. I 

have limited the minimum number of function evaluations for each case study to 800. The 

total number of function evaluations for each run is determined by the termination criteria 
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as explained in Chapter Two of this thesis. From the results, it can be concluded that this 

number of function evaluations are enough to reach reasonable conclusions and limit 

computing time. Each function evaluation represents a field development scenario. The 

total allowable simulation time is 10 years (120 months). The PSO are run with a swarm 

of 20 particles (thus, each PSO iteration requires a maximum of 20 function evaluations 

i.e. 20 reservoir material balance simulations). For the economic optimization forecast, I 

used the net total economic value (NTEV) (Equation 7.1) mentioned in Chapter Two as 

the objective function, which is generally given by: 

 

ÍÁØ*Ø
В Ȣ Ȣ   Ȣ

                                           Equation 7-1 

ίόὦὮὩὧὸ ὸέ Ὣὼ π                                                                      

Where *ὼ  is the objective function to be optimized and is equal to NTEV, (NTEV is a 

modified version of NPV and is more appropriate for situations where the end time of the 

production forecast can be easily determined) ȟ Ὣὼ  represents the vector of ά nonlinear 

constraints in the problem (e.g. simulation or material-based constraints); these constraints 

ensure the governing material balance or simulation equations are satisfied since the 

objective function is calculated using production data from the material balance forecast, 

ὼ defines and contain the possible optimization parameters associated with well controls 

(e.g. gas injection rates), ὗ  is the cumulative volumes of oil produced (STB), ὖ is the 

price of oil ($70 per STB), R is the royalty rate (15%), C is the total expenditure which 

includes operating costs of oil ($10 per STB) and gas ($0.50 per MSCF), T is the tax rate 
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(10%), D is discount rate (10%), t is the cumulative time period where economic value is 

being discounted and  ὅ ὼ is the cost used to penalize the result if the average reservoir 

pressure after gas injection exceeds ninety percent of the initial reservoir pressure. This 

ensures that the function evaluation does not make it to become the best solution and that 

our final solution selects optimization parameters below the formation fracturing pressure.  

 

 Case I: Production Optimization Going Forward from Last Cycle of Actual Huff 

and Puff Operation 

In this case, the objective was to determine optimization parameters to be used to continue 

the H&P operation going forward from the end of the actual H&P operation (i.e. 61 

months). The optimization parameters are gas injection rates, gas injection duration, and 

reservoir pressure to switch the well from oil production to gas injection. For the gas 

injection rates, the lower and upper bounds are 2 MMscf per day and 4 MMscf per day, 

respectively. For the oil production period (or gas injection shut-in duration, the lower and 

upper bounds are 30 days and 60 days, respectively. For the reservoir pressure to switch 

the well from oil production to gas injection, the lower and upper bounds are 2500 psi and 

3500 psi, respectively. These pressure range was selected so that the H&P operation could 

be sustained above the bubble point leading to an accelerated oil recovery. Results of the 

optimization forecasts are shown on Figures 7.5, 7.6, 7.7 and 7.8. The graphs show that 

recovery factors can be increased up to approximately 34% of the OOIP using shorter gas 

injection periods and longer production times. Table 7.2 shows the results of the economic 

optimization obtained from the three runs, based on three different initial guesses. The 

optimization parameters with the best economic value are italicized. Column one contains 



   

169 

 

 

the run number, column two shows the total number of function evaluations for that 

particular run, columns three and four show the gas injection duration and gas injection 

rates up to the 10th cycle, columns five and six show the gas injection duration and gas 

injection rates up from the 11th cycle  until  the end of the production optimization forecast, 

column seven shows the reservoir pressure that switches the well from oil production to 

gas injection, column eight shows the cumulative oil produced, column nine shows the oil 

recovery factor, and column ten shows the NTEV for that run.  

Table 7.2 shows that Run 1 has the highest NTEV (US$ 6.376 MM) with cumulative oil 

production and recovery factor (RF) of 433.72 STB and 33.5%, respectively. Run 1 also 

has the shortest gas injection duration (55.61 and 41.70 days); hence, it incurred less gas 

processing costs.  In the average, the gas injection duration can be reduced to 55.93 days 

at 3.97 MMscf of gas per day and 53.90 days at injection rate of 4.00 MMscf of gas per 

day. The results show that shorter gas injection duration with higher injection rates can 

increase the oil recovery, while saving non-production time. The fact that the NTEV shown 

in column 10 is approximately the same points to the robustness of the derivative free 

algorithms, as the 3 cases were initiated with three different initial guesses.   

Table 7.2 ð Production optimization results from the three initial guesses used in 

the optimization forecast (best economic value is italicized). OOIP = 1.295E6 STB. 

1 2 3 4 5 6 7 8 9 10 

Run F(x) 

GID-1, 

Days 

GIR-1, 

MMscf/D 

GID-2, 

Days 

GIR-2, 

MMscf/D 

PTSC, 

psi 

Cum. 

Oil, 

MST

B 

ORF, 

% 

NTEV, 

MM$ 

1 1560 55.61 4.00 41.70 4.00 3495 433.72 33.50 6.376 

2 1900 56.06 3.97 60.00 4.00 3500 432.55 33.40    6.366  

3 1300 56.13 3.95 60.00 4.00 3500 446.76 34.50 6.364 

AVERAGE 55.93 3.97 53.90 4.00 3498 437.68 33.80 6.369 

Note: GID = Gas injection duration, GIR = Gas injection rate, PTSC = Reservoir pressure to switch cycle, 

ORF = Oil recovery factor. 
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Figure 7.5 ð Plot of oil production rate vs. production time for run #1 (best run). The 

last iteration is the result of 20 optimization profiles. Red solid line represents real 

data from Eagle Ford Pilot well, green dashed line is the production profile without 

huff and puff gas injection, and the blue dashed lines are the results from each 

iteration using the material balance forecast coupled with derivative-free 

optimization algorithm. OOIP = 1.295E6 STB. 

 

 

Figure 7.6 ð Plot of oil recovery factor vs. production time for run #1 (best run). The 

last iteration is the result of 20 optimization profiles. Red solid line represents real 

data from Eagle Ford Pilot well, green dashed line is the oil recovery profile without 

huff and puff gas injection and the blue dashed lines are the results from each 

iteration using the material balance forecast coupled with derivative-free 

optimization algorithm. OOIP = 1.295E6 STB. 
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Figure 7.7 ð Plot of cumulative oil production vs. production time for run #1 (best 

run). Last iteration  is the result of 20 optimization profiles. Red solid line represents 

real data from the Eagle Ford Pilot well, green dashed line is the oil recovery profile 

without huff and puff gas injection and the blue dashed lines are the results from each 

iteration using the material balance forecast coupled with the derivative free 

optimization algorithm. OOIP = 1.2953E6 STB. 

 

Figure 7.8 ð Plot of average reservoir pressure vs. production time for run #2 (best 

run). Last iteration is the result of 20 optimization profiles. Green dashed line 

represents oil recovery profile without huff and puff gas injection and the blue dashed 

lines are the results from each iteration using the material balance forecast and the 

derivative free optimization algorithm. OOIP = 1.2953E6 STB. 
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 Case II: Production Optimization from Start Time of Actual Huff and Puff Gas 

Injection Operation  

In this case, the objective was to determine optimization parameters to be used at the start 

of H&P gas injection (i.e. 30 months) using the optimization strategy from Case I. As in 

the previous case, the optimization parameters are gas injection duration, gas injection 

rates, and reservoir pressure to switch the well from oil production to gas injection. I have 

used the same boundary constraints as Case I. Table 7.3 shows the results of the economic 

optimization from the three runs based on three different initial guesses. The optimization 

parameters with the best economic value are italicized. Column one contains the run 

number, column two shows the total number of function evaluations for that run, columns 

three and four show the shut-in duration and gas injection rates up to the 10th cycle, columns 

five and six show the gas injection rates up from the 11th  cycle to the end of the production 

optimization forecast, column seven shows the reservoir pressure to switch the well from 

oil production to gas injection status, column eight shows cumulative oil produced, column 

nine shows oil recovery factor, and column ten shows the NTEV for that run. . The fact 

that the NTEV shown in column 10 is approximately the same points to the robustness of 

the derivative free algorithms, as the 3 cases were initiated with three different initial 

guesses.   
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Table 7.3 ð Production optimization results from the three initial guesses used in the 

optimization forecast (best economic value italicized). OOIP = 1.2953E6 STB. 

1 2 3 4 5 6 7 8 9 10 

Run F(x) GID-1, 

Days 

GIR-1, 

MMScf/D 

GID-2, 

Days 

GIR-2, 

MMScf/D 

PTSC, 

psi 

Cum. 

Oil, 

MSTB 

ORF, 

% 

NTEV, 

MM$ 

1 820 30.60 2.00 43.30 4.00 3500 454.61 35.00 6.620 

2 1400 30.00 3.25 31.60 4.00 3500 475.61 36.72 6.690 

3 1320 38.10 2.57 60.00 4.00 3500 474.32 36.62 6.532 

AVERAGE 32.90 2.61 45.00 4.00 3500 468.18 36.11 6.614 

Note: GID = Gas injection duration, GIR = Gas injection rate, PTSC = Reservoir pressure to switch cycle, 

ORF = Oil recovery factor. 

 

 

Results of the optimization forecasts are shown on Figures 7.9, 7.10, 7.11 and 7.12. The 

graphs show that recovery factors can be increased up to approximately 36% of the OOIP 

using shorter gas injection periods and longer production times. Run 2 in Table 7.3 has the 

highest NTEV (6.690 MM$) with cumulative oil production and RF of 475.61MSTB and 

36.72%, respectively. Run 2 has the shortest gas injection duration (30.00 and 31.60 days). 

Thus, it incurred less gas processing costs. In the average, the gas injection duration can be 

reduced to 32.90 days at 2.61 MMscf of gas per day and 45 days at injection rate of 4.00 

MMscf of gas per day, and the reservoir pressure to switch the well from oil production to 

gas injection status is 3500 psi. From this case study, the RF of the best run (run 2) is 

approximately 3.2% higher than the best result of Case I (RF = 33.5%, NTEV = 6.376 

MM$). In terms of NTEV, the economic value of Case II is higher than that of Case I by 

$314,000 or 5.0 %. This is so because more gas was injected in Case I than Case II based 

on the optimization results in Table 7.2 and 7.3. Therefore, gas injection and processing 

costs for Case I are higher than for Case II, leading to lower NTEV. Some of the advantages 

of Case II over Case I are as follows: 
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(1) faster recovery of oil, (2) higher recovery factor (at 60 months recovery factor of Case 

II  is at approximately 18% and Case I is at approximately 14%), and (3) less gas processing 

cost due to shorter gas injection duration.   

 

 
 

Figure 7.9 ð Plot of oil production rate vs. time for run #2 (best run). Last iteration 

includes 20 optimization profiles. Red solid line represents real data from Eagle Ford 

Pilot well, green dashed line is the production profile without huff and puff gas 

injection and the blue dashed lines are the results from each iteration using the 

material balance forecast and optimization algorithm. OOIP = 1.2953E6 STB. 
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Figure 7.10 ð Plot of oil recovery factor vs. production time for run #2 (best run). 

Last iteration includes 20 optimization profiles. Red solid line represents real data 

from Eagle Ford Pilot well, green dashed line is the oil recovery profile without huff 

and puff gas injection and the blue dashed lines are the results from each iteration 

using the material balance forecast and derivative free optimization algorithm. OOIP 

= 1.2953E6 STB.  

 

 

Figure 7.11 ð Plot of cumulative oil production vs. production time for run #2 (best 

run). Last iteration includes 20 optimization profiles. Red solid line represents real 

data from Eagle Ford Pilot well, green dashed line is the oil recovery profile without 

huff and puff gas injection and the blue dashed lines are the results from each 

iteration using material balance forecast and the derivative free optimization 

algorithm. OOIP = 1.2953E6 STB. 
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Figure 7.12 ð Plot of average reservoir pressure vs. production time for run #2 (best 

run). Last iteration includes 20 optimization profiles. Green dashed line represents 

oil recovery profile without huff and puff gas injection and the blue dashed lines are 

the results from each iteration using material balance forecast and derivative free 

optimization algorithm. OOIP = 1.2953E6 STB. 

 

 Impact of Gas Injection Rates (GIR) and Gas Injection Duration (GID) 

The objective of this section is to compare production performance using different gas 

injection rates and gas injection duration. Figures 7.13, 7.14 and 7.15 show results of the 

comparison using different gas injection rates and gas injection duration. Table 7.4 

includes results of the comparison, where column one is the case number, column two is 

the gas injection duration, column three shows gas injection rates, column 4 is the pressure 

to switch the well from oil production to gas injection, column five is the cumulative oil 

produced and column six is the NTEV. Results from Table 7.4 is different from those 

earlier reported in this chapter due to different depletion strategy. Table 7.4 compares gas 

injection duration of 50 days and 100 days but injecting gas at 1 MMscf per day. The longer 

gas injection duration (100 days) slightly outperforms the shorter gas injection of 50 days. 
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This suggests that longer gas injection periods even at low gas injection rates would later 

lead to an increase in the average reservoir pressure, which in turn will lead to higher oil 

recovery. On the other hand, injecting low gas rates for shorter periods (50 days) would 

lead to lower oil recovery as sufficient gas has not been injected to re-pressurize the 

reservoir previous to switching the well from gas injection to oil production status. 

However, with shorter gas injection duration (50 days) but higher gas injection rates of 4 

MMscf per day, the oil recovery slightly outperforms the longer gas injection duration (100 

days). This is so partly because the non-production time due to gas injection is reduced by 

50 days. Hence, there would be more production time. Also, the higher gas injection rates 

are sufficient to penetrate the tight matrix of the rock, interact with oil and mobilize it to 

the wellbore. Finally, results show that the gas injection duration must be reduced and gas 

injection rate must be increased in order to have higher oil recovery. 

 

Table 7.4 ð Comparison of gas injection duration and gas injection rates for huff 

and puff gas injection. OOIP = 1.2953E6 STB. 

1 2 3 4 5 6 7 

Case # GID, 

Days 

GIR, 

MMscf/D 

PTSC, psi Cum. Oil, 

MSTB 

ORF, % NTEV, 

MM$ 

1 50.00 1.00 3000 320.00 24.71 4.846 

2 50.00 4.00 3000 413.70 31.95 6.139 

3 100.00 1.00 3000 322.20 24.88 4.998 

4 100.00 4.00 3000 400.00 30.90 5.692 

Note: GID = Gas injection duration, GIR = Gas injection rate, PTSC = Reservoir 

pressure to switch well from production to gas injection status, ORF = Oil recovery 

factor. 
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Figure 7.13 ð Plot of oil production rate vs. time. Red solid line represents the real 

data from Eagle Ford Pilot well, green dashed line is the production profile without 

huff and puff gas injection, the blue dashed line is the result using 50 days for injecting 

gas at 1 MMscf per day, the blue solid line is the result using 50 days of gas injection 

at 4 MMscf per day, the red dash line is the result using 100 days of gas injection at 1 

MMscf per day, and the black dashed line is the result of injecting gas at 4 MMscf 

per day during 100 days. OOIP = 1.2953E6 STB. GID = Gas Injection duration, GIR 

= Gas injection rate. 
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Figure 7.14 ð Plot of oil recovery factor vs. production time. Red solid line represents 

real data from Eagle Ford Pilot well, green dashed line is the production profile 

without huff and puff gas injection, the blue dashed line is the result using 50 days of 

gas injection at 1 MMscf per day, the blue solid line is the result using 50 days for 

injecting gas at 4 MMscf per day, the red dash line is the result using 100 days for 

injecting gas at 1 MMscf per day, and the black dashed line is the result using 100 

days for injecting gas at 4 MMscf per day. OOIP = 1.2953E6 STB. GID = Gas 

Injection duration, GIR = Gas injection rate. 
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Figure 7.15 ð Plot of cumulative oil production vs. Red solid line represents real data 

from Eagle Ford Pilot well, green dashed line is the production profile without huff 

and puff gas injection, the blue dashed line is the result using 50 days for injecting gas 

at 1 MMscf per day, the blue solid line is the result using 50 days for injecting gas at 

4 MMscf per day, the red dash line is the result using 100 days for injecting gas at 1 

MMscf per day, and the black dashed line is the result using 100 days for injecting 

gas at 4 MMscf per day. OOIP = 1.2953E6 STB. GID = Gas Injection duration, GIR 

= Gas injection rate. 
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CHAPTER EIGHT:  WELL CONTROL OPTIMIZATION  

 

8.1 Introduction  

The main goal of this Chapter is to compare the performance of stand-alone particle swarm 

optimization (PSO) and the optimization algorithm developed in this thesis, named 

Climbing-Swarms (CS), presented in Chapters Two and Five. The two algorithms were 

applied to solve a well control (WC) optimization problem for a well undergoing huff and 

puff (H&P) gas injection. The reservoir and wellbore parameters were presented in Table 

7-1 in the previous Chapter. In the next section, I describe the formulation for optimizing 

the well control problem, including treatment of boundary constraints. Finally, I discuss 

the effectiveness of both CS and stand-alone PSO to solve the well control optimization 

problem and compare the performance of both algorithms.  The conclusion is reached that 

CS developed in this thesis performs better than the stand-alone PSO. 

 

8.2 Problem and Objective Function Formulation 

The optimization problem involves determining the optimal well control parameters 

required to maximize oil recovery from a well, starting after approximately 30 months of 

primary production. I use undiscounted NPV as the objective function I seek to optimize 

in this chapter. The oil and gas production rates used for NPV calculations are functions of 

the optimization variables and are obtained from the semi-analytical material balance 

forecast developed by Orozco et al. (2018a and 2018b). I used the material balance forecast 

because it generates production forecasts faster than commercial numerical simulators. 
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This is significant to companies operating in unconventional reservoirs. I express the 

objective function I seek to optimize as: 

 

άὥὼ ὐὼ  ὗȢὖ Ȣρ Ὑ ὼ   ὅὼ Ȣρ Ὕ ȟ                        Equation 8-1 

                             ίόὦὮὩὧὸ ὸέ Ὣὼ π                                                                      

where *ὼ  is the objective function to be optimized and is equal to the undiscounted NPV, 

Ὣὼ  represents the vector of ά non-linear constraints in the problem (e.g. simulation-

based constraints); these constraints ensure the governing reservoir simulation equations 

are satisfied since the objective function is calculated using production data from a material 

balance forecast, ὼ defines and contain the possible optimization parameters associated 

with well controls (e.g. gas injection duration and gas injection rates) ,  ὗ  and ὖ are the 

cumulative volume of oil produced (STB) and price of oil ($/STB), respectively, R is the 

royalty rate, C is the total expenditure which includes oil and gas operating costs, and T is 

the tax rate. For NPV calculation, I have considered an Eagle Ford reservoir scenario where 

gas is located downdip of the same oil reservoir. Both oil and gas belong to the same 

company. Gas is not sold but is used only for H & P operation. As a result, only gas 

processing cost is incurred.  

 

Table 8-1 displays the allowable boundary constraints for the well control variables while 

running the PSO and CS algorithms. PTSC is the average reservoir pressure used to switch 

the well from production to gas injection status. The lower bound has been set to 2500 psi 
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to ensure the reservoir continues to produce above the reservoir bubble point pressure of 

2400 psi. The gas injection duration is the number of days gas will be injected into the 

reservoir and allowed to interact with oil in the matrix. The gas injection rate indicates how 

much gas per day is injected into the reservoir during the huff period.  Figure 8-1 shows 

the flowchart of the optimization procedure with CS or PSO.  

 

Table 8-1 ð Allowable boundary parameters associated with well controls. PTSC is 

pressure to switch cycle from production to gas injection.  

Optimization parameters Lower Bound Upper Bound 

PTSC, psi 2500 3500 

Gas Injection duration, days 30 60 

Gas Injection Rate, MMscf per day 2 4 
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Figure 8.1ð Flowchart of the well control optimization procedure with CS. WC = 

Well control. The swarm size for both PSO and CS is 20 particles. Other PSO and CS 

optimization parameters are stated in Chapter Two. Same flowchart was used for 

standalone PSO cases. 

 

8.3 Optimization Results and Performance Comparison 

Due to the stochastic nature of these optimization algorithms, each of the two methods is 

run three times starting with different initial guesses that are generated using uniform 

distribution but are subject to the same boundary constraints stated in Table 8-1. I 
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compared the performance of each of the optimization algorithms based on effectiveness 

(which algorithm on average provides the best solution), defined in Equation 8.2 as: 

 ɴ  В
╝╟╥░

╝

╝
░                                                                                                  Equation 8-2 

where ɴ  is effectiveness obtained from the average value of NPV, NPVi is the NPV per 

run, and N is the total number of runs. Similar performance indicators were applied by 

Isebor (2013) and Bangerth et al. (2006) for comparing the effectiveness of different 

optimization algorithms.  

 

Figure 8.2 ð Comparison of NPV improvements per iteration between stand-alone 

PSO and CS using simulations results from three runs. The swarm size for both PSO 

and CS is 20.  

 

Figure 8-2 shows comparisons between stand-alone PSO and CS based on the individual 

optimization runs. In general, CS outperforms the stand-alone PSO both in effectiveness 
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(higher NPV) and robustness. CS converges to better solutions quicker than stand-alone 

PSO as shown in Figure 8-2. It reached a higher quality solution from the 15th iteration 

and subsequent solutions only had small improvements in NPV prior to successful 

termination whereas. On the other hand, PSO reached higher quality solution only from 

39th iteration. A minimum of 1000 function evaluations, i.e., 50 iterations by 20 function 

evaluations were conducted in each algorithm to determine these results. Therefore, CS, 

which combines the benefit of global and local search algorithms, accelerates convergence 

to high quality solution and saves computational time and cost.  

 

Table 8-2 also summarizes results from the three runs.  Some key observations are as 

follows: 

1. Although Run 2 and Run 3 have the highest NPV for CS and PSO respectively, 

each of the runs under each optimization algorithm provided similar results despite 

starting with different initial guesses. 

2. Both CS and stand-alone PSO recommend gas injection rate of 4 MMscf per day. 

However, CS recommends lower gas injection duration while PSO indicates longer 

gas injection duration. Therefore, PSO incurs more gas processing costs leading to 

lower average NPV than CS. 

3. The fact that CS accelerates to higher quality solution and gives better results to 

stand-alone PSO suggest that the CS implementation is reasonable. 

4. Regardless of the optimization algorithm, these examples show the need for 

optimizing H&P parameters. For instance, at approximately 60 months of 
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production, the difference in recovery factor between actual H&P and optimized 

H&P operation using CS or PSO is about 8%. 

5.  A normal H&P operation can improve oil recovery by at least 10% when compared 

to primary production and optimizing the H&P operation can improve oil recovery 

by at least 15%. 

 

Table 8-2 ð Optimization results for three runs. Best result shown in bold numbers. 

  Run 1 Run 2 Run 3 Average 

CS 

PTSC psi 3452 3500 3500 3484 

Gas Injection duration, days 44.94 46.76 46.74 46.15 

Gas Injection rate, MMscf per 

day 

4.00 4.00 4.00 4.00 

Cumulative oil prod., MSTB. 485.56 489.44 489.44 488.15 

Oil recovery factor (%) 37.486 37.786 37.786 37.686 

NPV ($MM) 17.917 17.972 17.967 17.952 

      

      

      

PSO 

PTSC, psi 3500 3500 3500 3500 

Gas Injection duration, days 50.600 54.92 50.62 52.05 

Gas Injection rate, MMscf per 

day 

4.000 4.00 4.000 4.000 

Cumulative oil prod., MSTB. 490.240 490.20 490.31 490.25 

Oil recovery factor (%) 37.848 37.845 37.853 37.848 

NPV ($MM) 17.950 17.895 17.950 17.932 

      

Note: CS = Climbing Swarms; PSO = Particle Swarm Optimization. Pressure to switch cycle 

from oil production to gas injection (PTSC). 

 

Figures 8-2, 8-3, 8-4 and 8-5 show the best optimized results for each of CS and PSO 

algorithms (solutions are obtained from CS Run 2 and PSO Run 3). Testing the developed 
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CS algorithm on real field application demonstrates its usefulness in field development 

strategies to learn faster at lower cost. This is due to its ability to simultaneously optimize 

PTSC, gas injection duration and gas injection rates. Thus, with modest computational 

resources, faster field management decisions can be made using CS.   

 

 

Figure 8.3 ð Optimization results from the best solution obtained with CS (Run 2) 

and PSO (Run3) method. OOIP = 1.2953E6 STB. Green line shows primary recovery 

oil rates.  
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Figure 8.4 ð Optimization results from best solutions obtained with CS (Run 2) and 

PSO (Run3) free-derivative algorithms. OOIP = 1.2953E6 STB. Green line shows 

primary oil recovery  factor.  

 

 

Figure 8.5 ð Optimization results from best solutions obtained with CS (Run 2) and 

PSO (Run3) algorithms. OOIP = 1.2953E6 STB. Green line shows primary 

cumulative oil production.  
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CHAPTER NINE:  CONCLUSION AND RECOMMENDATIONS  

Understanding the origin of oil, gas and condensate, and the rocks where those fluids are 

stored is essential for field development optimization of shale reservoirs. This research 

addresses those issues as optimization methods are computationally expensive. And when 

more decision variables are incorporated into the optimization problem, the computational 

requirements increase even more. In this research, I introduced the Climbing-Swarms (CS) 

optimization algorithm, which provides advantages over existing field development 

optimization methods. Conclusions stemming from this thesis are divided into (1) 

petroleum origin and reservoir characterization, (2) field development optimization, and 

(3) huff and puff (H&P) gas injection. Key conclusions from this research are as follows: 

 

9.1 Petroleum Origin and Reservoir Characterization:  

 

1. A modified Pickett plot can be used for explaining millions of years of oil, 

condensate and dry gas generation in shale petroleum reservoirs. To reach this 

conclusion I have extended the Pickett plot from a snapshot in time (the moment in 

which well logs are run) to geologic times involving millions of years. 

 

2. A modified Pickett plot can be used for explaining critical porosity (Nur et al., 

1995) at which the system changes or transforms from iso-stress to solid-load 

bearing. I have extended the critical porosity concept to determination of critical 
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permeability, critical pore throat aperture and critical compressional or P velocity.  

 

3. The bulk volume water (BVW) values established by Devine (2014) are useful for 

delimiting oil generation when BVW ranges between 0.05 and 0.005 (catagenesis), 

and dry gas generation when BVW is smaller than 0.005 (metagenesis). 

 

4. The Pickett plot has been integrated for the first time with Biot poroelastic 

coefficient. This is valuable for helping solve drilling and completion problems and 

opens the way for use of pattern recognition and Pickett plots in the evaluation of 

rock mechanics problems.   

 

 

9.2 Field Development Optimization 

 

1. The new derivative-free algorithm, named Climbing-Swarms (CS) algorithm 

developed in this thesis, converges faster to a high-quality solution and provides 

better results than the stand-alone particle swarm optimization (PSO) algorithm.  It 

can be coupled with either a commercial reservoir simulator or a material balance 

for well design and control optimization required when dealing with real field 

development planning.  

2. CS algorithm in combination with a reservoir simulator and an economics module 

is a computational efficient method for determining the number of hydraulic 

fractures and wellbore trajectories that maximize the value of an oil field. 

3. Integration of reservoir engineering experience and economics knowledge into the 
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CS optimization algorithm by embedding practical constraints into the problem 

formulation ensures that a wellbore trajectory will stay within a feasible region of 

the search space. This will make it easier for the engineer to adapt the optimization 

results to actual petroleum fields. For example, the CS algorithm positions the 

wellbore in a trajectory that maximizes the value of the field instead of positioning 

it at the center of a heterogeneous reservoir model. 

4. The maximum NPV is not provided necessarily by the horizontal well with the 

largest number of hydraulic fractures or by the best location developed on the basis 

of a standard reservoir engineering perspective. An optimal field development plan 

that maximizes the NPV is essential for optimizing the placement of hydraulic 

fractures along a horizontal wellbore. 

 

9.3 Huff and Puff Gas Injection 

 

1. The PSO derivative-free optimization algorithm helps estimating when to start huff 

and puff (H&P) gas injection and refracturing (RF) operations in a shale reservoir 

in order to improve oil recovery. The optimized results show that for a given 

volume of gas injection, shorter gas injection periods at higher rates increase oil 

recovery during H&P. Optimum timing of RF given by the derivative-free 

optimization algorithm improves even more oil recovery. 

2. CS optimize well control variables for economic recovery during oil production 

operations. The essence of using an economic indicator such as NPV as 
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óperformance indexô instead of using cumulative oil recovery is important because 

the relationships between production performance (technical) and economics are 

often non-linear. For example, more gas injection or higher recovery factor does 

not necessarily lead to higher NPV since more gas processing costs will be incurred.  

3. Grouping oil wells by analogy and combining material balance with derivative-free 

optimization algorithms help to generate faster all possible field development 

options including H&P and RF. Multiple wells can be included in each group. 

Economic ranking of these groups of wells will help the operator to make better 

and faster decisions on how to prioritize the development of petroleum assets. A 

new economic yardstick, net total economic value (NTEV), is introduced in this 

thesis. It calculates the net present value for a summation of values that is not 

periodic and as such NTEV helps determining the optimum H&P operation in a 

given shale oil reservoir. 

 

9.4 Recommendations and Future Work 

 

The following areas are recommended for future work: 

1. Investigate possible use of the semi-analytical material balance model coupled with 

CS algorithm for optimizing wellbore trajectory in a shale petroleum reservoir. 

2. The improved oil recovery (IOR) method considered in this thesis involves H&P 

gas injection and re-fracturing. Investigate possible application of this optimization 

procedure in other IOR problems such as water and chemical flooding. 
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APPENDIX A: SCREEN SHOTS OF PERMEABILITY MEASUREMENTS USING 

DARCYLOG  

Sample 1 ï Top Depth =  2465m MD 

  

Sample 2 ï Top Depth = 2470m MD 

  

 
















